
1 

Lignite: Past, 
Present and 

Future? 
Jason Bohrer 

Lignite Energy Council 

Presenter
Presentation Notes
GO SLOW / INVITE TEACHERS TO ASK QUESTIONSProvocative title – let’s do a little classroom experiment and see how much we know about mining in our region.First, how many people attending today didn’t know that lignite was coal. Unless you grew up in North Dakota, you may not have even heard of lignite. 

jjblasy
Text Box
APPENDIX B



2 

CO2 Rules 
 Section 111(d)  

• EPA promulgates regulations 
establishing a federal-state process 
for setting standards of 
performance limiting emissions 
from existing sources for pollutants 
not otherwise regulated in other 
specified sections of the Act. 

• Mass. v. EPA 
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Source: EPA Carbon Regulation Proposal 
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CO2 Rules 
 Final Clean Power Plan sets 

state-specific CO2 goals 
• Interim Goal, which must be met on 

average during the years of 2022-
2029 

• Final Goal for 2030 and beyond. 
• EPA has shifted the compliance 

start date from 2020 to 2022 
• 32% reduction in CO2 from 2005 
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CO2 Rules 
 In the proposed rule, each state’s 

goal was in the form of an 
average rate of emissions per net 
MWh 
 The proposed rule then gave 

states the flexibility to convert the 
rate-based goal into a mass-
based goal using a methodology 
determined by the state. 
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CO2 Rules 
 In the Final Rule, EPA specifically 

set state goals in three forms, 
which it deems equivalent: 
• A rate-based goal measured in 

pounds of CO2 per megawatt hour 
• A statewide goal covering the mass 

emissions of existing state units 
• A mass-based state goal which 

includes emissions from both 
existing and new affected EGUs. 
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CO2 Rules 
 EPA established each state goal 

by determining a national “best 
system of emission reduction” 
(BSER) 
 Clean Air Act Requirement 
 Inside vs. outside the fence 
 BSER has included installing 

scrubbers, low emission 
combustion technology, 
pretreatment of fuels 
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CO2 Rules 
 Block 1, improving the average 

efficiency (or “heat rate”) of coal-
fired steam EGUs. The proposed 
rule assumed coal plants can, on 
average, improve heat rates by 
6% by 2020. The final rule sets an 
expected level of heat rate 
improvement ranging from 2.1% 
to 4.3% based on the geographic 
location of facilities. 
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CO2 Rules 
 Block 2, displacing fossil steam 

generation by increasing 
generation from existing NGCC 
facilities 
• The final rule determines the 

amount of redispatch from fossil 
steam EGUs in each interconnected 
electric grid 

• Assumes NGCC units can operate 
at up to 75% of net summer 
capacity. 
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CO2 Rules 
 Block 3, reducing fossil fuel-fired 

generation through increased 
zero-carbon generation.  
• The final rule does not include 

nuclear components  
• Does not count existing renewable 

generation or achievable new 
distributed solar generation 

• Generation from biomass 
• Replaces the RPS metric with a 

metric based on regional technical 
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CO2 Rules 
  Block 3 

• Replaces the RPS metric with a 
metric based on regional technical 
potential for incremental renewable 
generation.  

• The result is that the final rule 
significantly expands assumed 
renewable generation and the 
stringency of block 3.  
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CO2 Rules 
  EPA has not assumed that end-

use energy efficiency that 
reduces demand from EGUs is 
part of BSER (previously Building 
Block 4).  
• EPA continues to emphasize that 

energy efficiency is a compliance 
option that may be incorporated 
into state plans, and the agency 
predicts substantial use of energy 
efficiency measures. 
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Legal Challenges 
  Legal Theories 

• BSER is not an entire grid 
• Inside vs. outside the fence 
• Coal plants already regulated under 

section 112 
 Legal Timeline 

• Decision on stay by March 2016 
• Decision on merits in Fall 2017 
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Legal Challenges 
  Legal timeline means it is not an 

industry solution 
 A stay is a victory but still leaves 

uncertainty 
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Compliance Options and Costs 
  Reduce amount of coal burned 

 Partial CO2 capture at all plants 
 Full CO2 capture at subset of 

plants 
 Coordinate retirement of old 

plants with construction of new 
plants with CO2 capture 
 Renewable Credit Market 
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Compliance Options and Costs 
  Increase renewables and novel 

storage 
 Add CO2 free resources 
 New nuclear or nuclear with 

combined heat and power 
 Co-fire existing plants with gas 
 Co-fire existing plants with 

biomass 
 Federal Plan (FIP) 
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Compliance Options and Costs 
  Each option deals with load 

growth in different ways 
• Clean Power Plan’s “leakage” 

provision is not supposed to 
regulate plants built for load growth 

• Could approach this as two 
separate problems: load growth and 
CPP 
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Compliance Options and Costs 
  Reduce amount of coal burned by 

approximately 45% 
 Name Size in MW Year Built Tons of Coal/Year # of Employees 

Antelope Valley 900 1984 5.2M 211 

Coal Creek 1,100 1908 6.9M 230 

Coyote 427 1981 2.5M 415 

Dakota Gas N/A 1984 5.6M 636 

Heskett 100 1954 380,000 49 

Leland Olds 656 1966 3.5M 165 

Milton R. Young 700 1977 4.4M 169 

Spiritwood 99 2013 100,000 24 

Stanton 188 1966 850,000 (PRB) 65 
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Compliance Options and Costs 
  Reduce amount of coal burned by 

approximately 45% 
 Name Customer Mine Owner Tons mined/year # of Employees 

BNI Coal Milton R. Young ALLETE 3.7M 165 

Falkirk Mine Coal Creek North American 7.6M 387 

Freedom Mine Dakota Gas 
Antelope Valley 
Leland Olds 

North American 13.8M 428 

Center Mine Coyote Westmoreland 2.9M 

 Coyote Mine  Coyote Station North American   
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Compliance Options and Costs 
 Besides some of the lowest-cost electricity in the country, North 

Dakota’s coal-fired power plants provide 16,000 jobs, $3 billion in 
annual economic activity, and $100 million in tax revenues each 
year. 

 Severance and Conversion tax revenue sharing is a significant 
source of revenue for counties in coal country. 
 
 
 
 
 
 

• 70% of severance tax is returned to the counties in which the coal was produced. 
• 15% of conversion tax is returned to the counties in which the coal was 

converted. 

Total Severance Tax Paid to Counties in 2014 $7,465,438 
Counties General Fund $2,986,175 

Schools $2,239,631 
Cities $2,239,631 

Total Conversion Tax Paid to Counties in 2014 $5,715,346 
Counties General Fund $2,286,138 

Schools $1,714,604 
Cities $1,714,604 
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Compliance Options and Costs 
  Partial CO2 capture at all plants 

• No Commercial Example 
• Most work has focused on 

achieving capture rates closer to 
90% 

• Increased infrastructure costs at all 
plants 
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Compliance Options and Costs 
  Full CO2 capture at subset of 

plants 
• Boundary Dam is example 
• ~$800M for 100mw 
• Sequesters CO2 in oil fields 

 We need to capture CO2 from 
~1800mw 
• Oil partner? 
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Compliance Options and Costs 
  Coordinate retirement of old 

plants with construction of new 
plants with CO2 capture 
• Kemper County is an example of 

this technology 
• Permitting uncertainty 
• $6B Costs 
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Compliance Options and Costs 
  Renewable Credit Market 

• Uncertainty over availability of 
credits 

• $200-$400M per year to comply 
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Compliance Options and Costs 
  Increase renewables and novel 

storage 
• 6000-8000 megawatts of new 

generation if we want to keep coal 
plants 

• Pumped hydropower storage 
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Compliance Options and Costs 
  Add other CO2 free resources 

• Nuclear 
• $10-14B for a new facility 
• Public Acceptance 
• Utility uncertainty 
• Could solve load growth problem 

and contribute to “rate-based” 
solution 

• Potential CHP solution 
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Compliance Options and Costs 
  Co-fire existing plants with gas 

 Co-fire existing plants with 
biomass 
• Availability of biomass is serious 

constraint 
• Boiler design 
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Compliance Options and Costs 

 Federal Plan (FIP) 
• On August 3rd, the EPA released a model federal plan to 

impose on states in the event they fail to submit a state plan, 
or EPA finds the state plan to be inadequate. 

• EPA is taking comment on the proposed federal plan through 
January 21, 2016. 

• Provides for either a mass-based or rate-based trading 
program. 

• States would be required to purchase allowances for a mass-
based program, or Emission Reduction Credits (ERC) for a 
rate-based program. 

• Would essentially setup a “cap and trade” system. 
• The Congressional Budget Office estimated costs of 

complying with cap and trade to be $110 billion in 2020, or 
$890 per household.  

 
https://www.cbo.gov/sites/default/files/111th-congress-2009-2010/reports/06-19-capandtradecosts.pdf  

https://www.cbo.gov/sites/default/files/111th-congress-2009-2010/reports/06-19-capandtradecosts.pdf
https://www.cbo.gov/sites/default/files/111th-congress-2009-2010/reports/06-19-capandtradecosts.pdf
https://www.cbo.gov/sites/default/files/111th-congress-2009-2010/reports/06-19-capandtradecosts.pdf
https://www.cbo.gov/sites/default/files/111th-congress-2009-2010/reports/06-19-capandtradecosts.pdf
https://www.cbo.gov/sites/default/files/111th-congress-2009-2010/reports/06-19-capandtradecosts.pdf
https://www.cbo.gov/sites/default/files/111th-congress-2009-2010/reports/06-19-capandtradecosts.pdf
https://www.cbo.gov/sites/default/files/111th-congress-2009-2010/reports/06-19-capandtradecosts.pdf
https://www.cbo.gov/sites/default/files/111th-congress-2009-2010/reports/06-19-capandtradecosts.pdf
https://www.cbo.gov/sites/default/files/111th-congress-2009-2010/reports/06-19-capandtradecosts.pdf
https://www.cbo.gov/sites/default/files/111th-congress-2009-2010/reports/06-19-capandtradecosts.pdf
https://www.cbo.gov/sites/default/files/111th-congress-2009-2010/reports/06-19-capandtradecosts.pdf
https://www.cbo.gov/sites/default/files/111th-congress-2009-2010/reports/06-19-capandtradecosts.pdf
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NERA Economic Consulting Cost Estimates 

 $300 billion total compliance costs from 2022 to 2030. 
 $39 billion annually. 
 Double-digit electricity price increases in 40 states. 
 For North Dakota: 

• 43% average annual increase in electricity price. 
• 62% peak year increase in electricity price. 

 

 Estimate is based on electric generation costs (including 
purchasing of allowances), energy efficiency costs, and increased 
natural gas cost for non-electric consumers. 

 Estimate does NOT include potential costs for electric 
transmission and distribution, or additional natural gas 
infrastructure. 
 
 

 http://www.americaspower.org/wp-content/uploads/2015/11/NERA-CPP-Final-Nov-7.pdf  

 

http://www.americaspower.org/wp-content/uploads/2015/11/NERA-CPP-Final-Nov-7.pdf
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Energy Ventures Analysis Cost Estimates 

 $214 billion total compliance costs by 2030. 
 Double digit electricity price increases in 46 states. 
 $64 billion to replace lost power capacity serving 24 million 

homes. 
 For North Dakota: 

• 23.8% increase in wholesale* electricity price by 2030. 
• Wholesale electricity price is 12% higher by 2022, and 24% higher by 2030. 

 

 Estimate is based on a mass-based trading program.  $214 billion 
represents the nationwide increase in wholesale electric prices 
consumers would pay in the absence of the Clean Power Plan, as 
well as $64 billion to replace an estimated 41 gigawatts of power 
plant capacity that will be prematurely closed. 

*Retail costs can range from 1-3 times the wholesale price. 

 
 http://nma.org/attachments/article/2372/11.13.15%20NMA_EPAs%20Clean%20Power%20Plan%20%20An%20Economic%20Impact%20Analysis.pdf  

 

http://nma.org/attachments/article/2372/11.13.15%20NMA_EPAs%20Clean%20Power%20Plan%20%20An%20Economic%20Impact%20Analysis.pdf
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Long Term Outlook 
  Federal Policy 

• Legislative 
• Research and Development 

 State Policy 
• Research and Development 

 Legal Victory  
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Federal R&D 
  Advanced Clean Coal Technology 

Investment in Our Nation Act 
• Senator Heitkamp’s Bill 

 Carbon Capture Improvement Act 
(CCIA)  
• Private activity bonds issued by 

local or state governments to 
finance a carbon capture project 

 



33 

State R&D 
  Lignite Research Council 

• Allam Cycle 
• LP Amina 
• Capture on existing plants 
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Allam Cycle Update 
  The Allam Cycle is not a 

compliance option 
 Next Generation Technology 

• Oxy-fired 
• Uses super-critical CO2 as working 

fluid 
• 100% CO2 capture 
• High Pressure/temperature- 

reduced size   
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Reduction in costs from: 
Steam turbine 

HRSG 

Steam piping/equipment 

Water-gas shift reactor 

COS hydrolysis 

AGR/sulfur recovery unit 

NOX control unit/SCR unit 

Syngas cooler 

Solvents/catalysts 

GTC 2014 28 October 2014 36 | Allam 
Cycle 

  
lower capital cost and 
reduced system complexity 
create a lower projected 
LCOE 

Notes 
• Lu et al. Oxy-Lignite Syngas Fueled Semi-Closed Brayton Cycle Process Evaluation (2014) 
• Total Plant Cost and O&M costs were estimated for lignite-fired system in conjunction with EPRI; AACE Class 5 estimate 
• Cost data for other technologies is taken from NETL baseline reports (Vol. 3, 2011) 
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GTC 2014 28 October 2014 37 | Allam 
Cycle 

Allam Cycle Coal 
simplifies power from 
coal gasification 1 Gasifier Island 3 Potential downstream 

DeSNOX Process 

H2O 
H2SO4 
HNO3 

1 

3 

Core Allam Cycle 
Process 

(plus downstream cleanup 
system in grey box) 

Additional required components: 

• High efficiency with existing 
gasifier technologies 

• Minimal gasifier integration 
required, low complexity 

• Overall process simplification 

2 Low-grade HX 
Syngas compression 

2 

Efficiency (100% CCS) LHV HHV 

Gross Turbine Output 76.3% 72.5% 

Coal handling & milling -0.2% -0.2% 
ASU  -10.2% -9.7% 

CO2, Syngas Compressor -9.1% -8.7% 
Other Auxiliaries (CO2 pump, 

compressor, gasifier, etc.) -6.5% -6.1% 

Net Efficiency 50.3% 47.8% 
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Development 
Pathway 

Technology 
Feasibility  

Study 

Proof of Concept 

Further R&D, Partnerships, Funding, Pilot Plant Design 

Pilot Plant Initial 
Operation – 
3 to 5 years 

Pilot Plant 
Construction 

Prove the Technology 

Commercial Plant 
Partnerships,  

Funding, Design 

Scale-up to 
Commercial Operation 

Commercial Plant 
Construction  
and Operation 

2012-2014: $1 million 

2019-2020 construction 
2021-2025 initial operation 
Cost: $200 to $400 million 

Mid 2020s 

STAGE 3 STAGE 4 

STAGE 1  

Engineering 
Design Studies 

(Pre-FEED & 
FEED) 

Completed 

We are  
Here 

Cycle and Key  
Component  

Design 

2015-2018: $30 million 

STAGE 2  

Metallurgy, 
Gas Cleanup, 

Gasifier Testing 
& Selection 

From 8 Rivers:  Need $30 million total              to 
complete Stage 2 actions with                        $15 

million coming from North Dakota team   

02/05/15 
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Next steps 

 Lignite Research Council proposal 
• $3,180,000 Total project cost 
• $1,480,000 from the research fund  
• Matching funds and in-kind 

contributions will come from the DOE, 
Basin Electric and ALLETE. 

• Technology developer 8 Rivers will also 
contribute $500,000 in the form of in-
kind contributions.  
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 Increased R&D 
 New Power Cycles 
 Oil partnerships 
 Biggest Challenge is time 
 Keep coal industry up to date, alive 

while pursuing technology 

North Dakota’s Potential 
Response 
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ABSTRACT 

Objective: The Allam Cycle is a novel power generation cycle that uses supercritical CO2 as the 

working fluid in the turbine, eliminating the traditional energy penalty associated with vaporization of 

water. The team leading this project has been working through early stages of development of the Allam 

Cycle for 3 years, including through a North Dakota Industrial Commission (NDIC) grant to complete an 

initial feasibility study on the technology and parallel development work on the Allam Cycle fueled with 

natural gas. This initial grant culminated in a final report delivered to NDIC and the Lignite Research 

Council (LRC) in February 2014 which concluded that the technology holds promise for the lignite 

industry but that further development work is needed on key aspects of the cycle before any pilot or 

commercial application is pursued. This proposed effort will build off of past work led by the industrial 

partners and current work under way by 8 Rivers Capital, LLC (8 Rivers) to overcome the barriers 

presented when fueling the Allam Cycle with North Dakota lignite. This lignite design needs further 

development to assess the challenges of operating key equipment in a syngas environment and to identify 

the best gasifier and combustor design to support the power cycle on North Dakota lignite.  

Expected Results: The knowledge gained from the development of the natural gas-fueled Allam Cycle 

will aid in designing to overcome barriers presented when fueling the Allam Cycle with North Dakota 

lignite. Expected results include identifying the best gasifier, materials of construction, impurity removal 

systems, and syngas combustor design, all for the lignite-fueled case. 

Duration: The duration of the proposed project is 12 months (December 1, 2015, to November 30, 

2016). 

Total Project Cost: The total estimated cost of the proposed project is $3,180,000. The Energy & 

Environmental Research Center (EERC) is requesting $1,480,000 from the state through NDIC. 

Participants: Participants are the EERC; the U.S. Department of Energy, NDIC through LRC and the 

Lignite Energy Council; Basin Electric Power Cooperative, ALLETE, Inc.; and 8 Rivers. 
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PROJECT SUMMARY 

A unique and experienced team of key partners has come together to continue the development of a 

lignite-based Allam Cycle. The team brings together the industry expertise of North Dakota lignite 

owners and users, the research expertise of the premier North Dakota lignite and CO2 technology 

development organization, and the technology expertise of the technology owner and developer. The 

team consisting of the Energy & Environmental Research Center (EERC), 8 Rivers Capital, LLC  

(8 Rivers) and the North Dakota Industrial Commission (NDIC) Lignite Energy Council (LEC) is 

proposing to develop a lignite-based Allam Cycle in support of an industry team comprised of ALLETE, 

Inc., and Basin Electric Power Cooperative (BEPC). The proposed effort will build off of a road map for 

the development of high-efficiency advanced coal cycles, which focuses on the Allam Cycle technology 

as the most fully developed to date. This road map was recently created by the project team research 

leads for LEC. Key barriers identified in the road map for the lignite-based system requiring further 

research and development include corrosion, impurity management, gasifier selection, and syngas 

combustor design. This specific project work is a key step on the path to develop the revolutionary 

technology. While the end goal is focused on the development of a mature lignite-based Allam Cycle, the 

work identified during this phase can largely be applied to other supercritical CO2 (sCO2) power cycles. 

 The project matches NDIC Lignite Research Council (LRC) goals through the promotion of 

efficient and clean use of lignite in order to maintain and enhance development of North Dakota lignite. 

The ultimate development and application of generation technology for this power system would preserve 

jobs and create new jobs involved in the production and utilization of North Dakota lignite. Additionally, 

the technology would ensure economic stability and future growth in the lignite industry through 

continued improved efficiency and production of captured CO2 as a salable product. Funding for the 

proposed effort will come from state, industry, and federal sources.  

 The total estimated cost of the proposed project is $3,180,000. The EERC is requesting $1,480,000 

from the state through the NDIC LEC. The EERC anticipates matching this funding with existing federal 
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sponsorship in the amount of $900,000 from DOE, which has already been awarded through Agreement 

No. DE-FE0024233, and $125,000 each from the industrial partners ALLETE and BEPC. In addition, the 

industrial partners will provide $25,000 each in the form of in-kind services, and the technology owner 

and developer, 8 Rivers, will provide $500,000 in the form of in-kind contributions.  

PROJECT DESCRIPTION 

Objectives: This proposed effort will build off of past and current work conducted by the industrial 

partners and 8 Rivers to overcome barriers presented when fueling the Allam Cycle with North Dakota 

lignite. A copy of the report for this work can be found in Appendix F. A design utilizing lignite is more 

complex than a design fueled with natural gas and requires additional equipment within the power system, 

including a coal gasifier. The proposed lignite-based design needs further development to assess the 

challenges of integration of the system components and to identify key risks of the design. Project 

objectives will focus on the development of a North Dakota lignite-fueled power system. Specific needs 

are to identify the best gasifier, materials of construction, impurity removal systems, and syngas 

combustor design as well as other key challenges to further development. 

Methodology: The ultimate goal of the proposed project is to address barriers (as identified in the 

Allam Cycle technology road map developed for LEC) and develop knowledge that will support the 

deployment of commercially viable low-carbon power generation technologies for the next generation of 

coal-fired power plants. To achieve that goal, the EERC will conduct a series of evaluations of coal 

gasifiers, impurity removal technologies, and materials properties and perform laboratory, pilot, and 

modeling activities focused on promising options. In order to meet the goals of this project, the following 

are key objectives: 

 Identify potential gasification technologies to support the Allam Cycle with North Dakota 

lignite. 
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 Determine potential corrosion challenges, and identify material selection in key areas 

associated with the Allam Cycle. 

 Consider syngas combustor designs and integration. 

 Identify economically viable near-commercial technologies to support the removal of 

impurities, both pre- and postcombustion. 

 Determine next steps required for continued cycle development and further progress on the 

development road map based on the outcome of these efforts. 

 In order to meet the goals and objectives of the project, five tasks have been identified. 

Task 1 – Corrosion Study. The results of the corrosion study have the potential to have a great impact 

on overall system design. There are concerns regarding the ability of heat exchanger materials to 

withstand a strongly acidic and corrosive environment if sulfur, nitrogen, chlorine, and other species are 

left in the syngas prior to combustion. Removal of these impurities after the heat exchanger presents an 

opportunity to improve overall system efficiency and cost. Precombustion removal is a standard 

commercially available process that will provide high system reliability, but overall system efficiency 

may be reduced.  

 The corrosion study will be divided into two activities. First, several materials specified by 8 

Rivers and the EERC will be screened over a short duration using static testing in CO2–water 

environments with and without sulfur, nitrogen, and other contaminants. The EERC will conduct three 

separate long-duration corrosion tests using selected metallic materials in a 2-gallon autoclave. These 

tests will consist of loading preweighed, photographed, and surface-analyzed coupons in a water bath. 

The water bath will contain selected concentrations of O2, CO2, SO2, NOx, and HCl. These tests will 

expose the coupons at two different temperatures with the same gas composition to examine the effects of 

temperature on corrosion while operating at a constant pressure (approximately 30 bar). In addition, a 

long-duration test will be performed with the trace acid gas compositions reduced in a stream with a high 

CO2 concentration. The long-duration test will be conducted at the temperature that exhibited the highest 
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corrosion rate with the acid gas species. This test will aid in determining the effect of trace acid gas 

impurities in the presence of condensed water and also establish the baseline corrosion rate for a carbonic 

acid solution.  

 Scanning electron microscopy, energy-dispersive spectrometry, and cross-sectional analysis will be 

performed on the coupons to gain a preliminary understanding of the mechanisms of corrosion. The 

results will help to move toward an understanding of the required impurity removal process, guide in the 

selection of recommended materials, and help determine corrosion management strategies. This initial 

screening technique will be used to down-select to a manageable number of candidate materials that merit 

further evaluation in a dynamic testing environment. In addition, the project team will work to identify the 

best partner to evaluate the candidate materials as part of subsequent efforts. 

 The outcome of Task 1 will be a section in the final report summarizing the work completed, 

lessons learned to steer subsequent testing, final results, and recommendations regarding material 

selection for key area(s) of the sCO2 cycle. Problem impurities confirmed or identified in Task 1 are 

interrelated to Task 3 – Impurity Removal. 

Task 2 – Gasifier Selection and Syngas Stability. Gasifier selection is of critical importance to 

successful deployment of Allam Cycle technology for lignite-derived syngas. Initial studies have been 

completed to evaluate the potential efficiency of each gasification system with lignite. The team has 

agreed that fuel specifications will be based on input from the North Dakota sponsors. Fuel selection may 

consist of a single North Dakota lignite with known compositional ranges or a series of fuels that 

represent a specific range of properties. The tighter the compositional range, the more certain the gasifier 

selection.  

 The EERC will lead the gasifier selection effort. First, a short list of gasification technologies will 

be developed based on work completed to date by 8 Rivers and EERC experience with testing the 

performance of lignite coal with various gasifier technologies. Key vendor data will then be gathered for 
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the short list of technologies that will enable their detailed evaluations of the short-listed technologies. 

The data will be gathered through existing relationships of 8 Rivers and the EERC with the manufacturers 

of various commercial gasifier systems. 

 Specifications and the composition of syngas derived from the various technologies will be 

compiled and used to determine design needs for the combustion system. Expected compositional 

variations will need to be known in order to adequately design the combustion system for stable 

operation. Gasifier selection is interrelated to Task 3 – Impurity Removal and Task 4 – Syngas 

Combustion. 

 Of the many considerations to be addressed, the issues with full quench versus partial quench and 

syngas cooler system design need to be considered as part of this task. The major gasification vendors 

typically offer direct quench options as well as heat recovery options through steam generation. The 

EERC is also currently developing a quench technology, and although development is in the early stage, it 

may be a good fit for this application. The team needs to weigh operational stability with direct quench 

design versus improved efficiency with heat recovery and capital costs. Input from gasifier vendors will 

also be important for design decisions and capital cost considerations. Syngas cooler fouling is heavily 

dependent on the composition of the fuel; therefore, fuel selection will be of critical importance in 

determining quench selection. 

 Heat recovery integration of the gasification system with the sCO2 cycle is of critical importance in 

successful technology development. Integrated heat recovery increases overall system efficiency, thereby 

directly reducing the cost of electricity. The EERC will work with 8 Rivers to determine the best options 

for heat integration. Gasifier design and quench selection will be essential design parameters for the heat 

integration study. 

 Process optimization and performance modeling will be undertaken by 8 Rivers and the EERC to 

support down-selection of suitable gasifiers based on the integrated design. A front-running gasifier 
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technology will be selected as a deliverable of this project. However, as the project moves forward in 

subsequent phases, other technologies may be considered as a result of further impurity, corrosion, or cost 

challenges. 

Task 3 – Impurity Removal. The results of the corrosion study will feed directly into the impurity 

removal study. If heat exchanger materials can withstand CO2 containing high levels of sulfur, NOx, and 

other trace species, then postcombustion impurity removal technologies will likely be considered. If 

critical materials challenges are encountered, then studies will focus on commercially available 

precombustion processes (such as Rectisol® and Selexol™), with considerations also made for cutting-

edge technologies including the near-commercial-ready Research Triangle Institute (RTI) process. Other 

technologies may need to be considered for the removal of trace contaminant such as Hg and As. 

 The EERC will conduct 4 to 5 weeks of testing utilizing its existing equipment to validate various 

impurity removal concepts. A gasification–combustion system combined with a gas-sweetening column 

can be used to test both pre- and postcombustion removal processes. This system was designed for a 

Selexol-type solvent in a packed column but was built to be versatile enough to handle a wide range of 

other solvents. For precombustion cleanup testing, the unit will be utilized to demonstrate the use of the 

gas-sweetening solvent to remove the H2S and other trace acid gases and trace metals. The amount of CO2 

removed by the solvent will be minimized while optimizing for the overall economics of the process 

(including sulfur end product and life-cycle analysis). If the team decides to move forward with 

evaluation of postcombustion processes, the EERC can utilize existing equipment to test removal 

concepts and prove the ability to remove both sulfur and NOx species as well as trace contaminants.  

 For postcombustion cleanup testing, high-pressure flue gas will be generated by operating the 

EERC’s fluid-bed gasifier (Appendix B) as an oxygen-fired fluid-bed combustor. This system is designed 

for operating as an oxygen-blown fluid-bed gasifer with a recycle loop to allow different fluidization 

velocities, independent of any desired oxygen and steam-to-fuel ratio. This same gas recycle capability 
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will allow for the recycle of high-concentration-CO2-laden flue gas to the system, producing a coal-

derived flue gas enriched in CO2, with little nitrogen content. The postcombustion absorption unit will be 

tested at various temperatures, pressures, and liquid and flue gas flow rates as well as varying amounts of 

makeup water/solvent and saturated water/solvent being discharged from the process to determine a 

performance envelope for the particular postcombustion control process.  

 During the evaluation of postcombustion technologies, where the contacting solvent fluid is water, 

the intent is to closely look primarily at the effects of operating pressure and inlet concentrations on the 

removal efficiencies of SO2, NOx, and possibly other trace acid gas impurities such as HCl and other 

volatile trace metals such as arsenic, selenium, mercury, and cadmium or nickel. Testing will involve 

utilizing a set of flue gas analyzers around the inlet and outlet of the postcombustion test system for 

measuring SO2 and NOx reductions while also analyzing trace metals. In addition, the absorber water will 

be analyzed for these same trace metals as well as sulfuric and nitric acid anions to help determine the 

collection efficiency of the absorption water/solvent. The flash drum gas flow and composition will also 

be measured to determine how much CO2 was dissolved in the water/solvent. The test campaigns will 

utilize fuels that fall within the specifications provided by the sponsors. Additional testing is planned for 

evaluating at a sulfur-scrubbing solvent such as the Shell Cansolv process to determine how it may 

perform at elevated pressures. Other absorption solvents also may be considered. Trace metal removal 

will also be measured around this absorption solvent.  

 Of additional importance will be understanding the potential for buildup of trace species in the 

recycle system. Trace elements have the potential to build up over time if they are not removed in a 

control process. Coal contains dozens of species that could remain in the system through the turbine and 

end up in the recycle loop. The EERC will undertake experimental design of the testing programs. Kinetic 

modeling activities based on the empirical data from the above tests will be performed by the EERC. The 

kinetic data will then be used by 8 Rivers to update its full system model to evaluate the buildup of 

impurities. 
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Task 4 – Syngas Combustion. Development of the syngas combustor is considered to be a key 

element for a successful Allam Cycle coal development program. The syngas combustor design will build 

off of an existing effort led by 8 Rivers for design of a natural gas combustor. Design of the syngas 

combustor is dependent on the outcomes of the aforementioned studies.  

 8 Rivers will competitively source an appropriate partner with specialized experience in combustor 

design to support design and simulation of the combustor. The EERC will support definition of design 

specifications based on results of other studies as well as provide input to the testing program. The EERC 

will provide the pertinent design information, including gas composition, variation, and concentration of 

various impurities. The EERC will also work with 8 Rivers to evaluate the potential to host the pilot-scale 

syngas combustor demonstration in EERC facilities, taking advantage of existing infrastructure. Task 4 

will provide critical information for the next phase of the design of the commercial-scale combustion 

system. 

Task 5 – Management and Reporting. The planning, management, and reporting of project tasks 

will be conducted by EERC personnel for the duration of the proposed period of performance. Task 5 will 

also include a focus on project coordination to ensure results from each of the technical activities are used 

as inputs and to guide all other project activities. Specific activities to be conducted under Task 5 include 

the preparation of quarterly progress reports according to sponsor requirements, the preparation of a 

comprehensive project final report, and the planning and execution of project status meetings for project 

partners. Technology transfer activities will include, at a minimum, the presentation of results at relevant 

technical conferences and meetings with project partners. In addition, an advisory committee will be 

formed comprising the industry partners, LEC, and DOE, and input from committee members will help to 

guide the technical project activities and maintain the commercial focus. This program will be executed 

by the EERC and 8 Rivers on behalf of the industry team led by ALLETE and BEPC. 
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Anticipated Results: The barriers of gasifier selection, corrosion management, impurity removal, and 

syngas combustor design will be addressed as they apply to a lignite-fueled Allam Cycle. Expected results 

include selecting the best gasifier, materials of construction, impurity removal systems, and syngas 

combustor design, all for the lignite-fueled case. The technology road map will be refined and updated to 

guide subsequent efforts to commercialize the technology. 

Facilities: A description of the EERC facilities to be used for the work under Task 1 and Task 2 can be 

found in Appendix B. The modeling activities will be performed at the EERC and 8 Rivers with existing 

computing facilities. 

Resources: The analyses will be performed by a team of industry experts, with the primary services 

being provided by the EERC and 8 Rivers, utilizing their existing research facilities, modeling software, 

electric generation experience, and coal gasification expertise. Additional project advisory services will 

be provided in kind by industry sponsors ALLETE and BEPC. 

Techniques to Be Used, Their Availability, and Capability: This study will build off of previous 

modeling work performed by the project team and ongoing assessments for a natural gas case. Additional 

empirical data on corrosion and impurity removal will also enhance the development of new models for 

the lignite case. The EERC and 8 Rivers will utilize Aspen software as the main modeling tool. Aspen 

software has modules to evaluate economics, kinetics, and heat and material balances for complex 

processes. 

Environmental and Economic Impacts while Project Is under Way: The proposed project will 

have minimal environmental impact as it is contained within existing permitted facilities while 

simultaneously supporting development of technology to improve efficiency and minimize emissions. 

The bulk of funding for this program will be spent in North Dakota, thereby having an immediate 

economic impact. The project has strong potential to support future growth of the lignite industry in North 

Dakota, which currently has a $3 billion economic impact on the state.   
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Ultimate Technological and Economic Impacts: The project will result in furthering the 

development of a promising clean coal generation technology, which is needed to maintain and grow the 

$3 billion lignite production and utilization industries in North Dakota.  Development of a generation 

technology that could operate at substantially higher system efficiencies than current coal-based 

generation would not only allow for a more economical system but also result in production of fewer 

ultimate emissions. Coupled with the fact that the technology offers no atmospheric air emissions and low 

water usage, the technological and economic impacts of furthering this technology development for North 

Dakota lignite are substantial. 

Why the Project Is Needed: The project is needed to provide additional pathways for the future use of 

North Dakota lignite and to provide alternative options for clean coal electric generation using North 

Dakota lignite. 

 The project also furthers the objectives of NDIC and the goals of LRC by: 

1) Promoting economical, efficient, and clean uses of lignite, and maintaining and enhancing 

development of North Dakota lignite utilization. 

2) Preserving and potentially creating jobs in the production and utilization of North Dakota 

lignite. 

3) Ensuring economic stability and growth through further future utilization of North Dakota 

lignite for electric generation. 

STANDARDS OF SUCCESS 

Successfully addressing barriers to the development of a sCO2 cycle such as the Allam Cycle fueled with 

lignite will result in scale-up to a pilot-scale system. The EERC will work closely with project partners 

after conclusion of a successful project to address work on the detailed design of the pilot-scale system. 

The project partners will be working to develop the specific details of the continued technology 

development and commercialization plan and will identify the technical challenges for lignite application 
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in subsequent work. The expertise provided by the project participants will enable successful scale-up of 

the Allam Cycle technology in subsequent activities. The testing performed in this program will enable 

the project team to consider future options for this technology. 

BACKGROUND 

The Allam Cycle is a sCO2 power generation cycle that operates with a high-pressure, oxy-fuel combustor 

burning gaseous fuel. The process is designed for utility-scale power generation, with “first-generation” 

turbines producing ~300 MWe from each train. Combustion creates a CO2-rich (>90%) working fluid that 

operates in a semiclosed loop, high-pressure, low-pressure-ratio Brayton cycle. This working fluid is 

expanded through a single compact turbine operating with an inlet pressure of approximately 300 bar and 

inlet temperature of <1200°C. The turbine exhaust flow, at 30 bar pressure, is cooled to below 70°C by 

the economizer heat exchanger and then further cooled to atmospheric temperature using standard cooling 

towers. This enables liquid water derived from fuel combustion to be separated. The remaining stream of 

predominantly CO2 is compressed and pumped to the required high pressure and reheated in the 

economizer heat exchanger for return to the combustor in order to dilute the combustion products and 

lower the turbine inlet temperature to the necessary level. The energy required to raise the pressure of the 

CO2 from 30 to 300 bar is minimized by first compressing to above the critical point, thereby forming a 

dense-phase fluid that can then be more efficiently pumped to 300 bar. This cycle is extremely simple and 

able to achieve high efficiency on natural gas (59% lower heating value [LHV]) and low cost by 

eliminating the steam cycle and associated turbines, boilers, heat recovery steam generators (HRSGs), and 

required piping. The Allam Cycle also inherently captures the CO2 generated by combustion without 

additional capture or compression equipment or energy losses. Simplified process diagrams are depicted 

in Figure 1. More detailed information on cycle operation has been published in various publications 

(Allam et al., 2013a, 2014). 
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Figure 1. Simplified flow sheets of the natural gas Allam Cycle (left) and the coal-based Allam Cycle 

(right). 

 The Allam Cycle system has undergone significant development since its invention to reduce 

technology risk (Allam et al., 2010, 2012). Additionally, although it is a novel cycle, most components of 

the system can be found in commercial use at the required duty. The primary exception is the combustor 

and turbine, which have been under development by Toshiba since 2012 (Toshiba, 2012). The turbine 

operates at 300 bar, which is within typical pressures seen in conventional steam turbines, and at 

temperatures <1200°C, which is below temperatures seen in conventional gas turbines. The turbine has 

been operating on a natural gas combustor test rig since January 2013 at the full conditions (pressure, 

flow, temperatures, and stream compositions) experienced in the Allam Cycle. The turbine will be further 

tested at full operating conditions beginning in 2017 as part of a 25-MW electric natural gas-fired 

demonstration program (NET Power, 2014). 

 The coal-based Allam Cycle has the advantage of utilizing the basic process described above, along 

with its associated cost and performance benefits, but with a coal-derived syngas fuel generated by a coal 

gasifier. Similar to a conventional integrated gasification combined cycle (IGCC) plant, this entails coal-

processing equipment, a gasifier, and additional processes for removal and treatment of coal-related 
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impurities. Three advantageous aspects of the coal-based Allam Cycle that require special consideration 

when designing optimum system integration are the following: 

 Potential high gross efficiency of the base Allam Cycle enables the use of quench-type 

gasifiers instead of gasifiers with syngas coolers that are often required by IGCC systems to 

boost overall efficiency. Quench-type gasifiers are widely deployed in the petrochemical 

industry and provide greater process simplification with a corresponding reduction in capital 

cost, higher reliability by avoiding the potential for deposition and plugging in syngas coolers 

due to condensation of contaminants, and the well-proven ability to scrub the syngas to high 

purity levels. 

 The unique conditions of the CO2 working fluid are well-suited for more simplified cleanup of 

SOx and NOx impurities instead of the large precombustion scrubbing plants typically used by 

IGCC plants. These simplified processes have been studied for use in oxycombustion cycles 

where oxidized SOx and NOx species are present in addition to excess O2 and liquid H2O at 

higher pressure (>15 bar) (Murciano et al., 2011). Adaptation of this technology would further 

increase system simplicity and flexibility and reduce overall costs. 

 Since the working fluid is sCO2, it is desirable for the CO to remain in the fuel syngas; thus 

there is no need for modification of the CO:H2 ratio (via a water-gas shift [WGS] reaction) to 

favor production of H2. Eliminating the need for a WGS reaction increases the total energy 

yield in the coal-to-syngas process, thereby reducing fuel consumption.  

 The coal-based Allam Cycle has been the subject of several feasibility, design, and academic 

analyses that provide a sound understanding of anticipated cost and performance of the cycle when 

integrated with various commercial gasification and cleanup systems (Allam et al., 2013b,c [Appendix F]; 

Forrest et al., 2015). This work has shown that the system can perform with a baseload efficiency of up to 

52% LHV utilizing commercially available gasification systems and with full carbon capture. This 

concept is a large improvement over new advanced ultrasupercritical pulverized coal (USCPC) at 40% 
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LHV and IGCC at 42% LHV, each of which operates without carbon capture (efficiency of these systems 

is significantly lower with carbon capture) (Parsons Brinckerhoff, 2013). Furthermore, the coal-based 

Allam Cycle has been found to achieve large capital cost savings. The cost and performance benefits of 

the Allam Cycle over existing USCPC and IGCC systems are even more substantial when costly carbon 

capture systems are considered for those legacy systems.  

Coal Gasification Fundamentals: The coal gasifier is a critical component of the coal-based Allam 

Cycle. Coal gasification is a process in which coal is reacted with steam and oxygen at temperature and 

pressure to form H2 and CO. Pressures can range from atmospheric to 1200 psi, and temperatures can 

range from about 1200° to over 2900°F. In addition to the typically desired products, H2 and CO, many 

other by-products are formed during gasification such as CO2, CH4, H2S, COS, HCl, NH3, higher 

hydrocarbons, tars and oils, and particulate matter. The biggest challenge with any gasification system is 

dealing with the inorganic components in the coal and matching gasifier design to fuel-specific properties 

and desired end products. The use of lignite in a gasifier can create additional challenges with high 

moisture and sodium in the ash. Gasifiers are typically configured as fixed beds, fluidized beds, moving 

beds, or entrained flow. Each gasifier type has strengths and weaknesses depending on the fuel used and 

the desired end products. Gasifier selection depends on both the application and coal characteristics. 

Gas Cleanup Fundamentals: Conventionally, cold-gas cleanup methods have been employed to 

remove contaminants from coal gasification syngas streams. Methods such as Rectisol or Selexol are 

commercially available and highly effective at removing contaminants but are also very costly from a 

capital and operational perspective. Economic benefits can be realized by utilizing warm- or hot-gas 

cleaning techniques. DOE has stated that thermal efficiency increases of 8% over conventional techniques 

can be realized by integrating warm-gas cleanup (WGCU) technologies into IGCC plants (Klara, 2006).  

 Work has been performed at the EERC in conjunction with DOE to develop methods to remove 

contaminants from syngas to low levels. The WGCU train is capable of removing sulfur, particulate, 
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chlorine, and trace metals including mercury at temperatures above 400°F. All of the technologies utilized 

are considered either commercial or near-commercial in development. One such test involved gasification 

of Texas lignite in the EERC’s transport reactor development unit (TRDU), with a slipstream of gas being 

sent to the WGCU train (Stanislowski and Laumb, 2009). Figure 2 shows the test setup and a sampling of 

the results from the test.  

 

Figure 2. Gasification and gas cleanup process diagram with test results (Stanislowski and 
Laumb, 2009). 

 

 Sulfur in the form of hydrogen sulfide and carbonyl sulfide was removed in a transport-style gas–

solid contactor at temperatures between 600° and 1000°F. The system was capable of reducing sulfur to 

single-digit ppm levels in the syngas. Particulate was removed in a hot-gas filter vessel (HGFV) that 

provided near-absolute filtration using candle filters. Mercury and trace elements were removed with a 

proprietary sorbent. A high-temperature WGS catalyst significantly increased the hydrogen concentration 

in the gas stream while reducing CO. A sulfur-polishing bed removed hydrogen sulfide to concentrations 

below 0.2 ppm. A chlorine guard bed was used in front of the low-temperature WGS catalyst to prevent 
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poisoning. Carbon monoxide was reduced to 0.1% in a low-temperature shift bed, and hydrogen was 

maximized. If the system were run under oxygen-fired conditions, the resulting syngas would contain 

combined H2 and CO2 levels greater than 90%.  

QUALIFICATIONS 

EERC Team: The EERC is one of the world’s major energy and environmental research organizations. 

Since its founding in 1949, the EERC has conducted research, testing, and evaluation of fuels, 

combustion and gasification technologies, emission control technologies, ash use and disposal, analytical 

methods, groundwater, waste-to-energy systems, and advanced environmental control systems. Today’s 

energy and environmental research needs typically require the expertise of a total-systems team that can 

focus on technical details while retaining a broad perspective.  

 Mr. Michael Holmes, the Director of Energy Systems Development at the EERC, will be the 

principal investigator and will be the lead on Task 5 – Project Management. Mr. Holmes currently 

oversees fossil energy research areas at the EERC, including coproduction of hydrogen, fuels, and 

chemicals with electricity in gasification systems; advanced energy systems; emission control technology 

projects involving mercury, SO2, NOx, H2S, and particulate; and CO2 capture technology projects. Mr. 

Holmes’s principal areas of interest and expertise include CO2 capture; fuel processing; gasification 

systems for coproduction of hydrogen, fuels, and chemicals with electricity; process development and 

economics for advanced energy systems; and emission control (air toxics, SO2, NOx, H2S, and particulate 

technologies). He has managed numerous large-scale projects in these areas. Mr. Holmes has an M.S. 

degree in Chemical Engineering and a B.S. degree in Chemistry and has 29 years of experience in 

research and project management. 

 Mr. John Kay, Principal Engineer for Emissions and CO2 Capture at the EERC, will serve as the 

lead for Task 1 – Corrosion Study. Mr. Kay manages bench-, pilot-, and demonstration-scale 

postcombustion CO2 separation equipment used for technology development activities. His work also 
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includes the development of cleanup systems to remove SOx, NOx, particulate, and trace elements to 

render flue gas clean enough for separation. Mr. Kay has a B.S. degree in Geological Engineering and has 

performed and/or managed laboratory research projects for 23 years.  

 Mr. Jason Laumb, Principal Engineer for Coal Utilization at the EERC, will serve as a lead for 

Task 3 – Impurity Removal. Mr. Laumb leads a multidisciplinary team of scientists and engineers whose 

aim is to develop and conduct projects and programs related to power plant performance, environmental 

control systems, the fate of pollutants, CO2 capture/sequestration, computer modeling, and health issues 

for clients worldwide. Efforts are focused on the development of multiclient, jointly sponsored centers or 

consortia that are funded by government and industry sources. Current research activities include 

computer modeling of combustion/gasification and environmental control systems, use of selective 

catalytic reduction (SCR) technologies for NOx control, mercury control technologies, hydrogen 

production from coal, CO2 capture technologies, particulate matter analysis and source apportionment, 

and the fate of mercury in the environment. Computer-based modeling efforts utilize various kinetic, 

systems engineering, thermodynamic, artificial neural network, statistical, computation fluid dynamics, 

and atmospheric dispersion models. These models are used in combination with models developed at the 

EERC to predict the impacts of fuel properties and system operating conditions on system efficiency, 

economics, and emissions. Mr. Laumb has an M.S. degree in Chemical Engineering, a B.S. degree in 

Chemistry, and 15 years of experience in research and project management. 

 Mr. Joshua Stanislowski, Principal Process Engineer at the EERC, will serve as the lead for  

Task 2 – Gasifier Selection and Syngas Stability. Mr. Stanislowski has managed gasification projects at 

the EERC for the past 10 years, including evaluating the performance of various lignite fuels in 

commercial gasifier configurations. He holds M.S. and B.S. degrees in Chemical Engineering, with his 

thesis work focused on the impact of coal-derived impurities on the performance of hydrogen separation 

membranes. Prior to his current position, Mr. Stanislowski served as a process engineer for Innovex, Inc. 

His principal areas of expertise include fossil fuel conversion with emphasis on hydrogen separation and 
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CO2 capture, gasification system analysis, pollution control, and process modeling. He has extensive 

experience with Aspen software and systems engineering, process controls, and project management. 

 Dr. Michael L. Swanson, Principal Engineer for Fuels Conversion at the EERC, will serve as lead 

for Task 4 – Syngas Combustion. Dr. Swanson is currently involved with the demonstration of advanced 

power systems such as pressurized fluidized-bed combustors and IGCC, with an emphasis on hot-gas 

cleanup issues. He received a Ph.D. degree in Energy Engineering, a M.B.A., and M.S. and B.S. degrees 

in Chemical Engineering. Dr. Swanson’s principal areas of expertise include pressurized fluidized-bed 

combustion, IGCC, hot-gas cleanup, coal reactivity in low-rank coal combustion, supercritical solvent 

extraction, and liquefaction of low-rank coals. Dr. Swanson is a member of the American Institute of 

Chemical Engineers and the American Chemical Society.  

Industry Partners: The industry partners for this project are ALLETE and BEPC. ALLETE is the 

parent company of Minnesota Power and BNI Coal. ALLETE has had a presence in the North Dakota 

energy industry since it acquired BNI Coal in 1988 and has been a partner in electric generation utilizing 

North Dakota lignite since the Milton R. Young Station Unit 2 was constructed in 1977. Past ALLETE 

research efforts have looked on using North Dakota lignite for emission control applications and 

developing previous lignite-fueled clean coal electric generation projects. 

 The other industry funding partner for this Project, BEPC (and subsidiary of Dakota Gasification 

Company), also has substantial ties to the North Dakota lignite industry and to both electric generation 

utilizing lignite and gasification of lignite. BEPC brings valuable experience that will help the project 

through increasing the understanding of what types of equipment and systems will work for a cycle 

design using North Dakota lignite and what types will not work. This experience also extends to 

understanding the challenges of operating a system such as the Allam Cycle and what future 

considerations need to be addressed to further this technology design. 
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Technology Owner and Developer: 8 Rivers is an innovation and technology commercialization 

firm that has invented and developed the novel oxy-fuel thermodynamic power cycle known as the Allam 

Cycle. 8 Rivers is focused on further developing, improving, and commercializing the Allam Cycle 

platform for the specific application of utilizing solid fuels. 8 Rivers draws on a team of diverse talents in 

areas such as scientific research, applied engineering, financial analysis, and business management.  

8 Rivers invented the Allam Cycle and has been leading the work in further researching and developing 

the Allam Cycle for multiple commercial applications. 8 Rivers holds the primary patent on the Allam 

Cycle (U.S. Patent No. 8,596,075) and other patents and patent applications related to it, including for the 

solid and mixed fuel application concept (U.S. Patent No. 8,596,075).  

VALUE TO NORTH DAKOTA 

The North Dakota lignite industry, which has a $3 billion economic impact on the state, is severely 

challenged under the myriad of new environmental regulations. The continued health of the industry is in 

jeopardy if solutions to carbon emissions are not developed that support ongoing lignite-fueled electric 

generation. Technology solutions must be competitive and reasonable to meet utility resource planning 

needs and continue to provide stability to the nation’s transmission and distribution systems.  

 Because of these challenges, and in order to secure North Dakota lignite’s future in continued 

energy production, novel and innovative technologies are needed to improve efficiency and reduce the 

CO2 footprint of the fuel. Advanced, highly efficient technologies such as the Allam Cycle provide a 

promising route for continued use of lignite at higher efficiency with lower cost and with lower CO2 

emissions. The Allam Cycle has been identified by the state’s industrial leaders as one of the most 

promising options for clean and efficient power generation. Demonstration of an advanced technology 

that can utilize the state’s abundant resources to provide valuable products is critical to ensure continued, 

increased, and responsible lignite use for decades to come.  

In addition to the benefits to the lignite industry in North Dakota, the oil and gas industry will also 

have a need for CO2 in the future in order to maintain high levels of oil production. The Allam Cycle 
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inherently produces a pure stream of CO2 at elevated pressure and, therefore, is a promising option to 

meet future demand for CO2 in North Dakota while supporting continued use of lignite as the generation 

fuel. 

MANAGEMENT 

The project manager will be Mr. Michael Holmes, who will focus on ensuring the overall success of this 

project by providing experienced management and leadership to all activities within the project. Mr. 

Holmes will ensure that the project is carried out within budget, schedule, and scope. Mr. Holmes will 

also be responsible for the effective communication between all project partners and EERC project 

personnel. Resumes of key personnel are included in Appendix A. The management structure for this 

project is shown in Figure 3. 

 Once the project is initiated, monthly or as-needed conference calls will be held with project 

sponsors and team members to review project status. Quarterly reports will be prepared and submitted to 

project sponsors for review. Regular meetings will be held to review the status and results of the project 

and discuss directions for future work. 

 

Figure 3. Project management structure. 
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 Several milestones and decision points have been identified for the program. Milestones include 

viability of postcombustion technology, completion of materials selection, gasifier selection, and selection 

of an impurity removal system. The timing of the milestones and decision points is indicated on the time 

line in Figure 4. 

TIMETABLE AND DELIVERABLES 

A time line for the project activities is shown in Figure 4. The project is anticipated to be initiated by 

December 1, 2015, and completed by November 30, 2016. The primary deliverable will be the final 

report, due upon completion of the project. This project will provide results in the form of a study report 

including information regarding the most feasible system, and materials, the best candidate gasifiers, the  

 

Figure 4. Project schedule and milestones. 

possible gas cleanup systems, and the key challenges to further development of this technology fueled on 

North Dakota lignite. 

 The final report will address the following: 

1) Identification of the candidate materials of construction for a sCO2 power system design 

fueled using North Dakota lignite. 

2) Determination of which current market components (gasifier, impurity removal) best fit the 

Allam Cycle components (syngas combustor, turbine) and power cycle design. 
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3) Further completion of performance and preliminary economic modeling to determine 

expected performance characteristics. 

4) Identification of the key challenges moving forward associated with integrating and operating 

this power cycle using North Dakota lignite as the fuel where further development could be 

required. 

 The final report is the deliverable in which the state has the intellectual property rights provided in 

Administrative Code Section 43-03-06-03. The technological information underlying the study cannot be 

subject to this code provision as that constitutes preexisting intellectual property of 8 Rivers and was not 

developed with funding from this grant application.  

BUDGET 

The total estimated cost of the proposed project is $3,180,000. Budget details can be found in Table 1. 

NDIC LEC is asked to provide $1,480,000 for this project, and the remaining $1,700,000 will be provided 

by DOE and industry partners as detailed in the funding distribution in Table 3. Table 2 provides a 

breakdown of labor categories and hours for the project. The budget justification can be found in 

Appendix D. If the requested amount of funding is not available, then the proposed objectives will be 

unattainable because project success is directly tied to the integration of the various technical activities. 

MATCHING FUNDS 

Funding for the proposed effort will come from state, industry, and federal sources. The total estimated 

cost of the proposed project is $3,180,000. The EERC is requesting $1,480,000 from the state through 

NDIC LEC. The EERC anticipates matching this funding with existing federal sponsorship in the amount 

of $900,000 from DOE, which has already been awarded through Agreement No. DE-FE0024233, and 

$125,000 each from the industrial partners ALLETE and BEPC. In addition, the industrial partners will 

provide $25,000 each in the form of in-kind services, and the technology owner and developer, 8 Rivers, 

will also provide $500,000 in the form of in-kind contributions.  
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Table 1. Project Budget 

 

Table 2. Project Labor Hours

 
 

 Table 3 shows the distribution of funds for the project. 

 

 

CATEGORY
Total Labor 515,990$     585,613$           1,101,603$   
Travel 19,123$       14,642$             33,765$        
Equipment > $5000 15,000$       -$                       15,000$        
Supplies 13,188$       22,594$             35,782$        
Subcontractor – 8 Rivers Capital 480,000$     -$                       480,000$      
Communications 464$            460$                  924$             
Printing & Duplicating 540$            379$                  919$             
Food 236$            529$                  765$             
Laboratory Fees & Services    

Natural Materials Analytical Research Lab 15,328$       4,546$               19,874$        
Analytical Research Lab -$                 2,472$               2,472$          
Combustion Test Service 19,611$       63,162$             82,773$        
Particulate Analysis Lab 3,967$         541$                  4,508$          
Fuel Preparation Service 1,918$         -$                       1,918$          
Continuous Fluidized-Bed Reactor Service 15,182$       24,842$             40,024$        
Graphics Service 4,410$         976$                  5,386$          
Shop & Operations 4,873$         7,657$               12,530$        
Technical Software Fee 31,266$       25,846$             57,112$        

Total Direct Costs 1,141,096$  754,259$           1,895,355$   
Facilities & Admin. Rate – %  of MTDC 338,904$     395,741$           734,645$      
Total Cash Requested – U.S. Dollars 1,480,000$  1,150,000$        2,630,000$   

Total In-kind Cost Share -$                 550,000$           550,000$      

Total Project Costs – U.S. Dollars 1,480,000$  1,700,000$        3,180,000$   

SHARE SHARE TOTAL
LEC OTHER COST PROJECT

Labor Categories LEC Share
Other Cost 

Share
Total per 
Category

Research Scientists/Engineers 4,454             4,955                9,409                
Research Technicians 545                711                   1,256                
Mechanics/Operators 561                869                   1,430                
Senior Management 170                165                   335                   
Technical Support Services 111                176                   287                   

Total per Task 5,841           6,876               12,717            

Labor Hours
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Table 3. Funding Distribution 

Service Provider 
Cost for Services  
to Be Provided 

In-Kind Services 
to Be Provided Total Budget 

EERC $2,150,000 $ – $2,150,000 
8 Rivers  $480,000* $500,000 $980,000 
ALLETE $ – $25,000 $25,000 
BEPC $ – $25,000 $25,000 
Project Budget $2,630,000 $550,000 $3,180,000 

*8 Rivers is a subcontractor through the EERC. 

TAX LIABILITY 

The EERC, as part of the University of North Dakota, is a state-controlled institution of higher education 

and is not a taxable entity; therefore, it has no tax liability. 

MANUFACTURING WAIVER REQUIREMENT 

The EERC requests, as a part of this application, that NDIC provide a waiver for the requirements listed 

in Chapter 43-03-06-04 of the North Dakota Administrative Code in reference to having all 

manufacturing of new technology or systems substantially occur in the state of North Dakota. Since this 

project involves a feasibility study and design of a new power system, there will be no manufacturing that 

will occur as a part of this project. However, if an additional phase of research and development occurs 

beyond this feasibility study to further the potential for application of this technology, the EERC cannot 

commit on behalf of the technology provider that any manufacturing of equipment will be completed in 

North Dakota and asks for a waiver of this requirement to not hinder further development of this 

promising technology. 

CONFIDENTIAL INFORMATION 

No confidential material is included in this proposal. 
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PATENTS/RIGHTS TO TECHNICAL DATA 

The technological information underlying the study cannot be subject to this code provision as that 

constitutes preexisting intellectual property of 8 Rivers and was not developed with funding from this 

application.  
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MICHAEL J. HOLMES 
Director of Energy Systems Development 

Energy & Environmental Research Center (EERC), University of North Dakota (UND) 
15 North 23rd Street, Stop 9018, Grand Forks, North Dakota 58202-9018 USA 
Phone: (701) 777-5276, Fax: (701) 777-5181, E-Mail: mholmes@undeerc.org 

 
Principal Areas of Expertise 
Mr. Holmes’s principal areas of interest and expertise include CO2 capture; fuel processing; 
gasification systems for coproduction of hydrogen, fuels, and chemicals with electricity; process 
development and economics for advanced energy systems; and emission control (air toxics, SO2, 
NOx, H2S, and particulate technologies). He has managed numerous large-scale projects in these 
areas. In addition, he currently oversees Fossil Energy areas of research at the EERC in his role 
as Deputy Associate Director for Research. 
 
Qualifications 
M.S., Chemical Engineering, University of North Dakota, 1986. 
B.S., Chemistry and Mathematics, Mayville State University, 1984. 
 
Professional Experience 
2005–Present: Director of Energy Systems Development, EERC, UND. Mr. Holmes currently 
oversees fossil energy research areas at the EERC, including coproduction of hydrogen, fuels, 
and chemicals with electricity in gasification systems; advanced energy systems; emission 
control technology projects involving mercury, SO2, NOx, H2S, and particulate; and CO2 capture 
technology projects. 
 
2001–2004: Senior Research Advisor, EERC, UND. Mr. Holmes was involved in research in a 
range of areas, including emission control, fuel utilization, process development, and process 
economic evaluations. Specific duties included marketing and managing research projects and 
programs, providing group management and leadership, preparing proposals, interacting with 
industry and government organizations, designing and overseeing effective experiments as a 
principal investigator, researching the literature, interpreting data, writing reports and papers, 
presenting project results to clients, and presenting papers at conferences. 
 
1986–2001: Process Development Engineer (Principal Research Engineer), McDermott 
Technology, Inc., Alliance, Ohio. Mr. Holmes’s responsibilities included project management 
and process research and development for projects involving advanced energy systems, 
environmental processing, combustion systems, fuel processing, and development of new 
process measurement techniques. He also served as Project Manager and Process Engineer for 
projects involving evaluation of air toxic emissions from coal-fired power plants; development of 
low-cost solutions for air toxic control focused on mercury emissions; development of wet and 
dry scrubber technologies; demonstration of low-level radioactive liquid waste remediation; in-
duct spray drying development; development of improved oil lighter burners; limestone injection 
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multistaged burning; the ESOx process; the SOx–NOx–Rox Box™ process; and the limestone 
injection dry-scrubbing process. 
 
Professional Memberships 
Fuel Cell and Hydrogen Energy Association 

– Board of Directors, 2011–present 
– Executive Member, 2011–present 
– Technical Chair for the 2011 Fuel Cell and Hydrogen Energy Association Conference 

National Hydrogen Association 
– Board Member, 2004–2011 
– Executive Committee Member, 2009–2010 
– Cochair of Hydrogen from Coal Group, 2008–2010 

Subbituminous Energy Coalition 
– Board Member, 2003–2008 

Mountain States Hydrogen Business Council 
– Board Member, 2009–2010 

Tau Beta Pi 
 
Patents 
Collings, M.; Aulich, T.R.; Timpe, R.C.; Holmes, M.J. System and Process for Producing High-

Pressure Hydrogen. U.S. Patent 8,182,787, May 22, 2012. 

Holmes, M.J.; Ohrn, T.R.; Chen, C.M.-P. Ion Transport Membrane Module and Vessel System 
with Directed Internal Gas Flow. U.S. Patent 7,658,788, Feb 9, 2010. 

Holmes, M.J.; Pavlish, J.H.; Olson, E.S.; Zhuang, Y. High Energy Dissociation for Mercury 
Control Systems. U.S. Patent 7,615,101 B2, 2009. 

Holmes, M.J.; Pavlish, J.H.; Zhuang, Y.; Benson, S.A.; Olson, E.S.; Laumb, J.D. Multifunctional 
Abatement of Air Pollutants in Flue Gas. U.S. Patent 7,628,969 B2, 2009. 

Olson, E.S.; Holmes, M.J.; Pavlish, J.H. Sorbents for the Oxidation and Removal of Mercury. 
U.S. Patent Application 2005-209163, Aug 22, 2005. 

Olson, E.; Holmes, M.; Pavlish, J. Process for Regenerating a Spent Sorbent. International Patent 
Application PCT/US2004/012828, April 23, 2004. 

Madden, D.A.; Holmes, M.J. Alkaline Sorbent Injection for Mercury Control. U.S.  
Patent 6,528,030 B2, Nov 16, 2001. 

Madden, D.A.; Holmes, M.J. Alkaline Sorbent Injection for Mercury Control. U.S.  
Patent 6,372,187 B1, Dec 7, 1998. 

Holmes, M.J.; Eckhart, C.F.; Kudlac, G.A.; Bailey, R.T. Gas Stabilized Reburning for NOx 
Control. U.S. Patent 5,890,442, April 6, 1999. 

Holmes, M.J.; Eckhart, C.F.; Kudlac, G.A.; Bailey, R.T. Gas Stabilized Reburning for NOx 
Control. U.S. Patent 5,890,442, Jan 23, 1996. 

Holmes, M.J. Three-Fluid Atomizer. U.S. Patent 5,484,107, May 13, 1994. 

Bailey, R.T.; Holmes, M.J. Low-Pressure Loss/Reduced Deposition Atomizer. U.S.  
Patent 5,129,583, March 21, 1991. 
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Awards 
Accepted the 2010 Robert M. Zweig Public Education Award for Hydrogen on behalf of the 

EERC. 
Lignite Energy Council Distinguished Service Award, Government Action Program 

(Regulatory), 2005. 
Lignite Energy Council Distinguished Service Award, Research and Development, 2003. 
Member of the Tau Beta Pi – Engineering Honor Society. 
 
Publications and Presentations 
Has authored or coauthored more than 120 publications and presentations. 
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JOHN P. KAY 
Principal Engineer, Emissions and Carbon Capture Group Lead 

Energy & Environmental Research Center (EERC), University of North Dakota (UND) 
15 North 23rd Street, Stop 9018, Grand Forks, North Dakota 58202-9018 USA 

Phone: (701) 777-4580, Fax: (701) 777-5181, E-Mail: jkay@undeerc.org 
 
Principal Areas of Expertise 
Mr. Kay’s principal areas of interest and expertise include applications of solvents for removing 
CO2 from gas streams to advance technology and look toward transformational concepts and 
techno-economic assessments. He has 6 years of experience in field testing site management and 
sampling techniques for hazardous air pollutants and mercury control in combustion systems 
along with10 years of experience utilizing scanning electron microscopy (SEM), x-ray 
diffraction (XRD), and x-ray fluorescence (XRF) techniques to analyze coal, fly ash, biomass, 
ceramics, and high-temperature specialty alloys. He is also interested in computer modeling 
systems, high-temperature testing systems, and gas separation processes and is a FLIR Systems, 
Inc.-certified infrared thermographer.  
 
Qualifications 
B.S., Geological Engineering, University of North Dakota, 1994. 
Associate Degree, Engineering Studies, Minot State University, 1989. 
 
Professional Experience 
2011–Present: Principal Engineer, Emissions and Carbon Capture Group Lead, EERC, UND. 
Mr. Kay’s responsibilities include management of CO2 separation research related to bench-, 
pilot-, and demonstration-scale equipment for the advancement of the technology. This also 
includes the development of cleanup systems to remove SOx, NOx, particulate, and trace 
elements to render flue gas clean enough for separation. 
 
2005–2011: Research Manager, EERC, UND. Mr. Kay’s responsibilities included the 
management and supervision of research involving the design and operation of bench-, pilot-, 
and demonstration-scale equipment for development of clean coal technologies. The work also 
involved the testing and development of fuel conversion (combustion and gasification) and gas 
cleanup systems for the removal of sulfur, nitrogen, particulate, and trace elements. 
 
1994–2005: Research Specialist, EERC, UND. Mr. Kay’s responsibilities included conducting 
SEM, XRD, and XRF analysis and maintenance; creating innovative techniques for the analysis 
and interpretation of coal, fly ash, biomass, ceramics, alloys, high-temperature specialty alloys, 
and biological tissue; managing the day-to-day operations of the Natural Materials Analytical 
Research Laboratory; supervising student workers; developing and performing infrared analysis 
methods in high-temperature environments; and performing field work related to mercury 
control in combustion systems. 
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1993–1994: Research Technician, Agvise Laboratories, Northwood, North Dakota. Mr. Kay’s 
responsibilities included receiving and processing frozen soil samples for laboratory testing of 
chemical penetration, maintaining equipment and inventory, and training others in processing 
techniques utilizing proper laboratory procedures. 
 
1991–1993: Teaching Assistant, Department of Geology and Geological Engineering, UND. Mr. 
Kay taught Introduction to Geology Recitation, Introduction to Geology Laboratory, and 
Structural Geology. Responsibilities included preparation and grading of assignments and 
administering and grading class examinations. 
 
1990–1992: Research Assistant, Natural Materials Analytical Laboratory, EERC, UND. Mr. 
Kay’s responsibilities included operating an x-ray diffractometer and interpreting and 
manipulating XRD data, performing software manipulation for analysis of XRD data, 
performing maintenance and repair of the XRD machine and sample carbon coating machine, 
preparing samples for XRD and SEM analysis, and performing point count analysis on the SEM. 
 
Professional Memberships 
ASM International 
American Ceramic Society 
Microscopy Society of America 
 
Publications and Presentations 
Has authored or coauthored numerous publications. 
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JASON D. LAUMB 
Principal Engineer, Coal Utilization Group Lead 

Energy & Environmental Research Center (EERC), University of North Dakota (UND) 
15 North 23rd Street, Stop 9018, Grand Forks, ND 58202-9018 USA 

Phone: (701) 777-5114, Fax: (701) 777-5181, E-Mail: jlaumb@undeerc.org 
 
Principal Areas of Expertise 
Mr. Laumb’s principal areas of interest and expertise include biomass and fossil fuel conversion 
for energy production, with an emphasis on ash effects on system performance. He has 
experience with trace element emissions and control for fossil fuel combustion systems, with a 
particular emphasis on air pollution issues related to mercury and fine particulates. He also has 
experience in the design and fabrication of bench- and pilot-scale combustion and gasification 
equipment. 
 
Qualifications 
M.S., Chemical Engineering, University of North Dakota, 2000. 
B.S., Chemistry, University of North Dakota, 1998. 
 
Professional Experience 
2008–Present: Principal Engineer, Coal Utilization Group Lead, EERC, UND. Mr. Laumb’s 
responsibilities include leading a multidisciplinary team of 30 scientists and engineers whose aim 
is to develop and conduct projects and programs on power plant performance, environmental 
control systems, the fate of pollutants, computer modeling, and health issues for clients 
worldwide. Efforts are focused on the development of multiclient jointly sponsored centers or 
consortia that are funded by government and industry sources. Current research activities include 
computer modeling of combustion/gasification and environmental control systems, performance 
of selective catalytic reduction technologies for NOx control, mercury control technologies, 
hydrogen production from coal, CO2 capture technologies, particulate matter analysis and source 
apportionment, the fate of mercury in the environment, toxicology of particulate matter, and in 
vivo studies of mercury–selenium interactions. Computer-based modeling efforts utilize various 
kinetic, systems engineering, thermodynamic, artificial neural network, statistical, computation 
fluid dynamics, and atmospheric dispersion models. These models are used in combination with 
models developed at the EERC to predict the impacts of fuel properties and system operating 
conditions on system efficiency, economics, and emissions. 
 
2001–2008: Research Manager, EERC, UND. Mr. Laumb’s responsibilities included supervising 
projects involving bench-scale combustion testing of various fuels and wastes; supervising a 
laboratory that performs bench-scale combustion and gasification testing; managerial and 
principal investigator duties for projects related to the inorganic composition of coal, coal ash 
formation, deposition of ash in conventional and advanced power systems, and mechanisms of 
trace metal transformations during coal or waste conversion; and writing proposals and reports 
applicable to energy and environmental research. 
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2000–2001: Research Engineer, EERC, UND. Mr. Laumb’s responsibilities included aiding in 
the design of pilot-scale combustion equipment and writing computer programs that aid in the 
reduction of data, combustion calculations, and prediction of boiler performance. He was also 
involved in the analysis of current combustion control technology’s ability to remove mercury 
and studying in the suitability of biomass as boiler fuel. 
 
1998–2000: SEM Applications Specialist, Microbeam Technologies, Inc., Grand Forks, North 
Dakota. Mr. Laumb’s responsibilities included gaining experience in power system performance 
including conventional combustion and gasification systems; a knowledge of environmental 
control systems and energy conversion technologies; interpreting data to predict ash behavior 
and fuel performance; assisting in proposal writing to clients and government agencies such as 
the National Science Foundation and the U.S. Department of Energy; preparing and analyzing 
coal, coal ash, corrosion products, and soil samples using SEM/EDS; and modifying and writing 
FORTRAN, C+, and Excel computer programs. 
 
Professional Memberships 
American Chemical Society 
 
Publications and Presentations 
Has coauthored numerous professional publications. 
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JOSHUA J. STANISLOWSKI 
Principal Process Engineer 

Energy & Environmental Research Center (EERC), University of North Dakota (UND) 
15 North 23rd Street, Stop 9018, Grand Forks, North Dakota 58202-9018 USA 

Phone: (701) 777-5087, Fax: (701) 777-5181, E-Mail: jstanislowski@undeerc.org 
 
Principal Areas of Expertise 
Mr. Stanislowski’s principal areas of interest and expertise include coal and biomass gasification 
systems with an emphasis on novel syngas cooling, cleanup, and separation technologies. He has 
worked extensively with hydrogen separation membrane systems and liquid fuels catalysis. He is 
proficient in process modeling and systems engineering including techno-economic studies using 
Aspen Plus software. He has significant experience with process engineering, process controls, 
and project management. He has a strong background in gauge studies, experimental design, and 
data analysis.  
 
Qualifications 
M.S., Chemical Engineering, University of North Dakota, 2012. 
B.S., Chemical Engineering, University of North Dakota, 2000. 
Six Sigma Green Belt Certified, August 2004.  
 
Professional Experience: 
2015–Present: Principal Process Engineer, EERC, UND, Grand Forks, North Dakota. Mr. 
Stanislowski works closely with the EERC management team to develop new programmatic 
directions to solve challenges in the energy industry. He manages projects in the area of 
gasification, CO2 capture, and systems engineering. 
 
2008–2015: Research Manager, EERC, UND, Grand Forks, North Dakota. Mr. Stanislowski 
managed projects in the areas of gasification, gas cleanup, hydrogen production, liquid fuel 
production, and systems engineering.  
 
2005–2008: Research Engineer, EERC, UND, Grand Forks, North Dakota. Mr. Stanislowski’s 
areas of focus included mercury control technologies and coal gasification. His responsibilities 
involved project management and aiding in the completion of projects. His duties included 
design and construction of bench- and pilot-scale equipment, performing experimental design, 
data collection, data analysis, and report preparation. He also worked in the areas of low-rank 
coal gasification, warm-gas cleanup, and liquid fuels production modeling using Aspen Plus 
software.   
 
2001–2005: Process Engineer, Innovex, Inc., Litchfield, Minnesota. 
– Mr. Stanislowski was responsible for various process lines including copper plating, nickel 

plating, tin–lead plating, gold plating, polyimide etching, copper etching, chrome etching, and 
resist strip and lamination. His responsibilities included all aspects of the process line 
including quality control, documentation, final product yields, continuous process 



 

A-9 

improvement, and operator training. He gained extensive knowledge of statistical process 
control and statistical start-up methodology. Mr. Stanislowski was proficient with MiniTab 
statistical software and utilized statistical analysis and experimental design as part of his daily 
work.  

 
– Mr. Stanislowski designed and oversaw experiments as a principal investigator; wrote 

technical reports and papers, including standard operating procedures and process control 
plans; presented project and experimental results to suppliers, customers, clients, and 
managers; created engineering designs and calculations; and performed hands-on mechanical 
work when troubleshooting process issues. He demonstrated the ability to coordinate 
activities with varied entities through extensive project management and leadership 
experience. 

 
1998–2000: Student Research Assistant, EERC, UND. Mr. Stanislowski worked on a wide 
variety of projects, including data entry and programming for the Center for Air Toxic Metals® 
(CATM®) database, contamination cleanup program development, using aerogels for emission 
control, and the development of a nationwide mercury emission model.  
 
Publications and Presentations 
Has coauthored several publications. 
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DR. MICHAEL L. SWANSON 
Principal Engineer, Fuels Conversion 

Energy & Environmental Research Center (EERC), University of North Dakota (UND) 
15 North 23rd Street, Stop 9018, Grand Forks, North Dakota 58202-9018 USA 
Phone: (701) 777-5239, Fax: (701) 777-5181, E-Mail: mswanson@undeerc.org 

 
Principal Areas of Expertise 
Dr. Swanson’s principal areas of interest and expertise include integrated gasification combined 
cycle (IGCC), pressurized fluidized-bed combustion (PFBC), hot-gas cleanup, coal reactivity in 
low-rank coal (LRC) combustion, supercritical solvent extraction, and liquefaction of LRCs.  
 
Qualifications 
Ph.D., Energy Engineering, University of North Dakota, 2000. Dissertation: Modeling of Ash 

Properties in Advanced Coal-Based Power Systems. 
M.B.A., University of North Dakota, 1991. 
M.S., Chemical Engineering, University of North Dakota, 1982. 
B.S., Chemical Engineering, University of North Dakota, 1981. 
 
Professional Experience 
2004–Present: Adjunct Professor, Chemical Engineering, UND. 
 
1999–Present: Principal Engineer, Fuels Conversion, EERC, UND. Dr. Swanson is currently 
involved in the demonstration of advanced power systems such as IGCC and PFBC, with an 
emphasis on hot-gas cleanup issues. 
 
1997–1999: Research Manager, EERC, UND. Dr. Swanson managed research projects involved 
with the demonstration of advanced power systems such as IGCC and PFBC, with an emphasis 
on hot-gas cleanup issues. 
 
1990–1997: Research Engineer, EERC, UND. Dr. Swanson was involved with the 
demonstration of advanced power systems such as IGCC and PFBC, with an emphasis on hot-
gas cleanup issues. 
 
1986–1990: Research Engineer, EERC, UND. Dr. Swanson supervised a contract with the U.S. 
Department of Energy to investigate the utilization of coal–water fuels in gas turbines, where he 
designed, constructed, and operated research projects that evaluated the higher reactivity of low 
rank coals in short-residence-time gas turbines and diesel engines. 
 
1983–1986: Research Engineer, EERC, UND. Dr. Swanson designed, constructed, and operated 
supercritical fluid extraction (SFE) and coal liquefaction apparatus; characterized the resulting 
organic liquids and carbonaceous chars; and prepared reports. 
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1982–1983: Associated Western Universities Postgraduate Fellowship, Grand Forks Energy 
Technology Center, U.S. Department of Energy, Grand Forks, North Dakota. Dr. Swanson 
designed and constructed an SFE apparatus. 
 
Publications and Presentations 
Has authored or coauthored numerous publications. 
 
 
 
 



 

 

APPENDIX B 
 

DESCRIPTION OF EQUIPMENT 



 

B-2 

DESCRIPTION OF EQUIPMENT 
 
 
AUTOCLAVE 
 
 A schematic is shown in Figure B-1. This bolted-closure reactor is externally heated by 
electric (ceramic band-type) heaters and is equipped with an automatic temperature controller and 
a variable-speed, magnetically driven stirrer. It is instrumented to continuously measure and trend 
pressure plus slurry and vapor temperatures. The stainless steel autoclave is rated at  
5500 psi at 340°C. The product gas is vented after completion of a test and travels through a 
diaphragm meter to quantify the noncondensibles. The system is complete with numerous high-
pressure valves and fittings. Normal testing procedures are to slurry the selected feedstock with an 
appropriate amount of water, catalyst, and base; charge the autoclave; and follow with heat 
treatment. Once the material has been sufficiently treated, the heaters are shut off and the contents 
allowed to cooldown overnight prior to product collection. The slurry can be continuously stirred 
throughout heatup, temperature stabilization, and cooldown. After cooldown, various samples are 
collected for analysis. Heatup to 300°C takes approximately 2 hours, with cooldown to ambient 
taking about 10 hours. 
 
 At any point during heat treatment, as long as pressure in the autoclave is sufficient to 
facilitate flow, samples of the slurry can be taken. This is achieved by inserting a dip tube through 
a high-pressure fitting on the head of the autoclave down into the slurry fraction of the reactor 
contents. The dip tube is equipped with a 15-µm stainless steel filter that is welded on the end to 
prevent pulling any solids into the sample line. The filter is placed at a level in between the two 
blades of the stirring rod. A 2-µm filter is also available if the 15-µm filter proves to be too large, 
 
 

 
 

Figure B-1. Schematic of the 2-gallon autoclave system. 
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allowing solids into the sample line. Outside the autoclave, two valves are positioned in series on 
the downstream side of the dip tube—a ball valve followed by a metering valve. The valves are 
connected to a 25-mL sample container made from a section of ¾" stainless steel tubing that is 
capped on the bottom. The sample container is placed directly in an ice bath. When a sample is to 
be taken, the ball valve is opened first, followed by the metering valve, which controls the flow of 
liquid into the sample container. Once flow has stopped, the valves are closed and the sample is 
allowed to cool in the ice bath for a sufficient time to quench the reaction and condense any flashed 
steam. The sample container is then removed, and the sample collected. Because pressurized liquid 
will remain on the upstream side of the valves, it may be necessary to take double samples to clear 
out the dip tube line, ensuring the sample is representative of the reactor contents at that time. 

 
 Using nearly the same setup, hot-gas samples can be taken as well. Without using the dip 
tube, samples are pulled into a sample container with a plumbed-in pressure gauge. The pressure 
is equalized and the valves are closed, isolating the gas sample from the autoclave. Any steam that 
is in the sample is allowed to condense in the ice bath. The gas sample is injected into the gas 
chromatography (GC) on the valve side of the sample container. 
 
 
FLUID-BED GASIFIER 
 
 The high-pressure fluid-bed gasifier (FBG) is capable of feeding up to 9.0 kg/hr (20 lb/hr) 
of pulverized coal or biomass at pressures up to 70 bar absolute (1000 psig). The externally heated 
bed is initially charged from an independent hopper with silica sand or, in the case of high-alkali 
fuels, an appropriate fluidization media. Independent mass flow controllers meter the flow of 
nitrogen, oxygen, steam, and recycled syngas or flue gas into the bottom of the fluid bed. Various 
safety interlocks prevent the inadvertent flow of pure oxygen into the bed or reverse flow into the 
coal feeder. 
 
 The reactor was designed with the capability to operate at a maximum operating pressure 
(MOP) of 1000 psig at an operational temperature of 1550°F, 650 psig at an operational 
temperature of 1650°F, and 300 psig at an operational temperature of 1800°F. A design drawing 
of the reactor is shown in Figure B-2, and a photograph of the gasifier is shown in Figure B-3. 
Although omitted from the drawing for clarity, 16 thermocouple ports are spaced every 4– 
5 inches up the bed to monitor for loss of fluidization, solids agglomeration, and localized 
combustion zones, and the feed line extends up two stories to the coal hopper. 
 
 Coal is fed from a pressurized K-tron® loss-in-weight feeder that provides online 
measurement of coal feed rate at pressures up to 1000 psig. This system (shown schematically in 
Figure B-4) allows instantaneous measurement of the fuel feed rate to the fluid-bed conversion 
system. The feed system electronic controls are interfaced to a data acquisition system that allows 
for local or remote computer control of the fuel feed rate. Above the main feed hopper is the fuel 
charge hopper. The fuel charge hopper is manually charged with fuel through the top valve while 
at atmospheric pressure. It is then sealed and pressurized. Finally, the fuel feed material is 
transferred by gravity feed to the weigh hopper inside through the lower dual-valve system. The 
entire feed system pressure vessel is on a movable platform to allow easy transition from the FBG 
to the Energy & Environmental Research Center’s (EERC’s) entrained-flow gasifier (not used in 
this testing but located adjacent to the FBG). 
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Figure B-2. Design drawing of the pressurized, fluidized gasification reactor. 
 
 
 Coal feed from the K-tron system drops through a long section of vertical tubing and is then 
pushed quickly into the fluid bed through a downward-angled feed auger, as seen in Figures B-2 
and B-3. Syngas exiting the fluid bed passes through a cyclone before flowing into a hot candle 
filter to remove fine particulate before either bypassing or entering a series of fixed beds. This gas 
stream is then routed through a series of water-cooled condensers to remove volatile organics and 
moisture. Syngas can be sampled upstream of the condensers for hot tests. The clean, dry syngas 
exiting the condensers is then recycled through a compressor to the bottom of the FBG, and a 
portion is vented through a control valve to maintain system pressure. The syngas exiting the 
system passes through a dry gas meter for mass balance purposes. A slipstream of this  
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Figure B-3. Photograph of the lower section of high-pressure FBG. Visible at left is the feed 
auger angled downward into the bed. 

 

 
 

Figure B-4. Cross-sectional view of the fuel feed system. 
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depressurized, dry gas is also fed to either a laser gas analyzer and a GC for online analysis of 
major syngas components and for low-level (ppb) analysis of sulfur species or to a set of 
continuous emission monitors (CEMs) for flue gas composition analysis. In addition, operators 
periodically sample syngas from various points throughout the system using Dräger or 
multielement sorbent trap (MEST) activated carbon tubes for additional trace gas composition 
data. Figure B-5 depicts the process layout for the FBG system and the back-end gas cleanup 
system, including the filter vessel, fixed sorbent/catalyst beds, and quench system along with the 
recycle compressor. 
 
 

 
 

Figure B-5. FBG process layout. 
 
 
Gas-Sweetening Absorption System 
 

The EERC has designed, built, and tested a skid-mounted CO2 and H2S absorption system 
for gas sweetening. This absorption system uses physical solvents to remove CO2 and various 
contaminants from dry syngas at pressures of up to 1000 psig. The system uses a column packed 
with Koch–Glitsch IMTP 15 random packing to contact sour gas with lean solvent for sweetening. 
The gas-sweetening system allows the EERC to produce syngas that more closely resembles that 
generated in full-scale commercial gasification and also allows the EERC to test solvents and 
technologies for natural gas sweetening and liquids capture. The ability to remove CO2 from gas 
streams further allows the EERC to test processes incorporating carbon capture and storage. 
Moreover, removal of CO2 combined with deep sweetening improves catalyst performance in the 
EERC’s pilot-scale Fischer–Tropsch (FT) reactor. 
 

As shown in Figure B-6, in the first step of CO2 capture, up to 1000 scfh of pressure-
regulated gas enters an absorption column. In the case of gasification, this gas can be fed either  
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Figure B-6. Cold-gas-sweetening process configuration when using compressed syngas for FT 
synthesis. 

 
 
directly from the gasifier quench system or the compressor. As gas rises through the packed 
column, downward-flowing solvent absorbs CO2 and other gas components. The sweetened gas 
passes through a demister to drop entrained solvent out of suspension before the gas exits the 
column. Sweetened gas can then go to a number of downstream applications, including FT 
synthesis, materials testing, pressure swing absorption, syngas bottling, back to the gasifier as a 
recycle stream, or steam reforming and other applications in the case of natural gas. 
 

Having absorbed most CO2 and various other components from the sour gas, rich solvent 
collects in the bottom disengager, where gas bubbles have sufficient residence time to escape from 
the liquid. Solvent then flows through a control valve, a heat exchanger, and a flow constrictor 
before passing into a flash drum. The flow constrictor maintains some pressure upstream of the 
flash drum, preventing excessive cavitation in the control valve and heat exchanger. 
 

As solvent warms and depressurizes inside the heated flash drum, CO2 and other gases 
vaporize from the solvent. A flowmeter records the rate of acid gas exiting the flash drum, while 
a continuous gas analyzer records the gas composition. These measurements permit online mass 
and carbon balance calculations. 
 

Lean solvent exits the flash drum through a level-controlling valve and then passes through 
a water-cooled heat exchanger on its way to a storage tank. A pump pulls solvent from the bottom 
of this tank and sends it through a glycol-cooled heat exchanger. The chilled, lean solvent then 
sprays through a nozzle into the top of the absorption column, completing the solvent loop.  
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Initial testing utilizing coal-derived syngas achieved closer to 98% CO2 capture and even 
better H2S removal. Modeling and experience suggest that untreated sour gas can be effectively 
treated using the flash drum for solvent regeneration; however, if required to meet the needs of 
future clients, the skid design allows upgrading the flash drum to a stripper column for improved 
gas sweetening and extended solvent life. 



 

 

APPENDIX C 
 

LETTERS OF SUPPORT AND LETTERS OF 
COMMITMENT 







GREAT
RIVER
ENERGY 

12300 Elm Creek Boulevard
Maple Grove, Minnesota 55369-4718

763-445-5000
greatriverenergy.com

September 30, 2015

Mr. Michael Holmes
Director of Energy Systems Development
University of North Dakota
Energy & Environmental Research Center
15 North 23rd Street, Stop 9018
Grand Forks, ND 58202-9018

Dear Mr. Holmes:

Subject: EERC Proposal No. 2016-0037, "Pathway to Low-Carbon Lignite Utilization"

This letter is intended to provide our support for the Energy & Environmental Research Center's (EERC)
proposed project entitled "Pathway to Low-Carbon Lignite Utilization," a proposal being submitted to
the North Dakota Industrial Commission (NDIC).

Great River Energy is interested and involved in continuing to assess and develop new technologies and
solutions to support the lignite industry, as there is a significant need for development of a highly
efficient generation cycle for the future of the industry in North Dakota. This proposal and the pathway
to develop a lignite-based Allam Cycle shows promise for our industry and our company.

We are providing this letter in support of the team comprised of ALLETE, Basin Electric, the Lignite
Energy Council (LEC), 8 Rivers Capital and the EERC, who are working toward further development and
commercialization of this technology. We have confidence that the project will provide benefit to the
state and the lignite industry, and we look forward to working with the project team on this
development pathway in the future as it proceeds toward technology commercialization.

Sincerely,

GREAT RIVER ENERGY

Richard R. Lancaster
Vice President, Generation

9/29/2015 S:\Generation\Executive Assistant Files\Rick Lancaster\LEC Partner Letter Of Support - LRC Allarn Cycle Grant Request -
093015. Docx
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BUDGET JUSTIFICATION 
 

APPLICABLE TO FEDERAL/FEDERAL FLOW-THROUGH COST-REIMBURSABLE PROPOSALS 
 

ENERGY & ENVIRONMENTAL RESEARCH CENTER (EERC) 
 
BACKGROUND 
 
The EERC is an independently organized multidisciplinary research center within the University of North Dakota 
(UND). The EERC is funded through federal and nonfederal grants, contracts, and other agreements. Although the 
EERC is not affiliated with any one academic department, university faculty may participate in a project, 
depending on the scope of work and expertise required to perform the project. 
 
INTELLECTUAL PROPERTY  
 
The applicable federal intellectual property (IP) regulations will govern any resulting research agreement(s). In the 
event that IP with the potential to generate revenue to which the EERC is entitled is developed under this project, 
such IP, including rights, title, interest, and obligations, may be transferred to the EERC Foundation, a separate 
legal entity. 
 
BUDGET INFORMATION 
 
The proposed work will be done on a cost-reimbursable basis. The distribution of costs between budget categories 
(labor, travel, supplies, equipment, etc.) and among funding sources of the same scope of work is for planning 
purposes only. The project manager may incur and allocate allowable project costs among the funding sources for 
this scope of work in accordance with Office of Management and Budget (OMB) Uniform Guidance 2 CFR 200. 
 
Escalation of labor and EERC recharge center rates is incorporated into the budget when a project’s duration 
extends beyond the university’s current fiscal year (July 1 – June 30). Escalation is calculated by prorating an 
average annual increase over the anticipated life of the project.  
 
The cost of this project is based on a specific start date indicated at the top of the EERC budget. Any delay in the 
start of this project may result in a budget increase. Budget category descriptions presented below are for 
informational purposes; some categories may not appear in the budget.  
 
Salaries: Salary estimates are based on the scope of work and prior experience on projects of similar scope. The 
labor rate used for specifically identified personnel is the current hourly rate for that individual. The labor 
category rate is the average rate of a personnel group with similar job descriptions. Salary costs incurred are based 
on direct hourly effort on the project. Faculty who work on this project may be paid an amount over the normal 
base salary, creating an overload which is subject to limitation in accordance with university policy. As noted in 
the UND EERC Cost Accounting Standards Board Disclosure Statement, administrative salary and support costs 
which can be specifically identified to the project are direct-charged and not charged as facilities and 
administrative (F&A) costs. Costs for general support services such as contracts and IP, accounting, human 
resources, procurement, and clerical support of these functions are charged as F&A costs. The following table 
represents a breakdown by labor category and hours for technical staff for the proposed effort. 
 
 

Labor Categories         Labor Hrs 
Research Scientists/Engineers                  9,409  
Research Technicians                  1,256  
Senior Management                     335  
Technology Development Operators                  1,430 
Technical Support Services                     287 
                 12,717  
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Fringe Benefits: Fringe benefits consist of two components which are budgeted as a percentage of direct labor. 
The first component is a fixed percentage approved annually by the UND cognizant audit agency, the Department 
of Health and Human Services. This portion of the rate covers vacation, holiday, and sick leave (VSL) and is 
applied to direct labor for permanent staff eligible for VSL benefits. Only the actual approved rate will be charged 
to the project. The second component is estimated on the basis of historical data and is charged as actual expenses 
for items such as health, life, and unemployment insurance; social security; worker’s compensation; and UND 
retirement contributions.  
 
Travel: Travel may include site visits, fieldwork, meetings, and conferences. Travel costs are estimated and paid 
in accordance with OMB Uniform Guidance 2 CFR 200, Section 474, and UND travel policies, which can be 
found at http://und.edu/finance-operations (Policies & Procedures, A–Z Policy Index, Travel). Daily meal rates 
are based on U.S. General Services Administration (GSA) rates unless further limited by UND travel policies; 
other estimates such as airfare, lodging, etc., are based on historical costs. Miscellaneous travel costs may include 
taxis, parking fees, Internet charges, long-distance phone, copies, faxes, shipping, and postage.  
 
Equipment: A CO2 compressor will be purchased to enable the EERC to pressurize CO2 and produce a 
syngas or flue gas rich in CO2 that can be used for testing various impurity removal schemes. 
 
 
Supplies: Supplies include items and materials that are necessary for the research project and can be directly 
identified to the project. Supply and material estimates are based on prior experience with similar projects. 
Examples of supply items are chemicals, gases, glassware, nuts, bolts, piping, computers, data storage, paper, 
memory, software, toner cartridges, maps, sample containers, minor equipment (value less than $5000), signage, 
safety items, subscriptions, books, and reference materials. General purpose office supplies (pencils, pens, paper 
clips, staples, Post-it notes, etc.) are included in the F&A cost.  
 
Subcontractor – 8 Rivers Capital, LLC: 8 Rivers Capital will provide support that is integrated throughout the 
entire scope of work. The scope includes investigating ways to decrease industries’ carbon footprint by improving 
process efficiencies, switching to energy sources with lower carbon footprints, and capturing CO2 produced for 
either beneficial reuse or for permanent storage.  
 
Professional Fees: Not applicable.  
 
Communications: Telephone, cell phone, and fax line charges are included in the F&A cost; however, direct 
project costs may include line charges at remote locations, long-distance telephone charges, postage, and other 
data or document transportation costs that can be directly identified to a project. Estimated costs are based on prior 
experience with similar projects. 
 
Printing and Duplicating: Page rates are established annually by the university’s duplicating center. Printing and 
duplicating costs are allocated to the appropriate funding source. Estimated costs are based on prior experience 
with similar projects. 
 
Food: Expenditures for project partner meetings where the primary purpose is dissemination of technical 
information may include the cost of food. The project will not be charged for any costs exceeding the applicable 
GSA meal rate. EERC employees in attendance will not receive per diem reimbursement for meals that are paid 
by project funds. The estimated cost is based on the number and location of project partner meetings. 
 
Professional Development: Fees are for memberships in technical areas directly related to work on this project. 
Technical journals and newsletters received as a result of a membership are used throughout the development and 
execution of the project by the research team. 
 
Operating Fees: Operating fees generally include EERC recharge centers, outside laboratories, and freight.  
 
EERC recharge center rates are established annually.  
  
Laboratory and analytical recharge fees are charged on a per-sample, hourly, or daily rate. Additionally, 
laboratory analyses may be performed outside the university when necessary. The estimated cost is based on the 
test protocol required for the scope of work.    
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Graphics recharge fees are based on an hourly rate for production of such items as report figures, posters, and/or 
images for presentations, maps, schematics, Web site design, brochures, and photographs. The estimated cost is 
based on prior experience with similar projects.  
 
Shop and operations recharge fees cover expenses of a designated group of individuals whose roles require 
specialized safety training and personal safety items. These individuals perform project activities in a pilot plant 
facility, remote location or laboratory and are also responsible for preserving a safe working environment in those 
areas. The rate includes such things as training for use of fall protection harnesses and respirators, CPR 
certification, annual physicals, protective clothing/eyewear, hazardous waste disposal fees, and labor for personnel 
to direct group activities. The estimated cost is based on the number of hours budgeted for this group of 
individuals. 
 
Freight expenditures generally occur for outgoing items and field sample shipments. 
 
Facilities and Administrative Cost: The F&A rate proposed herein is approved by the U.S. Department of 
Health and Human Services and is applied to modified total direct costs (MTDC). MTDC is defined as total direct 
costs less individual capital expenditures, such as equipment or software costing $5000 or more with a useful life 
of greater than 1 year, as well as subawards in excess of the first $25,000 for each award. 
 
Cost Share: Cash cost share of $1,150,000 will be provided as follows:  U.S. Department of Energy $900,000; 
ALLETE, Inc., $125,000; and Basin Electric Power Cooperative $125,000. ALLETE and Basin Electric will also 
provide in-kind of $25,000 each in the form of labor to support the review of key data developed in the project and 
assist with key decision points for moving the technology forward. 8 Rivers Capital will also provide in-kind cost 
share totaling $500,000 in the form of labor to develop a syngas combustor for the Allam Cycle. The total cost 
share from all sources is 53.5% for a total commitment of $1,700,000. 
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1  
INTRODUCTION 
Objectives of the Study 
At the beginning of the 21st century, increasing political and technological focus is being given 

to minimizing carbon dioxide (CO2) emissions to the atmosphere. A significant source of CO2 

entering the atmosphere is from combustion of coal to generate electric power. The increased 

focus on the use of Carbon Capture and Storage (CCS) has been met with significant criticism 

because all technologies that have been developed to address this issue come with significant 

cost and efficiency penalties relative to state-of-the art fossil-fueled electricity generation 

technologies. 

NET Power (Durham, NC) is bringing forth a novel oxy/gas-fired semi-closed Brayton power 

cycle (termed the “Allam Cycle”) for co-production of bulk power and CO2 suitable for 

enhanced oil recovery or other geological storage.  The technology, invented and developed by 8 

Rivers Capital and being commercialized by NET Power, produces high efficiency, low cost 

electricity, while generating storage-quality CO2 as a by-product of normal operations.  Where 

existing CCS technologies degrade efficiency and increase the cost relative to non-capturing coal 

systems, the Allam Cycle is expected to increase efficiency and decrease overall cost, while 

capturing nearly 100% of emissions. 

Initial demonstration of the Allam Cycle will be fueled with natural gas but a coal syngas-fueled 

version of the power cycle is expected to be extremely competitive with non-capture, state-of-

the-art, coal-fired facilities.  

A study has been completed which evaluates the expected performance of the Allam Cycle 

technology when integrated with a bituminous coal syngas plant. The work reported here is 

conduct a similar analysis for plant performance when integrated with a lignite syngas plant 

taking into account the unique characteristics of lignite as compared to bituminous coal. The goal 

of this work is to design a coal-fired Allam Cycle integrated with an optimal existing lignite 

gasifier and to provide performance targets the system can be expected to achieve. 

Report Structure 
Following this Introduction, the report is organized as follows: 

 Section 2: presents the results of an optimization study for gasifier integration with the 

Allam Cycle, as well as thermodynamic modeling results for the three leading 

gasification candidates.  An analysis of their relative advantages and disadvantages when 

integrated with the Allam Cycle is also presented 

 Section 3: As is identified in Section 2, the process of drying and preparing the lignite 

has a substantial impact on the overall performance of the system.  This section further 

investigates available options for the drying and processing of lignite coals to the 

conditions required by the Allam Cycle, to investigate how the results of Section 3 might 

be further improved
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2  
PERFORMANCE MODELING 
Based on an analysis of optimal integration of existing gasification technologies with the 

conditions of the Allam Cycle, cycle modelling was performed to provide an estimate of 

expected performance. For this report, three major gasification systems were modelled based on 

vendor-supplied data (where available) or data available in the public domain: 

 Gasifier A: Dry-fed, oxygen-blown, entrained-flow gasifier with a full water quench 

 Gasifier B: Dry ash, oxygen-blown, moving bed gasifier  

 Gasifier C: Dry-fed, oxygen-blown, fluidized bed gasifier with a syngas cooler  

For each of the systems above, both a base case, which utilizes un-modified vendor-supplied 

conditions, and an optimized case performances have been evaluated.  The latter assumes 

specific modifications to the vendor-supplied data that better suit the operational characteristics 

of the integrated system.  It should be noted that these modifications are believed to be within the 

existing capabilities of each gasification technology. The performance of each of these cases is 

summarized in Table 2-1. 

Table 2-1 
Comparison of Allam Cycle using different gasifier systems with Lignite-fired IGCC electric 
generating plants, with and without CO2 capture1 all figures on a HHV basis. 

Energy 

Components 

Case 1 
Allam 

Cycle 

(Gasifier 

A Base) 

Case 2  
Allam 

Cycle 

(Gasifier A 

Optimized) 

Case 3 
Allam 

Cycle 

(Gasifier B 

Base) 

Case 4  
Allam 

Cycle 

(Gasifier B 

Optimized) 

Case 5 
Allam 

Cycle 

Gasifier C 

Case 6 
Gasifier A 

base case + 

pre-

combustion 

AGR  

Case 7  
NETL 

IGCC  

(Case L3A) 

(0% CO2 

Capture) 

Case 8 

NETL IGCC  

(Case L3A) 

 

(90% 

capture) 

Electric Output 

(MW) 
283 287 179 265 289 273 543 467 

Cold Gas 

Efficiency 

(%HHV) 

81.7% 87.2% 83.4% 81.4% 79.6% 81.7% 80.5% 81.5% 

Gross Turbine 

Output 
67.3% 71.4% 61.3% 59.3% 66.4% 66.5% 47.1% 43.5% 

Compressor 

and Pump 

Parasitic Power 

-13.3% -14.1% -13.0% -13.5% -13.2% -13.8% -8.1% -11% 

BOP Parasitic 

Auxiliary 

Power 

-9.3% -9.2% -23.3% -8.8% -9% -9.6% -1.4% -2.5% 

Net Electric 

Efficiency 

(%HHV) 

44.1% 47.4% 24.6% 36.5% 43.6% 42.5% 37.6% 30.0% 

 

                                                           
1 Cost and Performance Baseline for Fossil Energy Plants, Volume 3a: LOW Rank Coal to Electricity: IGCC Cases.   
DOE/NETL-2010/1399.  
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Design Basis for Modeling of Lignite Gasification 
The coal-based Allam Cycle is capable of power generation with high efficiency and near 100% 

carbon capture as a natural by-product of the process.  This cycle has the advantage of utilizing 

the same basic, high-efficiency, low-cost, semi-closed CO2 cycle as the natural gas-fired Allam 

Cycle.  However, rather than supplying the oxy-fuel combustor with natural gas, a coal-derived 

syngas generated by a conventional partial oxidation coal gasifier may be utilized.  This process 

requires selection and integration of a suitable gasifier and additional processes for removal and 

treatment of coal-related impurities.   

The coal feedstock selected for this study was a North Dakota Beulah Lignite specification
2
.  It 

was assumed the feedstock would need to be dried from its 35%-38% “as-delivered” moisture 

content to an “as-fired” the level specified by the gasifier vendor. 

All selected gasifiers employ a dry coal feed that utilizes CO2 as the transport gas into the 

gasification chamber.  Lignite drying is accomplished by using N2 produced by the ASU that is 

pre-heated using low-grade heat available from the gasifier.  N2 is preheated using a 

conventional tube and shell heat exchanger.  The heat required for moisture removal in the 

drying process was calculated to be 1830 Btu/lb of water removed from the “as-delivered” 

feedstock. System efficiency can be further enhanced by utilizing the more energy efficient 

lignite drying technologies. These can require 25% - 38% less energy per unit of water removed 

than conventional drying methods (1,250 to 1,350 BTU/lb of water evaporated, compared to 

1,800 to 2,000 Btu/lb of water evaporated for drying methods such as rotary drum, flash, and belt 

dryers).  

All gasification systems utilized in this study have also been well demonstrated for oxygen-

blown operation.  In comparison to a natural gas-fired Allam Cycle with equivalent thermal 

input, the ASU capacity is increased in the lignite syngas-fired cycle.  The delivery of the O2 is 

split between the gasifier and the combustion turbine of the power cycle.  The produced syngas 

fuel is then purified with either hot-gas filtration (Gasifier C) or a full water quench (Gasifiers A, 

B) and subsequent water scrubbing stages to remove any ash or char particles, ammonia, 

chlorides, alkali metals, and any contaminants which could damage or cause blockages in the 

combustor, turbine or downstream heat exchangers. Compared to radiant or convective syngas 

coolers, the direct water quench offers several advantages.  These include greater process 

simplification with a corresponding reduction in capital cost, higher reliability by avoiding the 

potential for deposition and plugging in syngas coolers due to condensation of contaminants, 

especially for the gasification of feedstock with high sodium content (e.g. ND Beulah Lignite), 

and the well-proven ability to scrub the syngas to high purity levels as needed to protect 

downstream components.  In addition, the direct quench essentially freezes the syngas at the 

gasifier exit composition, thereby preventing degradation in its calorific value as a result of the 

exothermic water gas shift reaction that can continue to occur in a convective cooler.  In contrast, 

a syngas cooler enables higher-level heat to be generated which could improve the overall 

performance of the integrated system.  The benefits of the syngas cooler are investigated in Case 

5.  

                                                           
2 Benson, S., and Sondreal, E., “Gasification of Lignites of North America,” 2010. 
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In the case of the full water quench, the resultant clean syngas will be in the temperature range of 

200°F to 500°F and contain a significant amount of saturated steam.  No shift reactions are 

employed which results in a higher cold-gas efficiency for the overall gasification process.  The 

washed gas stream is then cooled to near ambient temperature against the low-temperature 

region of the high-pressure CO2 recycle, which condenses the steam content and cools the fuel 

gas portion. A simple shell and tube heat exchanger is used to recuperate this low-grade heat 

back into the Allam Cycle.  Exchanger tubes must be rated to withstand the high pressure of the 

recycle CO2 which, given the temperatures involved, can be accomplished by common grades of 

steel.  Recovered low-grade heat is utilized in both the primary cycle (as described in the 

following section) and to optimize processes associated with the gasification island (e.g. coal 

drying).  This process of low-grade heat recovery provides a significant opportunity for 

optimization within the Allam Cycle process to maximize expected efficiency.  Further detail on 

the ability of the Allam Cycle to utilize low-grade heat is provided below. 

In the fluidized bed gasification system, a syngas cooler is used for high grade heat recuperation 
from the hot syngas exiting at 1600°F.  This raw syngas stream is cooled to 650°F.  The syngas 
then passes through a hot gas filtration system before entering a tube and shell heat exchanger 
that is used for low-grade heat recovery.  As in the full water quench systems, this heat is used 
for pre-heating nitrogen stream for lignite drying, the low-temperature, high-pressure recycle 

CO2 stream, and the cold cleaned syngas stream before injection into the combustor.   

After heat recovery, the syngas fuel undergoes additional cooling to near ambient temperature.  

This serves a double purpose of minimizing the syngas water content and reducing its 

temperature prior to compression.  The syngas then undergoes mercury removal before being 

compressed and delivered to the high-pressure combustion system.   

In the post combustion clean-up case, the fuel gas contains all the coal and gasifier-derived, non-

water condensable impurities in a reduced form, such as H2S, COS, CS2, and HCN. The unique 

feature of the Allam Cycle is that this fuel gas is burned in the combustor with an excess of pure 

oxygen so that the heating value of these components can be realized and they are all converted 

into their oxidised forms, which are predominantly CO2, SO2, SO3, NO, NO2 and H2O.  At the 

cold end of the plant, where water condenses in the cooling turbine exhaust stream, there exists 

liquid water, excess O2, nitrogen oxides, and sulphur oxides at a pressure of about 30 bar and 

near ambient temperature.  Under these conditions, and with enhanced water separation using 

scrubbing and appropriate retention times, the sulphur oxides are converted to sulphuric acid and 

a majority of the nitrogen oxides are converted to nitric acid
3
.  The acid condensate is removed in 

the water separator and can be either sold as a by-product or used to produce gypsum for 

removal by reaction with limestone (this process is referenced herein as the “Lead Chamber 

Process”).  

Alternatively, conventional and well understood pre-combustion methods of sulphur removal 

(e.g. Selexol, Rectisol and MDEA) can be employed upstream of the combustor.  In this study, 

Case 6 (below) is modelled with a Rectisol wash for acid gas removal (AGR), providing a 

                                                           
3
 Allam, R.J., Palmer, M., Brown, W., Fetvedt, J., Freed, D., Nomoto, H., Itoh., M, Okita, N., and Jones, C., “High 

efficiency and low cost of electricity generation from fossil fuels while eliminating atmospheric emissions, including 

carbon dioxide”, Energy Procedia, 2012. 
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conservative estimate of the additional parasitic losses and cost associate with pre-combustion 

acid gas removal.  

The remainder of the process is identical to the natural gas-fired Allam Cycle
4
.  The turbine 

exhaust flow is cooled to below 60°C by the economizer heat exchanger, and then is further 

cooled to near atmospheric temperature in an ambient air cooler or with cooling water.  This 

enables liquid water derived from fuel combustion to be separated, along with sulphuric and 

nitric acids as described previously.  The remaining stream of predominantly CO2 is compressed 

and pumped to the required high pressure and reheated in the economizer heat exchanger for 

return to the combustor.  The CO2 recycle compressor inlet pressure will be below the CO2 

critical pressure.  In the recycled CO2 compression system, a compressor is used to raise the 

pressure to a value suitable for creating a dense phase fluid with cooling water. The CO2 is then 

cooled to near ambient temperature in the compressor after-cooler.  The gas is condensed to a 

final specific gravity of 0.5 – 0.8.  The predominantly CO2 stream is then pumped to the high 

pressure required by the combustor.  The net CO2 product derived from the addition of fuel and 

oxygen in the combustor is removed from the high pressure stream; at this point, the CO2 

product is at high-pressures and high purities, ready for removal without requiring further 

compression. Figure 2-1 below illustrates a full water quench version of the coal-based Allam 

Cycle process. 

                                                           
4 High Efficiency and low cost of electricity generation from fossil fuels while eliminating atmospheric emissions, 

including carbon dioxide.   R.J. Allam et al.   GHGT-11.  Kyoto, Japan.   2012. 
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Figure 2-1 Coal-Based Allam Cycle Process Diagram 

 

 

Use of Low-grade heat in the Allam Cycle  

The addition of low-grade heat into the Allam Cycle takes advantage of the imbalance that exists 

between the heat rejected by the turbine exhaust and the heat required to reheat the CO2 recycle 

stream in the main economizer heat exchanger.  This imbalance is due to the very large increase 

in the specific heat of CO2 in the high pressure recycle stream in the low-temperature region of 

the economizer heat exchanger as indicated in Table 2-2. 
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Table 2-2 
Specific heat of CO2 at pressures pertinent to the Allam power cycle5 

Temperature   CO2 at 30 Bar  

(kJ/kg-K) 

CO2 at 300 Bar (kJ/kg-

K) 

80°F (27°C) 1.18 1.95 

170°F (77°C) 1.05 2.00 

260°F (127°C) 1.02 1.90 

350°F (177°C) 1.03 1.63 

440°F (227°C) 1.06 1.47 

620°F (327°C) 1.10 1.31 

890°F (477°C) 1.17 1.23 

1340°F (727°C) 1.24 1.28 

 

This imbalance can be corrected by adding a significant quantity of externally generated, low-

grade heat in order to raise the recycle CO2 temperature at the low temperature end of the heat 

exchanger in a temperature range of 150°F to 500°F.  For the natural gas system, tightly 

integrating with the compressors of the air separation unit (which provides oxygen to the system) 

is one potential area where this heat can be sourced. These compressors can be operated 

adiabatically with no inter-coolers; instead, they reject a portion of their heat into the power 

cycle. Although this increases the compressor power, the overall effect on the cycle is very 

positive; the adiabatic power input to the compressors is matched by an equivalent drop in the 

fossil fuel energy input needed by the system due to the reduction in the economizer heat 

exchanger hot end temperature difference through the coupling of heat rejection.  

For the coal cycle, however, the low grade heat produced by cooling syngas post-water quench 

provides sufficient waste heat to be reintegrated into the cycle.  In the current model of the 

Gasifier A base case, the recovered low-grade heat is used to preheat N2 for lignite drying, 

preheat the lockhopper feed CO2, preheat a side stream of recycle CO2 before it is injected to 

high temperature heat exchanger and preheat the dry clean syngas stream before it is injected 

into the combustor.  Currently it is assumed that 1830 Btu/lb of moisture removed is required to 

dry incoming lignite to 8% moisture.  Several sources indicate that this requirement should be 

significantly less (1200-1800 Btu/lb).  If further investigation indicates that less heat is required 

for lignite drying, more recycle CO2 and cold syngas (post-compression and prior to entering the 

combustor) can be preheated to further improve the net efficiency. 

It should be also noted that, in the case of entrained flow gasification systems with a water-

cooled vessel, an additional, and significant, source of heat generated by the cooling screen 

steam.  Utilization of this heat has not been considered in the modeling work done to date. 

 

                                                           
5
 Vargraftik NB. Tables on the Thermophysical Properties of Liquids and Gases in Normal and Dissociated States. 

2nd ed. New York: Halsted Press; 1975, p. 185. 
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Case 1 and Case 2: Gasifier A Base Case and Optimized Case 
The coal-based Allam Cycle efficiency is expected to far out-pace current approaches to coal 

generation in terms of both efficiency and costs.  The discussion below presents results for 

oxygen blown, entrained flow gasifier for both a base and optimized cases. 

The Base Case is modeled directly from data provided by the technology vendor with minimal 

modification.  Further optimization presented in Case 2 includes reduction of the O2 

consumption to maintain the operating temperatures at the lower end of the range.  It should be 

noted that the assumed oxygen purity by the vendor-supplied data was 95%, while 99.5% oxygen 

purity is required by the Allam Cycle.  Increasing the O2 purity to the required level while 

maintaining the same mass of O2 injected, decreases the amount of N2 acting as a moderator on 

the reactions and causes an increase in the gasifier operating temperature from about 2600 °F to 

3183 °F.    

Detailed modeling of base case was conducted based on the following parameters: 

 Coal Type:  ND Beulah Lignite (NETL, see Appendix A for coal specification) 

 Plant Size: 283.3 MWe (net) 

 Coal input: 293,843 lb/hr (633.8MWth) 

 Ambient: ISO conditions 

 Gasifier Operating Pressure: 42 bar 

 Gasifier Operating Temperature:  3183°F 

 

The results of Case 1 exhibit a gasifier operating temperature on the higher end of the operational 

range provided by the vendor.  For the Gasifier A optimized case, oxygen consumption is 

reduced to drive the gasifier operating temperatures back to the lower end of this range, 2600 °F.  

This also reduces the portion of coal being combusted and yields more efficient coal gasification, 

increasing the cold gas efficiency from 81.7% (Case 1) to 87.2% (Case 2).  This result must be 

confirmed with the vendor. 

Table 2-3 summarizes the results of the modeling for Case 1 and Case 2. It should be noted that 

efficiencies do not include additional losses expected for coal handling and milling, slag 

handling and cooling tower fans as this data was not provided by the gasifier vendor.  

Representative data for a lignite-fired, entrained flow system was taken from the Case L3A 

IGCC system described in the US Department of Energy NETL Cost and Performance Baseline 

for Fossil Energy Plants (2011).  This data indicates that these parasitics account for an 

additional efficiency loss of 0.25 – 0.50 percentage points
 6

.  Even with these losses, the coal-

based Allam Cycle exhibits the highest efficiency of any lignite-fired system, with or without 

carbon capture, when integrated with an existing, commercially available gasifier.  This is 

achieved with a water-quench design which exhibits the aforementioned advantages over syngas 

cooler designs.  It should be noted that the heat required for lignite drying in this Base Case is 

                                                           
6
 Cost and Performance Baseline for Fossil Energy Plants, Volume 3a: LOW Rank Coal to Electricity: IGCC Cases.   

DOE/NETL-2010/1399.  
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1830 Btu/lb of removed moisture.  As was previously mentioned, the net efficiency of Allam 

Cycle can be further improved if a more advanced lignite drying method is applied.  

Table 2-3 
Comparison of Case 1 and Case 2 performance of the Allam Cycle  

 Case 1 Case2 NETL IGCC 

(Case L3A) (0% 

CO2 Capture) 

NETL IGCC w/ 

capture (90% 

CO2 Capture) 

Electric Output (MW) 283 287 543 467 

Net Cycle Efficiency 

(%HHV) 
44.1% 47.4% 37.6% 30.0% 

Gasifier Cold Gas 

Efficiency (%HHV) 
81.7% 87.2% 80.5% 81.5% 

O2/ raw coal (mass 

ratio) 
0.50 0.44 0.49 0.49 

Operating temperature 

(°F) 
3183 2610 N/A N/A 

 

Modeled syngas temperature, pressure, composition, CO/H2 ratio and gasifier cold gas efficiency 

and thermal losses for Case 1 have been matched to data provided for Gasifier A.  The gasifier 

was fed an input of 198,416 lb/hr of coal at 8% moisture and was generated by drying a raw coal 

input of 293,843lb/h (30.2% moisture) using reject nitrogen from the ASU.  This input is scaled 

slightly from the “as-provided” vendor data to match the required mass flow rate of Toshiba 

turbine inlet for the Allam Cycle.  This is done to reduce the scaling assumptions required for the 

costing analysis presented in Section 4. 

The only integration between the gasifier island and the Allam Cycle in each case is the 

recuperation of low grade heat from the clean syngas stream (post quench and scrubbing) as it is 

cooled to ambient temperature.  This heat is used to: 

1) heat a side stream of recycle CO2 from the Allam Cycle,  

2) reheat the compressed syngas before combustion, 

3) pre-heat CO2 feed gas prior to use in the lockhoppers, and 

4) heat the nitrogen generated by the ASU for drying of the lignite.   

It should be noted that the vendor-supplied data was provided as generic and without any design 

or modification for optimization within the conditions of the Allam Cycle.    Therefore Case 1 

performance is expected to be a conservative estimate for what is achievable with a conventional 

commercially available, “over-the-fence” gasifier, as this data does not reflect any optimization 

of gasifier conditions and potential for integration with the Allam Cycle.  Similarly, the analysis 

was conducted as ISO conditions rather than North Dakota conditions, which would provide 

increased efficiencies via lower ambient cooling temperatures.   

For Case 2, oxygen consumption is limited to reduce the operating temperature to 2600 °F.  This 

temperature represents the lower end of the range of operation provided by the vendor for 

bituminous coal, as well as the original specification that considered the use of 95% O2 purity.  

This range takes into account the necessary margin on ash melting temperature to ensure 
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slagging is achieved.  The high sodium content of the lignite considered in this study should 

further depress the ash melting temperature, possibly allowing for further reduction of operating 

temperature and further increase in performance.  However, as the operating range on a lignite 

fuel was not available from the vendor, further reduction in temperature was not considered.  

 

Case 3 and Case 4: Gasifier B Base Case and Optimized Case  
Gasifier B is modeled based on a semi-empirical devolatilization

7
 model supplemented with 

design data from gasifiers in operation.  Moving bed gasifiers are counter-flow reactors. The 

ascending mixture of oxygen (or air) and steam is first pre-heated by the ash layer. The oxygen 

in the blast is quickly consumed by combustion with residual char at the top of the ash layer. The 

products of combustion along with accompanying steam moderator are cooled as they react 

endothermically with the char until a temperature is reached where the gas-char reactions cannot 

be supported. Residual heat in the ascending gas is used to devolatilize and then dry the feed 

solids. The counter-flowing solids are dried, devolatilized, gasified and residual char oxidized as 

they settle and are converted to the gas phase. In contrast to entrained flow gasifiers and 

fluidized bed gasifiers, there is no independent control of fuel and oxygen. Oxygen flow is 

controlled directly but fuel flow is not. Field experience has shown that the O2/fixed carbon ratio 

is relatively independent of coal type. The steam/O2 ratio is empirically determined to manage 

ash agglomeration in the combustion zone. Raw gas temperature leaving the gasifier is largely a 

function of the moisture content of the fuel entering the gasifier.  

The raw syngas produced by char gasification mixes with the coal devolatilization products such 

as tars, oils and phenols and moisture produced during drying inside the gasifier. Therefore, the 

external lignite dryer employed for the entrained flow and fluidized bed gasification processes is 

eliminated by the Gasifier B system.  The oxygen to fixed carbon ratio, steam to fixed carbon 

ratio, operating temperature and pressure, tar and oil production, and raw syngas temperature are 

modeled based on the semi-empirical data provided by the Electric Power Research Institute
8
. 

The raw syngas exiting the gasifier is then purified with a water scrubber to remove any tar, oil, 

phenols, ash or char particles, ammonia, chlorides, alkali metals, and any contaminants which 

could damage or cause blockages in the combustor, turbine or downstream heat exchangers. The 

syngas clean up and cooling process is designed, as in the Gasifier A cases, to recover low grade 

heat from the syngas stream into the Allam Cycle.   

Table 2-4 shows the Gasifier B system performance results for both Case 3 and Case 4.  The net 

system efficiency of Case 3 is only 24.6% HHV. The poor system performance can be attributed 

to two major causes:  

1) The moving bed technology produces much more tar and oil compared to other gasifier 

types.  According to the EPRI data, tar is produced at a rate of 0.012lb/lb-fuel and oil is 

produced at a rate of 0.002lb/lb-fuel.  Tar and oil need be removed in the syngas cleaning 

process to prevent possible damage to downstream components. Therefore, part of the 

total lignite heating value will be lost in the tar/oil removal process and the total syngas 

heating value and turbine output will be less.  

                                                           
7
 Coal Devolatilizatoin in a Moving Bed Gasifier.   EPRI, Palo Alto, CA: 1990.  GS-6797. 

8
 David Thimsen, personal communication 
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2) In order to maintain a low operating temperature to prevent slagging of the ash, a large 

amount of steam needs to be injected into the gasifier to control the combustion zone 

temperature. The recommended value of steam usage is assumed to be 1.332 lb/lb fuel 

based on field experience.  In the Allam Cycle design case, of approximately 564 MWth 

heat input, about 131 MWth is required for generating this steam, as there is no steam 

cycle associated with the Allam Cycle. The integrated coal-based Allam Cycle can only 

provide approximately 50 MW of internally recovered low grade heat for steam 

generation. Therefore the other 80 MW required must be provided from outside the 

system and the addition of this heat has a detrimental effect on the overall system 

efficiency. 

Given the poor performance of Case 3, Case 4 investigated increasing cold gas efficiency by 

using CO2 as a moderator instead of steam.  A conservative approach to investigating this 
alternative would be to replace the recommended water vapor in the gasifier with CO2 in 
proportions that mirror the relative enthalpy changes in water vapor and CO2 between about 500 
°F and 2500 °F, shown in Table 2-5. Therefore, water vapor could be replaced by CO2 at a ratio 
of about 2 lb CO2 /lb-H2O.  To accomplish this, a portion of recycle CO2 from the Allam Cycle 
is injected into the gasifier to control the combustion zone temperature.  A comparison of this 
Case 4 performance to the steam moderated Case 3 is shown in Table 3-3. The system net 
efficiency increases from 24.6% HHV to 36.5% HHV.  

 

Table 2-4 
Comparison of Case 3 and Case 4 performance  

 Case 3 Case 4 

Electric Output 

(MW) 
179 265 

Thermal Efficiency 

(%HHV) 
24.6% 36.5% 

Gasifier Cold Gas 

Efficiency (%HHV) 
83.4% 81.4% 

O2/coal (mass ratio) 59.3% 61.3% 

Compressor and 

Pump Parasitic 

Power 

-13.0% -13.5% 

Plant Parasitic 

Auxiliary Power 

-23.3% (majority 

for steam 

generation) 

-8.8% 

 

Table 2-5 
Enthalpy change of H2O and CO2 at the temperature range of 500-2500 F  

 Enthalpy change 

500°F – 2500°F 

(450 psia) 

Relative amounts to 

achieve the same 

enthalpy change 

CO2 594 Btu/lb 1.97 

H2O 1168 Btu/lb 1.00 
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The advantage of CO2 moderation as compared to steam moderation is that the large quantity of 
low grade heat required for steam generation is not needed in the CO2 moderation case, as CO2 at 
the required conditions is readily available from the Allam Cycle whereas steam is not.  This is a 
key reason for the performance improvement.  

 

Case 5: Gasifier C Case 
In the Allam Cycle, as received coal is crushed to the required size (~ 400 microns) and fed to a 

system of fluidized bed coal dryers, the dryers utilize low-grade process heat to dry coal to a 

25.9% moisture content. Lignite drying design uses N2 produced by the ASU that is pre-heated 

using low-grade heat available from the gasifier, as with the other Cases. N2 is preheated using a 

conventional tube and shell heat exchanger.  The heat required for moisture removal in the 

drying process was calculated to be 2,451 Btu/lb of water removed from the “as-delivered” 

feedstock.  This value is significantly higher than in the Gasifier A case since, although both 
cases assume the temperature of the dried lignite is maintained at 135°F, significantly less 
moisture is removed in the Case C, increasing the ratio of Btu/lb of water removed. 

Partially dried, pulverized coal, oxygen and steam are fed to the gasifier near the mixing zone 
where they contact the circulating solids.  Coal gasification reactions take place in the resulting 
fluidized bed operating in the high velocity ‘transport regime’.  The flow of oxygen is carefully 
controlled to limit carbon combustion within the gasifier.  The mole ratio of O2/C is assumed to 
be 0.336 in this study. Steam is added to the gasifier, both as a reactant and as a moderator to 
control the reaction temperature.  For this study, the mole ratio of steam/C is 0.8 to maintain the 
gasifier operating temperatures at 1600°F for the lignite case.  The operating temperature range 
of Gasifier C is between 1600°F and 1900°F.  The feedstock used for this modeling is a high 
sodium ND lignite, which reduces the ash melting temperature.  Therefore, in order to maintain 
the operating temperature below than ash melting temperature, 1600oF is assumed to be safely 
outside of the required temperature margin.  In addition, these operating temperatures were 
chosen to ensure the highest possible carbon conversions are attained.  This is possible because, 
for a given coal, the maximum carbon conversion in the gasifier remains constant over a range of 
temperatures and only drops when the temperature is further reduced.9 Therefore, the gasifier 
operating temperatures selected for this study represents the lower-end of the temperature range 
for which carbon conversions are uncompromised for the specified lignite.  

As opposed to the previous water-quenched cases, the raw syngas exiting the gasifier at the 
temperature of about 1600°F is sent to a syngas cooler.  The main purposes of the syngas cooler 
are: (1) to recover high-grade process heat from syngas leaving gasifiers, and (2) to provide 
necessary superheat for moderation steam generated within the syngas cooler.  

In this study the superheated steam generated in the syngas cooler is sent to a simple shell and 

tube heat exchanger to be cooled to 650°F, and then sent to the gasifier.  In the tube and shell 

heat exchanger, a low-temperature, high-pressure recycle CO2 stream, a cold nitrogen stream 

                                                           
9
 Dorminey, j., Northington, J., Leonard, R., and Yongue, R., “Lignite Gasification Testing at the Power Systems 

Development Facility,” 34th International Technical Conference on Clean Coal and Fuel Systems, 2009. 
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used for lignite drying, and a cold cleaned syngas stream are heated up against the superheated 

steam.  The raw syngas exiting the syngas cooler at 650°F flows through a hot gas filtration 
system that removes remaining particulate matter as fine ash.  Removing fine particulates from 
syngas is an integral part of any gasifier system as they can foul or corrode downstream 
equipment, reducing performance or causing equipment failure.  The syngas exiting the filter is 
sent to the tube and shell heat exchanger mentioned above for low grade heat recuperation.  A 
water scrubber is used to remove the remaining ammonia, chlorides, fluorides, trace metals and 
water contents from the syngas exiting the heat exchanger.  The syngas exiting the water 
scrubber is at a temperature below 95°F for the mercury removal.  The cleaned syngas is sent 
into the tube and shell heat exchanger to heat up to around 500°F against superheated steam and 
hot raw syngas before being injected into the combustor.  

In the Gasifier C system, the syngas cooler is used for high grade heat recuperation from hot 
syngas at 1600°F, and the tube and shell heat exchanger is used for low grade heat recuperation 
from the syngas after ash filtration. The heat recuperated from raw syngas is used for generation 
of moderator steam, and also for pre-heating the cold nitrogen stream for lignite drying process, 
the low-temperature, high-pressure recycle CO2 stream, and the cold cleaned syngas stream 

before injecting into the combustor.  This extremely efficient heat recovery process in the 

gasification cycle contributes to the high performance of Gasifier C. The net system efficiency of 

is 43.6% HHV, which is shown in Table 2-6.   

Table 2-6 
Comparison of Gasifier C performance to Gasifier A.  

 Case 1 Case 5 

Electric Output 

(MW) 

283 289 

Net Cycle 

Efficiency 

(%HHV) 

44.1% 43.6% 

Gasifier Cold Gas 

Efficiency (%) 

81.7% 79.6% 

Operating 

temperature (°F) 

3183 1650 

Temperature of hot 

syngas heat 

recuperation (°F) 

413 1650 

 

Case 6: Pre-combustion Acid Gas Removal (AGR)  
AGR Process Description 

Considering the potential technology risk of the Lead Chamber Process in the Allam Cycle, the 

alternative of a complete pre-combustion acid gas removal (AGR) process has been investigated. 

While several commercial methods exist for the upstream removal of sulphur (Selexol, Purisol, 

Rectisol, etc.), the Rectisol wash was selected for further investigation. This was due to the fact 

that the low temperature refrigeration of methanol (-40°C) for optimum absorption requires 
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higher capital cost (approximately 5% of the material in a Rectisol plant must be stainless steel) 

and higher parasitic energy than competitive processes.  Therefore this process presents the worst 

case scenario in terms of additional system efficiency and capital cost penalty incurred by the 

coal-based Allam Cycle. 

For the purposes of Case 6, the Rectisol process is modelled as part of the base Gasifier A case 

(Case 1) and the performance of upstream clean-up is compared to Case 1, employing the Lead 

Chamber process.  Primary utility consumption assumptions for modelling of the Rectisol 

process are summarised in Table 2-7. 

Table 2-7 
Primary utility consumption assumptions for modelling of the Rectisol process10  

Total Electricity Use:  0.267 kWh/lbmol syngas 

Total Steam Use:  1722 BTU/lbmol syngas 

Minimum Steam Level:  Saturated steam at 65 psia   

 

The steam use is calculated based on the required heat duty of the Rectisol process, which is 

1722 BTU heat duty/dry lbmol of syngas.  The steam requirement is calculated by the following 

equation: 

mS,R,i = (
            

                
)         

where MD,R,i = Inlet dry syngas molar flow rate, lbmol/hr 

           mS,R,i = Amount of steam required, lb/hr 

           S = steam, D = dry syngas, R = Rectisol, i = inlet 

 

Part of heat required for steam generation is provided by partial H2S combustion in the sulphur 

recovery process, while the rest of steam is assumed to be generated by the cooling wall of 

Gasifier A.  The H2S content in the cleaned syngas post AGR process is 0.1 ppm, CO2 in the 

cleaned syngas is about 1.5 mol%. The recovered CO2 from Rectisol process can be compressed, 

then either mixed with the Allam Cycle recycle CO2 stream or sent to CO2 storage pipeline.  

The Claus Process 

The H2S leaving in the acid gas from the AGR system is converted to elemental sulphur in the 

sulphur recovery unit (SRU). This technology is based on the Claus process involving the partial 

oxidation of the H2S to sulphur gas and steam.  

The oxygen-blown Claus process was originally developed to increase capacity at existing 

conventional Claus plants and to increase flame temperatures of low H2S content gases.  

Although oxygen enrichment has many benefits, its primary benefit for lean H2S feeds is a stable 

                                                           
10

 Pickett M., “Modeling the Performance and Emissions of British Gas/Lurgi-based Integrated Gasification 

Combined Cycle,” Master thesis North Carolina State University, 2000. 
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and higher furnace temperature (2,900°F to 3,000°F). Another advantage of the oxygen-blown 

Claus process is that the tailgas could potentially be recycled to the gasifier, thereby obviating 

the need for a tailgas treatment process.  Due to these advantages, and the fact that the Allam 

Cycle already requires an ASU, the oxygen-blown Claus process was selected in this study.  

Compared to the Allam Cycle with post-combustion AGR (via the Lead Chamber Process), pre-

combustion H2S removal drops the overall plant efficiency drops from 44.1% HHV to 42.5% 

HHV.  The major parasitic load is electricity required for the refrigeration of methanol in the 

Rectisol process. The heat required for steam generation used in the steam-stripped reboiler can 

be derived from the Claus plant and gasifier. Since the tail gas from Claus plant is recycled back 

into the AGR system, recovered CO2 from Rectisol process can be sent to the storage pipeline or 

recycled back into NP system, it is assumed that no carbon is lost during the Rectisol process.    
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3  
LIGNITE DRYING SYSTEMS 
Summary 
With the exception of one power plant in the US and one in Germany, drying of lignite is not 

practiced at the scale envisioned for the commercial-scale Allam Cycle.  Even that one power 

plant in the US does not dry lignite to the level needed for some of the gasifiers considered in 

this report.  Nevertheless, the experience of commercial-scale coal gasifiers in drying other coals 

has shown that deep drying of coal is feasible and extending that experience to lignite is not 

expected to be a major technical challenge.  In fact the Kemper County IGCC, which is 

scheduled to begin operating in late 2014, will dry lignite to the level required by a TRIG 

gasifier. 

The most significant challenge when it comes to drying lignite is to find ways to do it without 

resorting to use of high value energy sources such as syngas that could otherwise be used to 

generate electric power.   Several organizations have been developing technologies that use low 

value energy streams to dry lignite.  Three of the organizations which are the most advanced in 

terms of commercial development are Great River Energy (GRE), RWE, and Schwing-Bioset.   

The most appropriate technology for the Allam Cycle to use in the lignite system will depend on 

which gasification technology is selected.  Entrained flow gasifiers favor drying systems which 

can achieve deep moisture removal (RWE and Schwing-Bioset), while fluidized bed gasifiers 

would benefit from systems that use low temperature heat while achieving a modest amount of 

moisture removal (GRE).  Moving bed gasifiers do not require a drying system for the lignite. 

It is difficult to assign an appropriate “figure of merit” for lignite drying systems.  The deeper the 

moisture removal, the more thermal energy is needed per kg of water removed.   Consequently, 

drying systems that have modest moisture removal capabilities will always have lower energy 

consumption on a per kg H2O removed basis than systems that remove more water.  However, 

one has to look at the entire power plant to ascertain the overall impact of the drying system on 

the process.  For example, by using more heat to remove more water the gasification system will 

have a higher cold gas efficiency which should translate to higher power output in the Allam 

cycle.  Section 2 addresses these overall system impacts.  This section assesses the technology 

readiness of three candidate drying systems.  Those three systems are summarized in Table 3-1 

Summary of Three Lignite Drying Technologies and are each described in detail in the sub-

sections below. 
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Table 3-1 
Summary of Three Lignite Drying Technologies 

Technology Owner 
Great River Energy 

(GRE) 
RWE Schwing-Bioset 

Technology Name DryFining™ WTA Closed Loop Coal 
Drying 

Drying Method 

Waste heat-driven 
fluidized bed dryer 
combined with ash 
reduction 

Steam-driven 
fluidized bed dryer 
with vapor 
recompression 

Waste heat-driven 
fluidized bed dryer with 
inert gas loop and 
water recovery 

Heat Source Hot water from steam 
turbine condenser Low pressure steam Hot water from other 

processes 

Commercial status Installed at commercial 
scale 

Installed at 
commercial scale 

Under construction at 
commercial scale 

Largest installation 8 x 125 ton/hour lignite 
dryers 

One train at 121 
ton/hour 

6 x 100 ton/hour under 
construction, 6.6 ton/hr 
pilot unit at PSDF in 
operation 

Applicable for Use with Allam 
Cycle? 

Yes, but would need to 
recover heat from 
gasification process 
rather than steam 
turbine condenser 

Possible, but would 
require production of 
low pressure steam 
in gasification heat 
recovery train 

Yes 

Product Improvements  

Moisture Content: 
Wet Fuel (% wet basis) 
Dried Fuel (%, wet basis) 

Moisture Removed (%) 

 
37% 
28% 
34% 

 
55% 
12% 
89% 

 
44% 
21% 
66% 

HHV increase (%) 14% 96% 41% 

Thermal use  
(Btu/lb fuel @ temperature) N/A N/A 1250-1350    

@ 250°F-350°F 

Ash Removed (%) N/A N/A N/A 

S Removed (%) Up to 40% N/A N/A 

Hg Removed (%) 12% up to 50% N/A N/A 

Notes: 
1. GRE Moisture reduction is from full scale test reports and is limited by the application. Reductions 

in moisture content greater than those indicated are likely if sufficient thermal resources are 
available. This is likely to be true for all three technologies. 

2. GRE and RWE thermal use (at comparable temperature) is likely to be similar to that indicated for 
Schwing-Bioset. 

3. Ash, S and Hg removal will depend greatly on fuel ash characteristics and forms of Hg in the fuel. 
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Background 
Lignite is a term applied to mined, carbonaceous fuels that have a wet basis calorific value less 

than 8,300 Btu/lb (19 MJ/kg). (If the fuel is unconsolidated, it is sometimes termed “Brown 

Coal”.) Lignite-fueled steam-electric power plants are common and lignite handling systems are 

a relatively mature technology. These handling systems must be designed to deal with the unique 

features of lignite: 

 High moisture content – wet lignite is a ‘sticky” material and silos, conveyors and other 

handling equipment must be designed for this characteristic. 

 Friability – dry lignite is a friable material and will be easily suspended in air as a dust cloud. 

This dust cloud is a respiration hazard, an explosion risk, and blight on the plant landscape. 

Handling equipment must be designed to suppress and recover the dust produced by the 

lignite-using process. 

 Combustibility – lignite is a fire hazard as well as an explosion hazard. Handling facilities 

must be designed to prevent fires and explosions as well as to mitigate the effects of fires and 

explosions if and when they occur. 

 

The most notable feature of lignite is its high moisture content, generally greater than 30% (wet 

basis). This high moisture content is an undesirable feature for any thermal use of lignite 

(including gasification) as evaporating the water imposes a significant heat load on the thermal 

process; heat that is difficult to recover in a useful fashion on the back end of the process.  

Entrained flow lignite gasification processes such as that proposed here are, essentially, partial 

combustion processes. The temperature achieved during partial combustion must be sufficiently 

high to maximize conversion of solid carbon to gas-phase species. Feeding dry lignite to the 

gasifier reduces the amount of feed that must be fully oxidized to maintain the required gasifier 

temperature. This results in less CO2 production in the gasifier and more H2 and CO production 

with correspondingly higher syngas calorific value, all desirable ends.  

There are, however, practical limits in reducing lignite moisture content: 

 The friability of lignite increases as its moisture content decreases. The practical result is that 

handling dry lignite produces significant quantities of dust. 

 Dry lignite dust is a very reactive fuel in the presence of air and is an explosion hazard as 

well as a nuisance. 

The lignite preprocessing systems required for the entrained flow gasification system proposed 

here must be designed to deliver dried, pulverized lignite to the gasifier lock hoppers at which 

point they are handled by the gasifier island. The most notable feature of the lignite pre-

processing is the drying process. The other features of the lignite pre-processing system support 

the dryer and transport of the fuel. 

Heated air drying of granular materials is widely employed and is suitable for drying lignite. The 

drying capacity of heated air depends on both the temperature and the moisture content of the air 

which comes into contact with the wet lignite. (“Air” is used here generically. The lignite 

syngas-fueled plant proposed here utilizes nitrogen instead of air to avoid the risk of dryer 

fires/explosions but the differences in drying performance are minimal; air is 78% nitrogen.) The 



 

3-4 

heated air evaporates the water contained in the lignite and sweeps the water vapor out of the 

dryer. Due to a number of physical and chemical effects, the thermal energy required to 

evaporate water from coal and lignite is slightly higher than that which would be required to 

evaporate free water at the same temperature
11

. Similarly, the efficiency of utilizing the thermal 

energy in the dryer will be a function of: 

 Air inlet conditions – dryer, warmer air increases efficient use of thermal energy 

 Air to coal rate: – lower air to coal rate reduces thermal losses to the drying air exhaust  

The most efficient dryer design will employ minimum air flow and maximize heat transfer to the 

air prior to the air entering the dryer.  

A summary of the performance of several drying technologies is given in Table 5-1.  

The Great River Energy and Schwing Bioset fluidized bed lignite dryers described below are 

typical deployments of heated air lignite drying. The RWE drying technology described below 

also uses a fluidized bed, but the fluidizing medium is steam rather than air.  

Great River Energy Lignite Dryer 
Great River Energy (GRE) captures and reuses unit waste heat at its Coal Creek Station in 

Underwood, North Dakota, to supply warm water and warm air to a fluidized bed lignite dryer as 

shown schematically in Figure 3-1 which depicts one of several thermal configurations 

developed for the process which GRE has branded DryFining™.
12

 All of the lignite burned at the 

Coal Creek Station is dried by this process since its implementation and start-up in 2009. 

Performance obtained from a DryFining prototype dryer is shown in Figure 3-2. The system 

installed at Coal Creek Station was designed to reduce fuel moisture content by approximately 9 

percentage points from 38% to 29%.   The DryFining process is capable of drying lignite to a 

much lower moisture content as has been shown at pilot scale, however, since the Coal Creek 

Station boilers were designed to burn lignite with 37% moisture, 29% moisture is the limit in 

drying that can be tolerated by without causing mass and heat flow imbalances in the boiler.   To 

achieve deeper moisture removal, the fluidized bed dryers would have to operate at higher drying 

temperatures than are used at Coal Creek.  EPRI believes a custom-designed DryFining process 

could produce lignite which would meet the specification of the gasification technologies 

examined in this study.  Dry lignite was sent by GRE to Siemens in 2007 for testing in their 

gasifier with good results
13

.  

 

                                                           
11 Condition of Water in Coals.   A.W. Gauger.   Chemistry of Coal Utilization, V1. J. Wiley and Sons, New York.   
1945. 
12 C. Bullinger, M. Ness, and N. Sarunac, “Coal Creek Prototype: Fluidized Bed Coal Dryer,” 31st International 
Conference on Coal Utilization and Fuel Systems, Clearwater, FL, May 21–25, 2006. 
13 C. Bullinger, Great River Energy, personal communication, January 2014. 
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Figure 3-1 
Simplified Schematic of Great River Energy Dryer  

 

 

Figure 3-2 
Reduction of Moisture at Great River Energy’s Coal Creek Station 

Early performance test results are shown in Table 3-2 for the full unit. These indicate that with 

just one pulverizer using dried coal, the stack flow rate from the unit decreased by 1%, boiler 

efficiency increased 0.37 percentage points, pulverizer power consumption decreased 3.3%, SOX 

emissions fell 2%, NOX emissions decreased 7.5% (because drier coal allowed adjustments to 

burner air flows that lowered NOX production), and CO2 emissions decreased 0.4%. 
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Table 3-2 
Improved Unit Performance at the Coal Creek Station (One of Seven Pulverizers Receiving Dried 
Coal)  

Parameter Units Coal Dryer 
In Service 

Coal Dryer 
Out of 
Service 

Change 

Gross Power Output MW 589 590 – 

Total Coal Flow Rate klb/hr 
kg/s 

953 
120 

972 
123 

-2.02% 

Dried Coal % of Total 14.62 0.00  

Specific Pulverizer Work kWh/klb 
J/kg 

4.09 
9.01 

4.29 
9.46 

-4.65% 

Total Pulverizer Power kW 4057 4206 -3.53% 
 

The full commercial application includes four drying modules supplying all eight pulverizers. 

Great River Energy has measured NOX reduction exceeding 20%, SOX reduction exceeding 

40%, and mercury reduction of nearly 40%. With net heat rate decreasing by 2.85%, net CO2 

emissions per kWh decreased by about 3%. 

Figure 3-3 shows the Coal Creek Station with the DryFining dryers in operation during the 

middle of the winter. Moisture removed from the lignite is vented from the four smaller stacks at 

the boiler roof. The full installation consists of eight (8) dryer modules serving sixteen (16) 

lignite mills drying 7 million tons per year.  
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Figure 3-3 
DryFining Dryers in Operation at Great River Energy Coal Creek Station 

RWE WTA Fluidized-Bed Dryer  
RWE steam-electric units in western Germany burn wet lignite whose moisture content is around 

55 percent but can be as high as 65 percent. RWE has developed a fluidized bed lignite dryer 

they term WTA (Wirbelschicht-Trocknung mit interner Abwärmenutzung, fluidized-bed dryer 

with internal waste heat utilization)
14

. The lignite is fluidized at around 110°C (230°F) by 

slightly superheated steam and the energy for drying is provided by steam condensing inside 

tubes immersed in the fluidized bed. The technology is described in more detail in another EPRI 

report
15

. 

The overall process arrangement is shown in Figure 3-4 

. The raw lignite with a top size of 80 mm (~ 3 inches) enters the first of two hammer mills in 

series and is reduced to the feed size, either with a top size of 6 mm or 2 mm (0.24 or 0.08 

inches). The milled raw lignite is conveyed to an overhead hopper and metered into the dryer 

through a rotary valve into a chute rotating in the dryer freeboard.  

                                                           
14

 Ewers, J., et al, “The Development of Pre-Drying and BoA-Plus Technology”, VGB Conference, "Power Plants in 

Competition” Cologne, March 19
th

 and 20
th

, 2003. 
15

 Operating Experience, Risk, and Market Assessment of Clean Coal Technologies: 2008. EPRI, Palo Alto, CA: 

2008.   1015679. 
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Figure 3-4 
Schematic of WTA Lignite Dryer  

The dryer can be divided into three sections vertically: 

 A freeboard space through which the raw feed falls before entering the bed and where coarse 

solids disengage from the fluidizing vapor.  

 The bubbling bed region where heat transfer tubing is immersed in a bed of lignite fluidized 

with recycled product vapor injected through sparger nozzles. Dryer operation is controlled 

according to an experimentally-determined curve relating operating temperature to lignite 

exit moisture. This drying curve is different for different fuels. Low pressure steam for 

heating is provided by turbine extraction or other convenient source. 

 Dried solids pass through the gaps between the sparger pipes into the hopper section through 

which the dried lignite passes to the exit.  

The lignite leaves the dryer through rotary valves at the hopper exits. The product is cooled in a 

vibrating plate cooler and by conveying air that takes the product to a storage silo. The dusty, 

moist conveying air is discharged to atmosphere through a bag house and the dust collected is 

returned to the product stream. Dust carried overhead by the fluidizing vapor is removed in an 

ESP and the solids returned to the cooled coarse solids stream leaving the foot of the dryer.  

A small portion of the cleaned vapor leaving the ESP is compressed for recirculation as the 

fluidizing medium. Most of the cleaned vapor is condensed to heat steam generator feedwater or 

other thermal load. Non-condensibles in the vapor are vented.  

The WTA process can dry the feed to moisture contents as low as about 12%. This limit is 

imposed to protect against self-ignition of the dry, dusty product.  

16 hours is required on cold start to warm the dryer using the steam trace heating. The initial bed 

is dried lignite retained from the previous run and nitrogen is used for start-up fluidization. As 
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wet lignite is fed and steam is introduced to the heating circuit to maintain bed temperature, 

evaporated water vapor replaces nitrogen in the recycle fluidization loop and the start-up 

nitrogen is vented. 

Two major variants of this base design are anticipated by RWE: 

 When the moisture content of the feed is greater than about 55%, the overhead vapor is 

sufficient to provide the thermal demand of the dryer. In this case, the overhead vapor can be 

recompressed and used in lieu of the imported extraction steam. The imported steam load is 

replaced by a modest increase in auxiliary power for the steam compressor.  

 A low-cost variant is anticipated where in the ESP is replaced by cyclones. In this case, the 

product vapor is vented and no heat is recovered to feedwater.  

The commercial module size that RWE has developed has the following characteristics: 

 Production capacity is approximately 110 tonnes per hour (121 tons per hour) at 12% 

moisture content. The module would provide sufficient fuel for 150-200 MWe. Multiple 

modules would be required for larger plants. 

 Nominal inlet moisture content up to approximately 55%. Import steam use depends on 

moisture removed. Aggregate auxiliary power use is approximately 3 MWe.  RWE has not 

published any information on whether the dried lignite has decreased the power used by the 

pulverizers, so the overall impact on auxiliary power is unknown.   

 Installation size is 70 m x 25 m and the structure is 40-m tall (230 ft. x 82 ft. x 131 ft.).  

 

PSDF Fluid Bed Dryer System16 
 

The Power System Development Facility (PSDF), a US Dept. of Energy research facility 

operated by Southern Company Services, has a drying system specifically built for drying lignite 

to be fed to the pilot-scale TRIG gasifier at the PSDF.  The PSDF Fluid Bed Dryer System is a 

prototype for the commercial-scale lignite drying system being built at Mississippi Power’s Plant 

Radcliffe IGCC in Kemper County, Mississippi.   

The PSDF system was manufactured by Schwing Bioset. Construction and installation was 

completed in March 2008, and the initial commissioning was completed in May 2008. This coal 

drying system exhibits a high coal drying efficiency, with N2 used as the coal drying and 

fluidization media. Figure 3-5 is a photograph of the fluid bed dryer system showing the major 

components. 

                                                           
16

 Whole sections of this description are taken from: Dorminey, j., Northington, J., Leonard, R., and Yongue, R., 

“Lignite Gasification Testing at the Power Systems Development Facility,” 34th International Technical Conference 

on Clean Coal and Fuel Systems, 2009. 
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Figure 3-5 
PSDF Fluid Bed Dryer System  

The fluid bed technology selected operates with high thermal efficiency and requires 25 to 38 

percent less energy per amount of water removed than conventional drying methods (1,250 to 

1,350 BTU/lb of water evaporated, compared to 1,800 to 2,000 Btu/lb of water evaporated for 

drying methods such as rotary drum, flash, and belt dryers).  Because the fluid bed dryer does not 

incorporate any internal moving parts, operation and maintenance costs are minimal. Figure 3-6 

provides a flow diagram of the PSDF fluid bed dryer system. After processing through a crusher, 

the coal is fed into the dryer feed bin and then from the dryer feed bin directly to the dryer by a 

variable rate feed system. Nitrogen is used for drying and fluidization and is heated in a finned 

tube heat exchanger prior to entering the dryer. As the nitrogen and moist coal mix, the moisture 

transfers from the coal to the nitrogen. Three in-bed heat exchangers promote additional drying 

as the fluidized coal flows around and through the heat exchangers resulting in efficient 

utilization of drying energy. 
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Figure 3-6 
Schematic of PSDF Lignite Dryer  

The nitrogen at the top of the dryer is nearly saturated with water vapor. A slip stream of gas that 

bypasses the dryer is sent through a second finned tube heat exchanger to reheat the exit vapor 

preventing condensation of the gases in the exhaust duct or the baghouse. The gases pass through 

a baghouse, where entrained particulate is extracted from the gas stream and is conveyed to the 

dryer product outlet where it is mixed with the dried coal. 

Exhaust gas from the baghouse enters a direct contact spray condenser, where the evaporated 

moisture from the lignite is condensed and extracted. A quench-water recirculation pump takes 

water from the condenser basin and discharges it above a packed bed to cool the process gas and 

condense the evaporated water. This condensed water goes to the process wastewater stream at 

the PSDF, but could be recycled in a commercial facility. The water from the condenser basin is 

circulated through a heat exchanger to maintain a constant cooling water temperature. A cooling 

tower is used to provide cooling water to the shell and tube heat exchanger. The quenched 

nitrogen stream exits the condenser and passes through primary and secondary process blowers. 

Some gas may be exhausted to the atmosphere to control system pressure. The crushed and dried 

coal is then fed to a pulverizer system where it is mechanically ground and stored in a silo until 

ready for use as gasifier feedstock. 

The source of thermal energy for the dryer heat exchangers is a high temperature water heater 

operating at temperatures ranging from 250°F - 300°F. The operating conditions selected 
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emulate waste heat streams at a commercial facility, further enhancing efficiency of the 

operation. 

Table 3-3 shows the fluid bed dryer operating performance during the initial off-line 

commissioning. Testing revealed that while particle attrition in the dryer reduced the coal mass 

median diameter (MMD) particle size, the percentage of oversize particles was higher than 

desired for coal feed system operation. Thus, the material was sent to the pulverizers for final 

product sizing. 

Table 3-3 
Performance of Fluid Bed Dryer during Commissioning Tests  

Lignite Processed, Tons (cumulative during tests) 1,152 

Dryer Feed Rate, lb/hr 13,100 

Inlet Coal Moisture Content, wt. % 44 

Outlet Coal Moisture Content, wt. % 21 

Inlet Coal MMD, micron 1,100 

Outlet Coal MMD, micron 890 

Outlet Coal Oversize (>1180 micron) Content, wt. % 40 

Outlet Coal Fine (<45 micron) Content, wt. % 5 

 

Parametric testing consistently demonstrated the positive relationship between bed outlet 

temperature and coal moisture content, and the operating data established the desired range of 

bed operating temperatures. Figure 3-7 plots the moisture content of the fluid bed dryer product 

versus the bed temperature. As expected, testing also showed that lower hot water supply 

temperature resulted in a higher required mass flow rate of hot water but did not impact coal 

moisture content. Waste heat streams available at a commercial IGCC facility would be able to 

meet temperature and flow rate requirements. 
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Figure 3-7 
Produce Moisture Content versus Fluid Bed Dryer Outlet Temperature  

The oversize (reject) removal rate was about 4 to 5 percent of the dryer feed rate, providing 

stable dryer fluidization and bed differential pressure. The heating value of the reject material 

was similar to the dried product, making recovery and utilization of this stream desirable in a 

commercial facility. Oxygen and carbon monoxide analyzers were employed to ensure safe 

operation of the process and provided accurate readings throughout commissioning activities. 

Table 3-4 shows the fluid bed dryer operating performance during gasification testing. The 

system performed well and produced dried product consistent with observations during 

commissioning. 

Table 3-4 
Performance of Fluid Bed Dryer during Gasification Testing  

Lignite Processed, Tons 2,800 

Dryer Feed Rate, lb/hr 13,000 

Inlet Coal Moisture Content, wt. % 42 

Outlet Coal Moisture Content, wt. % 20 

Inlet Coal MMD, micron 1,080 

Outlet Coal MMD, micron 830 

Outlet Coal Oversize (>1180 micron) Content, wt. % 40 

Outlet Coal Fine (<45 micron) Content, wt. % 10 
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The lignite processed in the fluid bed dryer was then pulverized in the coal mill pulverizers to 

reduce the amount of oversize material. The pulverizers reduced the MMD to about 460 microns 

and the weight percent of oversize particles to about 23 weight percent.  Figure 3-8 compares the 

particle size distribution curves for the fluid bed dryer product and the pulverized material. The 

additional pulverizing slightly increased the amount of fine material, which averaged about 14 

weight percent.  In addition, the pulverizers were operated without heat input from the electric 

heaters resulting in minimal added moisture reduction (lignite moisture content averaged 18 

weight percent). The reduction in required heat input would result in increased thermal efficiency 

in a commercial facility as well. Figure 3-9 compares the processed as-fed moisture content of 

the Mississippi high moisture lignite before and after installation of the dryer. The coal moisture 

content after installation of the dryer was consistently maintained below the desired level of 20 

weight percent. 

 

Figure 3-8 
Particle Size Distributions of Pulverized Lignite and of Lignite Processed in Fluid Bed Dryer  
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Figure 3-9 
Compares the processed as-fed moisture content of the Mississippi high moisture lignite before 
and after installation of the dryer. The coal moisture content after installation of the dryer was 
consistently maintained below the desired level of 20 weight percent. 
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4  
COST ANALYSIS 
Section 2 of this report indicates that there are significant performance advantages of the 

commercial Allam Cycle lignite-fuelled plant when compared to existing systems.  However, it 

is important to understand what the expected cost would be for such a system, and how this 

compares to existing technology options, both with and without carbon capture.  This section 

attempts to provide a reasonable cost estimate based on known costs of similar systems. 

For this estimate, Case 2 of Section 2 was assumed to constitute the process design around which 

the estimate was generated.  This case assumes integration of the Allam Cycle with an oxy-

blown, entrained-flow, full water quench gasification island and associated coal and ash handling 

equipment (Gasifier A).  This case also assumes that post-combustion sulfur removal is 

employed via the Lead Chamber processed, described more fully in Section 2.   

Although only the final LCOE analysis is presented in the results below, the following sections 

detail the full methodology utilized for the generation of the capital and operating cost estimates 

used in the analysis. 

Estimating Methodology 
The estimating methodology for capital costs, operations and maintenance costs, and levelized 

cost of electricity are described below. 

Capital Costs 

This study reports capital cost at the Total Plant Cost level.  Total Plant Cost (TPC) includes 

Bare Erected Cost, Engineering, and Contingency.  Bare Erected Cost (BEC) includes the cost of 

process equipment, on-site facilities and infrastructure that support the plant (e.g., shops, offices, 

labs, road), and the direct and indirect labor required for its construction and/or installation. The 

cost of EPC services and contingencies is not included in BEC. BEC is an overnight cost 

expressed in base-year (mid-2013) dollars. 

The TPC comprises the BEC plus the cost of services provided by the engineering, procurement 

and construction (EPC) contractor and project and process contingencies. EPC services include: 

detailed design, contractor permitting (i.e., those permits that individual contractors must obtain 

to perform their scopes of work, as opposed to project permitting, which is not included here), 

and project/construction management costs. TPC is an overnight cost expressed in base-year 

(mid-2013) dollars.  TPC does not include financing cost and other owner’s cost that would be 

expected for any plant.  

Cost Estimate Basis and Classification 

The TPC and Operation and Maintenance (O&M) costs in this study were estimated by EPRI 

using a capacity factored method as described in AACE International Recommended Practice 

No. 59R-10, “Development of Factored Cost Estimates–As Applied in Engineering, 

Procurement, and Construction for the Process Industries”.   



 

4-2 

This type of preliminary assessment or concept screening cost estimate is classified as an AACE 

Class 5 Cost Estimate (AACE International Recommended Practice No. 17R-97, “Cost Estimate 

Classification System”). The Class 5 cost estimates developed for this study are expected to have 

an accuracy range of -30%/+50%. 

Capacity factored estimates are used to provide a relatively quick and sufficiently accurate 

means of determining whether a proposed project should be continued or to decide between 

alternative designs or plant sizes. This early screening method is often used to estimate the cost 

of battery-limit process facilities, but can also be applied to individual equipment items or 

systems. The cost of a new plant or system is derived from the cost of a similar plant or system 

of a known capacity with a similar process conditions. It relies on the nonlinear relationship 

between capacity and cost as shown below:  

CostB/CostA = (CapB/CapA)
r
 

where CostA and CostB are the costs of the two similar plants, CapA and CapB are the capacities 

of the two plants and r is the exponent, or cost scaling factor.  This methodology of using 

capacity factors is also sometimes referred to as the “economy of scale” method or the “six-

tenths factor” method because of the reliance on an exponent of 0.6 if no other information is 

available. With an exponent of 0.6, doubling the capacity of a plant increases costs by 

approximately 50 percent, and tripling the capacity of a plant increases costs by approximately 

100 percent. 

Cost scaling factors for this cost estimate were based on experience from prior detailed EPRI 

studies of IGCC power plants
17

. 

Reference Plant Costs and Capacity Factoring of Major Plant Systems 

The capital cost estimate for the lignite-fired Allam Cycle is broken down into the following 

major plant systems: 

 Coal Handling 

 Coal Prep & Feed 

 Gasifier & Auxiliaries 

 Slag & Ash Handling 

 Heat Exchanger 

 Mercury Removal 

 Syngas Compressor  

 Gasification BOP 

 Gasifier ASU  

 Combustor ASU  

 Allam Cycle 

Costs for the Allam Cycle were further broken down into Equipment, Piping & Bulks, 

Construction & Labor, and Engineering. 

                                                           
17

 2009 Integrated Gasification Combined Cycle Engineering-Economic Evaluation, Desktop Reference Report 

(U.S. Units). EPRI, Palo Alto, CA: 2009. 1019367. 
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Case L3A from the May 2011 NETL baseline report was chosen as the basis for the Allam Cycle 

cost estimate.
18

  This case does not include CO2 capture. 

Cost estimates for major plant systems (non-Allam Cycle) of the integrated lignite plant were 

capacity factored from the corresponding systems in the NETL report.  For example, the coal 

handling and preparation systems were factored based on total as-received coal flow to the 

system.   

The resulting cost was still expressed in mid-2007 dollars.  The cost was then adjusted to mid-

2011 dollars using the average escalation factor of 20% as reported in the August 2012 NETL 

report titled “Updated Costs (June 2011 Basis) for Selected Bituminous Baseline Cases”. 

EPRI assumed no additional escalation from mid-2011 to mid-2013 dollars based on an average 

of the Chemical Engineering Plant Cost Index (CEPCI) and Marshall & Swift Index (M&S) for 

that time period.  Note that the CEPCI went up slightly while the M&S index went down slightly 

over the same time period. 

A similar capacity factoring approach was used for the other major gasification plant systems.  

The basis for the system capacities were as follows: 

 Gasifier & Auxiliaries – total heat input to the gasifier (million Btu/hr) 

 Slag & Ash Handling – total ash in the feed coal (lb/hr) 

 Heat Exchanger – total heat exchanger duty (million Btu/hr) 

 Mercury Removal – total syngas flow (lb/hr) 

 Gasifier ASU – total oxygen flow (lb/hr) 

 Combustor ASU  – total oxygen flow (lb/hr) 

 

The cost for the syngas compressor was based on an equipment quote provided by 8 Rivers 

Capital.  EPRI assumed an installation factor of 2.0 to get a total installed cost, including 

engineering and contingency. 

The gasification balance of plant cost was based on 10% of the overall gasification systems cost 

derived from Case L3A of the NETL report
19

.  This includes costs for Electrical, I&C, Site Prep, 

Buildings/Structures.   

Equipment from NET Power’s US-based Pre-FEED for the 290 MWe, first-of-a-kind (FOAK) 

natural gas-fired Allam Cycle was used as the basis for the commercial lignite-fired Allam 

Cycle.  As with the gasification and coal handling equipment, costs of major components of the 

Allam Cycle were scaled based on the relative difference of flow rates between the gas- and 

lignite-fuelled cycles.  Since the primary power cycle is common to both cycles, there are only 

minor differences in the coal-fuelled Allam Cycle equipment list, most notably the lack of 

equipment necessary in the gas cycle for the generation of low grade heat.   

                                                           
18

 “Cost and Performance Baseline for Fossil Energy Plants, Volume 3a: Low Rank Coal to Electricity: IGCC 

Cases”.   
19

 “Cost and Performance Baseline for Fossil Energy Plants, Volume 3a: Low Rank Coal to Electricity: IGCC 

Cases”.   
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The construction approach for the Allam Cycle costs is assumed to be direct hire and based on 

current US Gulf Coast wage rates.  Direct craft man-hours (MH’s) were factored and adjusted for 

variations due to larger sized equipment and review of the piping installation MH’s based on 

material, sizing and wall thickness.  These were then adjusted to a North Dakota basis using data 

from EPRI’s proprietary PCCost program.  All indirect costs have been factored based on the 

past history of NET Power’s partners for similar size projects. 

An estimate of nth-of-a-kind (NOAK) costs was also prepared for comparison to NETL 

estimates of conventional technologies.  For those components within the core Allam Cycle, Nth 

cost estimates were taken from the US-based Pre-FEED for the 290MWe, NOAK natural gas-

fired estimate.  As with the FOAK estimate, costs of major components of the Allam Cycle were 

scaled based on the relative difference of flow rates between the gas- and lignite-fuelled cycles.  

For those components added to the cycle based on scaling of equipment from the NETL report, 

Nth cost estimates were derived using the NETL learning curve method.
20

 

The Allam Cycle estimate basis excludes: 

 Development costs 

 Risk insurance 

 Forward escalation (estimate is assumed present day) 

 Taxes, bonds, and letters of credit 

 Ocean transport of equipment, custom duties, value added taxes, and offload fees 

 Processing of the exported CO2 to meet pipeline requirements for O2 and water,  

 Ground remediation, e.g. contamination from previous use 

 Piling and foundations 

 

Operating & Maintenance Costs 

Operating and maintenance costs for the Siemens gasification-based Allam Cycle plant were 

estimated as a percentage of the Total Plant Cost based on EPRI’s experience with similar 

gasification facilities.  Approximately 3.5% of TPC was included as an allowance for fixed 

O&M costs, including operating labor, maintenance labor, maintenance materials, administrative 

& support labor. 

Variable O&M costs include consumable items such as water, chemicals, solid waste disposal, 

etc. and were factored from prior studies
21

. 

The lignite fuel cost was assumed to be $1.40/MMBtu.  

Levelized Cost of Electricity 

A common measure of the overall economics of a given power plant design is the levelized cost 

of electricity.  This takes into account the capital and operating costs, as well as the fuel costs.  

The following discussion briefly summarizes the EPRI Revenue Requirement Methodology, 

including a simplified method for calculating the levelized cost of electricity. 

                                                           
20

 NETL. “Quality Guidelines for Energy Systems Studies: Technology Learning Curve (FOAK to NOAK)”. 

August 2013 
21

 Ibid 
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Revenue Requirement (RR) is defined as the total revenue that must be collected from customers 

to compensate a utility for all expenditures associated with implementing a project. 

RR = Carrying Charges + Expenses 

Carrying Charges (CC) are defined as the sum of return on debt, return on equity, income taxes, 

book depreciation, property taxes, and insurance.  Expenses include operating & maintenance 

costs and fuel cost. 

The Cost of Electricity (COE) has three main components: 

 Carrying Charges (CC) 

 Operating & Maintenance Costs (O&M) 

 Fuel Costs 

COE = CC + O&M + Fuel 

Constant Dollar Levelized COE does not incorporate inflation effects and is generally preferred 

by economic analysts since the levelized values are closer to today’s costs of electricity.  Current 

Dollar Levelized COE includes inflation effects. 

Levelized Capital Related Carrying Charges (CC) are calculated as follows: 

CC = (TPC x CCF) / (8760 x CF) x 1000 

where, 

 TPC = Total Plant Cost, $/kW 

 CCF = Levelized Carrying Charge Factor 

 CF = Capacity Factor, % 

The units of CC, and COE, are $/MWh.  

EPRI assumes a 30-year book life for plant costs and a 30-year levelization factor (carrying 

charge) is used as a multiplier applied to the TPC to give a capital charge in $/MWh. The factor 

takes into account owners costs (OC), allowance for funds used during construction (AFUDC), 

depreciation, and return on investment. A CCF matching that of IGCC plants was assumed for 

the Allam Cycle lignite system. 

The capacity factor for all plants was assumed to be 80%.   
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Results 
Using data from the 2011 NETL report for lignite-fuelled gasification plants, a First-of-a-Kind 

(FOAK) total plant cost estimate (excluding development and owner’s costs) for the coal-based 

Allam Cycle was estimated for a 286MWe facility.  This FOAK estimate is then used to generate 

an estimate of Nth-of-a-Kind (NOAK) facility using an NETL learning curve analysis and 

published factors for NOAK equipment cost reductions.
22

  Table 4-1 below summarizes this 

estimate and compares it to existing IGCC and SCPC technologies, both with and without carbon 

capture.  Data for existing technologies was derived from several sources including NETL
23

 as 

well as more recent estimates from Parsons Brinkerhoff
24

 and the EIA
25

.  These sources provide 

a range of cost estimates for existing technology for comparison with Allam Cycle costs.   

Table 4-1 
Summary of Lignite-Fuelled Allam Cycle Costs vs. NETL Baseline Cases 

 
Allam Cycle SCPC 

SCPC w/ 

CCS 
IGCC 

IGCC w/ 

CCS 

 FOAK NOAK     

Scaled Total Plant Cost*  3,078 2,499 2,701 – 3,058 4,711 – 4,925 3,508 – 4,096 4,561 – 6,013 

Fuel Cost, $/MWh 10.1 9.5 12.3 – 12.7 16.8 – 18.7 12.2 – 12.7 15.0 – 15.9 

VOM, $/MWh 1.8 1.8 3.6 – 4.5 7.2 – 9.5 1.8 – 7.2 2.8 – 8.5 

FOM, $/MWh 11.0 7.1 6.1 – 10.2 13.0 – 15.7 9.9 – 17.6 11.4 – 21.9 

Capital, $/MWh 54.3 44.1 46.6 – 52.8 81.3 – 85.0 61.9 – 72.5 80.5 – 106.4 

30-yr Constant Dollar 

LCOE 
77.2 62.6 73.2 – 75.7 122.9 – 124.3 94.0 – 101.8 121.1 – 141.2 

EOR Sales @ $20/tonne** -14.5 -14.5 0.0 -23.9 0.0 -20.2 

LCOE w/ EOR Sales 62.7 48.1 73.2 – 75.7 99.0 – 100.4 94.0 – 101.8 100.9 – 121.0 

*Capital costs are scaled (0.85 factor) to match the Allam Cycle output to account for economies of scale.  

Subsequent LCOE calculations are based on these scaled capital estimates.  Cost data is pulled from several sources 

(NETL, 2010; EIA
26

, 2013)  to provide a range of estimates 

**EOR sales do not account for transport and storage infrastructure that may be required  

 

As is seen in this table, estimated LCOE for a FOAK 287MWe Allam Cycle lignite plant are 

below that of traditional coal-based generation, even without valuing the captured CO2.  In 

addition, a FOAK Allam Cycle plant is expected to provide an efficiency increase of ~10 

percentage points (HHV), in addition to near 100% carbon capture.  Revenue of only $20/tonne 

                                                           
22 NETL. “Quality Guidelines for Energy System Studies: Technology Learning Curve (FOAK to NOAK)”. August 

2013 
23

 Ibid 
24

 Parsons Brinkerhoff. “Electricity Generation Cost Model – 2013 Update of Non-renewable Technologies”. April 

2013. 
25

 U.S. Energy Information Administration. “Updated Capital Cost Estimates for Utility Scale Electricity Generating 

Plants”. April 2013 
26 US Energy Information Administration. “Updated Capital Estimates for Utility Scale Electricity 
Generating Plants”. April 2013 
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CO2 makes the FOAK Allam Cycle significantly cheaper on an LCOE basis than SCPC (without 

CO2 capture), the lowest cost modern coal system is use today.   

For the purposes of this study, fuel costs were assumed to be $1.40/MMBtu.  With increasing 

fuel costs, the benefits of efficiency savings will become more pronounced and produce further 

LCOE savings for the Allam Cycle relative to existing technologies.  

 

Summary 
In summary, a FOAK estimate of the total plant cost for a 287 MWe lignite-fuelled Allam Cycle 

was developed with the following parameters: 

 

 The process design presented in Case 2 of Section 2 was assumed to be the basis of the 

estimate, exhibiting an efficiency of 47.4% HHV with near 100% carbon capture and 

only slight optimization of the overall process scheme 

 An AACE Class V FOAK capital cost estimates and associated LCOE calculations 

indicate that these costs make the Allam Cycle with near 100% carbon capture extremely 

competitive or superior to conventional coal-based generation without carbon capture 
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Preface  

The North American Electric Reliability Corporation (NERC) has prepared the following assessment in accordance with the 
Energy Policy Act of 2005, in which the United States Congress directed NERC to conduct periodic assessments of the 
reliability and adequacy of the bulk power system (BPS) in North America.1 NERC operates under similar obligations in many 
Canadian provinces, as well as a portion of Baja California Norte, Mexico. 

NERC is an international regulatory authority established to evaluate and improve the reliability of the BPS in North America. 
NERC develops and enforces Reliability Standards; annually assesses seasonal and long-term (10-year) reliability; monitors 
the BPS through system awareness; and educates, trains, and certifies industry personnel. NERC is the electric reliability 
organization (ERO) for North America, subject to oversight by the U.S. Federal Energy Regulatory Commission (FERC) and 
governmental authorities in Canada.2 

NERC Regions and Assessment Areas 

 

 

 

 

 

The North American Electric Reliability Corporation 

Atlanta 
3353 Peachtree Road NE, Suite 600 – North Tower 
Atlanta, GA 30326 
404-446-2560 

Washington, D.C. 
1325 G Street NW, Suite 600 
Washington, DC 20005 
202‐400‐3000 

 

                                                           
1 H.R. 6 as approved by of the One Hundred Ninth Congress of the United States, the Energy Policy Act of 2005. The NERC Rules of Procedure, 

Section 800, further detail the Objectives, Scope, Data and Information requirements, and Reliability Assessment Process requiring annual 
seasonal and long-term reliability assessments. 

2 As of June 18, 2007, FERC granted NERC the legal authority to enforce Reliability Standards with all U.S. users, owners, and operators of the BPS 
and made compliance with those standards mandatory and enforceable. Equivalent relationships have been sought and for the most part realized 
in Canada and Mexico. Prior to adoption of §215 in the United States, the provinces of Ontario (2002) and New Brunswick (2004) adopted all 
Reliability Standards that were approved by the NERC Board as mandatory and enforceable within their respective jurisdictions through market 
rules. Reliability legislation is in place or NERC has memoranda of understanding with provincial authorities in Ontario, New Brunswick, Nova 
Scotia, Québec, Manitoba, Saskatchewan, British Columbia, and Alberta, and with the National Energy Board of Canada (NEB). NERC standards 
are mandatory and enforceable in Ontario and New Brunswick as a matter of provincial law. Manitoba has adopted legislation, and standards are 
mandatory there. In addition, NERC has been designated as the “electric reliability organization” under Alberta’s Transportation Regulation, and 
certain Reliability Standards have been approved in that jurisdiction; others are pending. NERC standards are now mandatory in British Columbia 
and Nova Scotia. NERC and the Northeast Power Coordinating Council (NPCC) have been recognized as standards-setting bodies by the Régie de 
l’énergie of Québec, and Québec has the framework in place for Reliability Standards to become mandatory. NEB has made Reliability Standards 
mandatory for international power lines. In Mexico, the Comisión Federal de Electricidad (CFE) has signed WECC’s reliability management system 
agreement, which only applies to Baja California Norte. 

FRCC Florida Reliability Coordinating Council 

MRO Midwest Reliability Organization 

NPCC Northeast Power Coordinating Council 

RF ReliabilityFirst  

SERC SERC Reliability Corporation 

SPP-RE Southwest Power Pool Regional Entity 

TRE Texas Reliability Entity 

WECC Western Electricity Coordinating Council 

http://www.gpo.gov/fdsys/pkg/BILLS-109hr6enr/pdf/BILLS-109hr6enr.pdf
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Executive Summary 

The Environmental Protection Agency (EPA), on June 2, 2014, issued its proposed Carbon Pollution Emission Guidelines for 

Existing Stationary Sources: Electric Utility Generating Units, commonly referred to as the proposed Clean Power Plan (CPP), 

under Section 111(d) of the Clean Air Act, which introduces CO2 emission limits for existing electric generation facilities. On 

August 14, 2014, the NERC Board of Trustees directed NERC to develop a series of special reliability assessments to examine 

the proposed CPP. This report is NERC’s initial reliability review of the potential risks to reliability, based on the assumptions 

contained in the proposed CPP.  

NERC maintains a reliability-centered focus on the potential implications of environmental regulations and other shifts in 

policies that can impact the reliability of the bulk power system (BPS). Reliability assessments conducted while the EPA is 

finalizing the CPP can inform regulators, state officials, public utility commissioners, utilities, and other impacted stakeholders 

of potential resource adequacy concerns, impacts to system characteristics (such as essential reliability services (ERSs)), and, 

to some degree, areas that are more likely to require power-flow-related transmission enhancements to comply with NERC 

Reliability Standards. The goals of this review are listed in more detail below: 

 Provide an evaluation and comparison of the assumptions supporting the CO2 reduction objectives in the proposed 

CPP against other reported projections available within NERC assessment reports. 

 Provide insight into planned generation retirements, load growth, renewable resource development, and energy 

efficiency measures that might impact CO2 emissions and the EPA’s target-driven assumptions. 

 Provide insight into the potential reliability consequences of either the target-driven emission assumptions or the 

NERC projection-based assumptions and, in particular, the potential reliability implications if the EPA assumptions 

cannot be realized. 

 Identify potential reliability impacts resulting from the expected resource mix changes, such as coal resource 

displacement or retirements, the impacts on regional planning reserve margins, the shifts in resource mix and ERS 

characteristics, the increase in variable resources, the concentration of resources by fuel source (especially natural 

gas), transmission and large power transfers, and other reliability characteristics, including regional differences. 

 Support the electric power industry and NERC stakeholders by providing an independent assessment of reliability 

while serving as a platform to inform policy discussions on BPS reliability and emerging issues. 

This report and its findings are not intended to: (1) advocate a policy position in regard to the environmental objectives of 

the proposed CPP; (2) promote any specific compliance approach; (3) advocate any policy position for a utility, generation 

facility owner, or other organization to adopt as part of compliance, reliability, or planning responsibilities; (4) support the 

policy goals of any particular stakeholder or interests of any particular organization; or (5) represent a final and conclusive 

reliability assessment. 

The objective of this review is to identify the reliability implications and potential consequences from the implementation of 

the proposed CPP and its underlying assumptions. The preliminary review of the proposed rule, assumptions, and transition 

identified that detailed and thorough analysis will be required to demonstrate that the proposed rule and assumptions are 

feasible and can be resolved consistent with the requirements of BPS reliability. This assessment provides the foundation for 

the range of reliability analyses and evaluations that are required by the ERO, RTOs, utilities, and federal and state policy 

makers to understand the extent of the potential impact. Together, industry stakeholders and regulators will need to develop 

an approach that accommodates the time required for infrastructure deployments, market enhancements, and reliability 

needs if the environmental objectives of the proposed rule are to be achieved. 

Herein, NERC examines the assumptions made in the EPA’s four Building Blocks:3 

Building Block 1: Heat rate improvements 

Building Block 2: Dispatch changes among affected electric generating units (EGUs) 

Building Block 3: Using an expanded amount of less-carbon-intensive generating capacity 

                                                           
3 Carbon Pollution Emission Guidelines for Existing Stationary Sources: Electric Utility Generating Units.  

https://www.federalregister.gov/articles/2014/06/18/2014-13726/carbon-pollution-emission-guidelines-for-existing-stationary-sources-electric-utility-generating#h-77
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Building Block 4: Demand-side energy efficiency  

NERC identified the following factors as requiring additional reliability consideration: 

Implementation of the CPP reduces fossil-fired generation: The proposed CPP aims to cut CO2 emissions from existing power 

plants to 30 percent below 2005 levels by 2030. Under the EPA proposal, substantial CO2 reductions are required under the 

State Implementation Plans (SIPs) as early as 2020. According to the EPA’s Regulatory Impact Assessment, generation capacity 

would be reduced by between 108 and 134 GW by 2020 (depending on state or regional implementations of Option 1 or 2).4 

The number of estimated retirements identified in the EPA’s proposed rule may be conservative if the assumptions prove to 

be unachievable. Developing suitable replacement generation resources to maintain adequate reserve margin levels may 

represent a significant reliability challenge, given the constrained time period for implementation. 

Assumed heat rate improvements for existing generation may be difficult to achieve: NERC is concerned that the assumed 

improvements may not be realized across the entire generation fleet since many plant efficiencies have already been realized 

and economic heat rate improvements have been achieved. Multiple incentives are in place to operate units at peak 

efficiency, and periodic turbine overhauls are already a best practice. Site-specific engineering analyses would be required to 

determine any remaining opportunities for economic heat rate improvement measures. 

Greater reliance on variable resources and gas-fired generation is expected: The CPP will accelerate the ongoing shift toward 

greater use of natural-gas-fired generation and variable energy resources (VERs) (renewable generation). Increased 

dependence on renewable energy generation will require additional transmission to access areas that have higher-grade wind 

and solar resources (generally located in remote areas). Increased natural gas use will require pipeline expansion to maintain 

a reliable source of fuel, particularly during the peak winter heating season. Pipeline constraints and growing gas and electric 

interdependency challenges impede the electric industry’s ability to obtain needed natural gas services, especially during 

high-use horizons. 

Rapid expansion of energy efficiency displaces electricity demand growth through 2030: In its rate calculation for best 

practices by state, the EPA assumes up to a 1.5 percent annual retail goal for incremental growth in efficiency savings. The 

EPA assumes that the states and industry would rapidly expand energy efficiency savings programs from 22 TWh/year in 

2012, to 108 TWh/year in 2020, and reach 380 TWh/year by 2029. With such aggressive energy efficiency expansion, the EPA 

assumes that energy efficiency will grow faster than electricity demand, with total electricity demand shrinking after 2020. 

The implications of this assumption are complex. If the EPA-assumed energy efficiency growth rates cannot be attained, 

additional carbon reduction measures would be required, primarily through reduced fossil-fired generation. 

Essential Reliability Services may be strained by the proposed CPP: The anticipated changes in the resource mix and new 

dispatching protocols will require comprehensive reliability assessments to identify changes in power flows and ERSs. ERSs 

are the key services and characteristics that comprise the following basic reliability services needed to maintain BPS reliability: 

(1) load and resource balance; (2) voltage support; and (3) frequency support. New reliability challenges may arise with the 

integration of generation resources that have different ERS characteristics than the units that are projected to retire. The 

changing resource mix introduces changes to operations and expected behaviors of the system; therefore, more transmission 

and new operating procedures may be needed to maintain reliability. 

More time for CPP implementation may be needed to accommodate reliability enhancements: State and regional plans 

must be approved by the EPA, which is anticipated to require up to one year, leaving as little as six months to two years to 

implement the approved plan. Areas that experience a large shift in their resource mix are expected to require transmission 

enhancements to maintain reliability. Constructing the resource additions, as well as the expected transmission 

enhancements, may represent a significant reliability challenge given the constrained time period for implementation. While 

                                                           
4 Regional implementation of Option 2 assumes 108 GW of retirements (includes CC, Coal, CT, Nuclear, O/G, and IGCC) by 2020. State 

implementation of Option 1 assumes 134 GW of retirements (includes CC, Coal, CT, Nuclear, O/G, and IGCC) by 2020. For additional information, 
see: Regulatory Impacts Analysis for the Proposed Carbon Pollution Guidelines for Existing Power Plants and Emission Standards for Modified and 
Reconstructed Power Plants (June 2014) and supporting IPM Model documentation and data. 

http://www.epa.gov/airmarkets/powersectormodeling/cleanpowerplan.html
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the EPA provides flexibility for meeting compliance requirements within the proposed time frame, there appears to be less 

flexibility in providing reliability assurance beyond the compliance period. 

A summary of NERC’s initial reliability review recommendations is provided below: 

 

General Recommendations 

1. NERC should continue to assess the reliability implications of the proposed CPP and provide independent 
evaluations to stakeholders and policy makers.  

2. Coordinated regional and multi-regional industry planning and analysis groups should immediately begin 
detailed system evaluations to identify areas of concern and work in partnership with policy makers to ensure 
there is clear understanding of the complex interdependencies resulting from the rule’s implementation.  

3. If the environmental goals are to be achieved, policy makers and the EPA should consider a more timely 
approach that addresses BPS reliability concerns and infrastructure deployments.  

 
Recommendations to Address Direct Impacts to Resource Adequacy and Electric Infrastructure 

Fossil-Fired Retirements and Accelerated Declines in Reserve Margins 
The Regions, ISO/RTOs, and states should perform further analyses to examine potential resource adequacy concerns. 

Transmission Planning and Timing Constraints 
The EPA and states, along with industry, should consider the time required to integrate potential transmission 
enhancements and additions necessary to address impacts to reliability from the proposed CPP. The EPA and policy 
makers should recognize the complexity of the reliability challenges posed by the rule and ensure the rule provides 
sufficient time for the industry to take the steps needed to significantly change the country’s resource mix and 
operations without negatively affecting BPS reliability. 

Regional Reliability Assessment of the Proposed CPP 
Other ISO/RTOs, states, and Regions should prepare for the potential impacts to grid reliability, taking into 
consideration the time required to plan and build transmission infrastructure. 

Reliability Assurance 
The EPA, FERC, the DOE, and state utility regulators should employ the array of tools and their regulatory authority to 
develop a reliability assurance mechanism, such as a “reliability back-stop.” These mechanisms include timing 
adjustments and granting extensions where there is a demonstrated reliability need. 

Recommendations to Address Impacts Resulting from the Changing Resource Mix 

Coal Retirements and the Increased Reliance on Natural Gas for Electric Power 
Further coordinated planning between the electric and gas sectors will be needed to ensure a strong and integrated 
system of fuel delivery and generation adequacy. Coordinated planning processes should include considerations for 
pipeline expansion to meet the increased reliance on natural gas for electric generation, especially during extreme 
weather events (e.g., polar vortex). 

The Changing Resource Mix and Maintaining Essential Reliability Services 
ISO/RTOs, utilities, and Regions (with NERC oversight) should analyze the impacts to ERSs in order to maintain reliability. 
Additionally, system operators and ISO/RTOs need to develop appropriate processes, tools, and operating practices to 
adequately address operational changes on the system. 

NERC should perform grid-level performance expectations developed from a technology-neutral perspective to ensure 
ERS targets are met. 

The development of technologies (such as electricity storage) help support the reliability objectives of the BPS, and 
these technologies should be expedited to support the additional variability and uncertainty on the BPS. 
 
Increased Penetration of Distributed Energy Resources (DERs) 
ISO/RTOs and system planners and operators should consider the increasing penetration of DERs and potential 
reliability impacts due to the limited visibility and controllability of these resources. 
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Plan for NERC Reliability Assessments 
After the proposed CPP is finalized, specific transmission and resource adequacy assessments—including resulting reliability 

impacts—will be essential for supporting the development of SIPs that are aligned with system reliability needs. NERC’s plan 

for reviewing and assessing the reliability impacts of the EPA proposal is included in Figure 1. This review includes a 

preliminary review of the assumptions and potential reliability impacts resulting from the implementation of the EPA’s 

proposed CPP. As the EPA is scheduled to finalize its rule by June 2015, NERC will develop a specific reliability assessment in 

early 2015 that will focus on evaluating generation and transmission adequacy and reliability impacts. After the EPA rule is 

finalized, the states, either individually or in multi-state groups, are required to develop their SIPs by 2016 and 2018, 

respectively. NERC plans to provide a more specific and comprehensive reliability assessment before SIPs are submitted to 

the EPA. Additionally, a Phase III approach is tentatively planned for December 2016, which will examine finalized SIPs. 

 

 

Figure 1. NERC’s Assessment Actions and Schedule Timeline 
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Summary of the Proposed Clean Power Plan 

The proposed CPP aims to cut CO2 emission from existing power plants to 30 percent below 2005 levels by 2030. Substantial 

CO2 reductions are required under State Implementation Plans. Under the EPA proposal, CO2 reductions are required as early 

as 2020. According to the EPA’s reliability assessment included in the proposed rule, these existing generation rules would 

result in between 108 and 134 GW of generation retirements by 2020 (depending on state or regional implementations of 

Option 1 or 2).5 

The CPP proposal would apply to fossil-fired generating units that meet four combined qualification criteria: (1) units that 

commenced construction prior to January 8, 2014;6 (2) units with design heat input of more than 250 MMBtu/hour 

(approximately a 25 MW unit); (3) units that supply over one-third of their potential output to the power grid; and (4) units 

that supply more than 219,000 MWh/year on a three-year rolling average to the power grid.7 Given these criteria, the EPA 

estimates that approximately 3,000 U.S. fossil-fired electric generation units representing over 700,000 MW of existing 

nameplate generating capacity will be subject to the rule limitations.8 NERC estimates that this magnitude represents 

approximately 65 percent of the total existing nameplate capacity in the United States. 

The EPA-proposed draft regulations would, for the first time, limit CO2 from existing power plants, thus addressing risks to 

health and the economy posed by climate change. These proposed regulations are intended to provide implementation 

flexibility and maintain an affordable, reliable energy system while cutting CO2 and protecting public health and the 

environment.9 

The EPA regulations propose implementation through a state-federal partnership under which states identify plans to meet 

the emission reduction goals. The EPA provides guidelines for states to develop implementation plans to meet state-specific 

CO2 reduction goals and provides states the flexibility to design requirements suited to their unique situations. These plans 

may include generation mix changes using diverse fuels, energy efficiency, and demand-side management, and they allow 

states to work individually or to develop multi-state plans. The primary driver for realizing the EPA’s 111(d) objectives is that 

SIPs need to produce significant CO2 reductions starting as early as 2020. 

As currently proposed, states have a flexible timeline for submitting plans to the EPA. Within one year of finalizing the rule—

expected in June 2015—state environmental agencies must submit implementation plans to the EPA for approval. Submitted 

state-specific plans, due in June 2016, must outline requirements and enforceable limitations for affected generating units to 

meet the rule’s average CO2 emission rate goal for each state within two compliance periods: (1) an initial 10-year average 

interim emission rate limit for the period 2020–2029, and (2) a final annual emission rate limit starting in 2030. 

The EPA provides states with an option to convert CO2 emission rate limitation into an annual mass-based limitation. It is 

likely that most states will pursue this option due to the challenges state permitting agencies have in developing unit-specific 

emission rate limitations. The simpler mass-based CO2 emission cap program also negates the need for state legislative action 

to authorize agencies to limit plant output and enact an enforceable program for compliance with average emission rates. 

The EPA’s proposed Clean Power Plan timeline is outlined in Figure 2. 

                                                           
5 State implementation of Option 1 assumes 134 GW of retirements (includes CC, Coal, CT, Nuclear, O/G, and IGCC) by 2020. For additional 
information, see: Regulatory Impacts Analysis for the Proposed Carbon Pollution Guidelines for Existing Power Plants and Emission Standards for 
Modified and Reconstructed Power Plants (June 2014) and supporting IPM Model documentation and data. Regional implementation of Option 2 
assumes 108 GW of retirements (includes CC, Coal, CT, Nuclear, O/G, and IGCC) by 2020. 
6 All sources starting construction after January 8, 2014, would be subject to new source performance standards and exempt from the EPA Clean 
Power Plan requirements. 
7 79 FR 34854 https://www.federalregister.gov/articles/2014/06/18/2014-13726/carbon-pollution-emission-guidelines-for-existing-stationary-
sources-electric-utility-generating page 34854. 
8 EPA CPP TSD – 2012 Unit-Level Data Using EGrid – Methodology, June 2014. Generation, Emissions, Capacity data used in EPA’s State Goal 
Computation TSD. 
9 EPA Fact Sheet: Clean Power Plan – Why we Need A Cleaner, More Efficient Power Sector “The proposed Clean Power Plan will cut hundreds of 
millions of tons of carbon pollution and hundreds of thousands of tons of harmful particle pollution, sulfur dioxide and nitrogen oxides. Together 
these reductions will provide important health protections to the most vulnerable, such as children and older Americans.” 
http://www2.epa.gov/sites/production/files/2014-05/documents/20140602fs-benefits.pdf. 

http://www.epa.gov/airmarkets/powersectormodeling/cleanpowerplan.html
https://www.federalregister.gov/articles/2014/06/18/2014-13726/carbon-pollution-emission-guidelines-for-existing-stationary-sources-electric-utility-generating%20page%2034854
https://www.federalregister.gov/articles/2014/06/18/2014-13726/carbon-pollution-emission-guidelines-for-existing-stationary-sources-electric-utility-generating%20page%2034854
http://www2.epa.gov/sites/production/files/2014-05/documents/20140602fs-benefits.pdf
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Figure 2. EPA Proposed Clean Power Plan Timeline 

The EPA would have one year to review and approve implementation plans for each state by June 2017. Under this schedule, 

impacted generating units would have two and a half years to develop respective compliance strategies and potentially 

permit, finance, and build needed replacement capacity and transmission. In its current form, this implementation schedule 

would be a challenge for states to implement and for affected sources to comply with, especially given the expected legal 

challenges to both the EPA and state rules. In recognition of these challenges, the EPA would provide states with a one-year 

extension to June 2017 to submit a SIP if justification is provided, and a two-year extension (June 2018) for states that elect 

to develop multi-state (regional) programs (e.g., Regional Greenhouse Gas Initiative (RGGI)). While the EPA extensions apply 

to state plan submissions, the January 1, 2020, program start date for affected sources would not be extended under the 

proposed CPP. Therefore, the impacted fossil-fired units may be left with as little as six months to develop and implement 

compliance plans. Considering the number and variety of 

outcomes for each of the proposed scenarios, the states 

and industry should initiate planning immediately upon 

finalization of the CPP. 

The proposed Clean Power Plan, which is based on EPA 

analysis of historical data about emissions and the power 

sector, is intended to create a consistent national formula 

for reductions that reflects their Building Block 

assumptions. The formula applies the four Building Blocks 

to each state’s specific information, yielding a carbon 

intensity rate for each state.10 There is a wide range of 

potential proposals, including individual state and multi-state groupings, each with different implementation schedules. The 

range of potential submitted SIPs and changes to the proposed timeline create significant uncertainties for industry and 

resource planners. 

Clean Power Plan Building Blocks 
According to the proposed plan, this can be achieved through the development of state-specific emission rates to limit CO2 

by applying four different BSER Building Blocks.11 Each Building Block represents a different approach for achieving the 

proposed targets. According to the EPA, the proposed plan considers impacts to system reliability and electricity prices. The 

BSER is not intended to impact resource planning and does not dictate retirements, additions, or operating practices for 

individual units. Instead, it would provide state emission rate limits that would shape the future resource mix through state 

and market processes in subsequent years as SIPs and multi-state plans are developed and implemented. 

                                                           
10 EPA Fact Sheet: Clean Power Plan - National Framework for States. 
11 EPA Clean Air Act: Section 111(d) authorizes EPA to apply “best system of emission reduction” to this section’s affected sources. 

EPA’s Proposed Clean Power Plan: Options  

The EPA is proposing a Best System of Emission Reduction (BSER) 
goal, referred to as Option 1, and is taking comment on a second 
approach, referred to as Option 2. 

Option 1: Involves higher deployment of emission reduction but 
allows a longer time frame (2030). 

Option 2: Has a lower deployment of emission reductions over a 
shorter time frame (2025) by each state. Proposed guidelines allow 
states to collaborate and demonstrate emission performance on a 
multi-state basis, in recognition that electricity is transmitted across 
state lines. 

http://www2.epa.gov/sites/production/files/2014-05/documents/20140602fs-setting-goals.pdf
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The EPA’s Proposed Clean Power Plan: Four Building Blocks 
 

Make fossil fuel power plants more efficient by implementing a 6 percent (on average) unit heat rate 
improvement for all affected coal-fired units. The EPA suggests that some plants could further improve 
process efficiency by 4 percent through the adoption of best operational practices, and an additional 2 
percent through capital upgrade investments.  
 
Use low-emitting power sources more by redispatching existing natural gas combined-cycle (NGCC) units 
before the coal and older oil-gas steam units. EPA draft rate limitations include CO2 reduction assumptions 
from the ongoing increases in the use of NGCC capacity (with up to a 70 percent capacity factor). This 
additional NGCC capacity (440 TWh/year) displaces coal (376 TWh/year) and oil-gas steam generation (64 
TWh/year) by 2020, compared to 2012 levels. 
 
Use more zero- and low-emitting power sources through building capacity by adding both non-hydro 
renewable generation and five planned nuclear units. EPA calculations assume qualifying non-hydro 
renewable generation can grow rapidly from 218 TWh/year in 2012, to 281 TWh/year by 2020, to reach 
523 TWh/year by 2030. 
 
Use electricity more efficiently by significantly expanding state-driven energy efficiency programs to 
improve annual electricity savings by up to 1.5 percent of retail sales per year. The calculation assumes 
the states and industry can rapidly expand energy efficiency programs to increase savings from 22 
TWh/year in 2012, to 108 TWh/year in 2020, and to 380 TWh/year by 2029. Ultimately, EPA energy 
efficiency assumptions suggest that electric power savings will outpace electricity demand growth, 
resulting in negative electricity usage from 2020 through 2030. 
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Clean Power Plan – Assumption Review 

This section provides a critical review of the EPA’s assumptions for state-specific CO2 emission rates and presents possible 

reliability challenges that need to be considered. 

Building Block 1 – Coal Unit Heat Rate Improvement 
The EPA’s heat rate assessment analyzed gross data for 884 coal-fired electric generating units (EGUs) during a 

10-year period.12 The regression analysis examined the effects of the capacity factor and the ambient 

temperature on the gross heat rate efficiencies of coal-fired EGUs. The EPA’s assessment concluded that in-

state coal units can achieve up to a 4 percent rate of improvement through the use of best operational practices. An additional 

2 percent of efficiency improvements would be achieved through capital upgrade investments. 

Review of EPA Assumptions and Potential Reliability Impacts 

The EPA calculated unit-specific heat rates using gross generation data from the Continuous Emission Monitoring Systems 

(CEMSs). With this approach, the EPA excluded generation-reducing effects from post-combustion environmental controls, 

such as selective catalytic reduction and flue-gas desulfurization controls. The EPA then used net generation data, without 

consideration for these retrofits, for coal-fired EGUs when calculating the state CO2 emission rate goals. These retrofits will 

reduce the net output of these units, as well as their associated net heat rate efficiency. Not considering these reductions 

creates an inconsistent approach, especially considering that most coal-fired EGUs will require control retrofits to comply 

with environmental regulations, such as the Mercury Air Toxic Standards (MATS) and Section 316(b) of the Clean Water Act.  

The EPA’s regression analysis does not adjust for the following factors that have profound effects on the process efficiency 

of a coal-fired EGU:13 (1) subcritical versus supercritical boiler designs; (2) fluidized bed combustion, integrated gasification 

combined-cycle (IGCC), and pulverized coal; (3) unit size and age; and (4) coal quality variations in moisture and ash (i.e., 

every 5 percent change in coal moisture results in a 1 percent change in boiler heat rate efficiency). 

Impacts on Coal-Fired Unit Efficiency Rates 

Lower-capacity factors will cause an increase in heat rates, particularly if the lower-capacity factors are due to the cycling of 

the coal units. As a result of Building Block 2, coal units will cycle more often; therefore, assumed heat rate improvements 

across the entire coal fleet are unlikely. While recognizing capacity effects in the regression analysis, the EPA did not evaluate 

the effects of lower-capacity factors resulting from the dispatching of natural gas generation before coal generation. 

Periodic Turbine Overhauls 

Turbine overhauls are referenced as a major heat rate improvement method in an EPA Clean Power Plan technical support 

document.14 Regular turbine overhauls are generally not practical or economical, because these procedures require the unit 

to be out of service for an extended period of time. As well, the power industry already has multiple incentives to operate 

units at peak efficiency (i.e., profit maximization and competitive advantage). 

Overall, improving the existing U.S. coal fleet’s average heat rate by 6 percent may be difficult to achieve. Possible options 

and considerations for attaining a portion of this target may include the following: 

 Site-specific engineering analyses are required to determine if there are remaining opportunities for heat rate 

improvement measures through implementation of operational best practices or capital investments. 

 If the U.S. coal fleet does not achieve target heat rates, more CO2 reductions would be required from other CPP 

Building Block measures.  

 This can result in some coal-fired power plants retiring earlier than anticipated, which creates additional uncertainty 

in future generation resources. 

                                                           
12 GHG Abatement Measures (EPA June 2014) (EPA-HQ-OAR-2013-0602) pg. 2-18. 
13 These differences are illustrated in Figure 2-2 of GHG Abatement Measures (EPA June 2014).  
14 Coal-Fired Power Plant Heat Rate Reductions (January 2009).  

http://www.epa.gov/airmarkets/resource/docs/coalfired.pdf
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Building Block 2 – Gas Unit Re-Dispatching 
The EPA assumes that reductions in CO2 emissions from existing power plants can be achieved by dispatching 

existing NGCC units ahead of coal units. In particular, the EPA assumes existing NGCC units can achieve a 70 

percent utilization rate with avoided incremental costs of less than $33/metric ton CO2.15 In its state-specific 

goal computation, the EPA calculated that 440 TWh/year of additional NGCC generation could potentially displace 376 

TWh/year of coal and 64 TWh/year of oil-gas steam units of 2012 generation.16  

Review of EPA Assumptions and Potential Reliability Impacts 

Upon reviewing the EPA’s Building Block 2 assumptions, NERC found a number of reliability concerns regarding increased 

reliance on natural-gas-fired generation that should be evaluated.  

Historically, the primary function of the NGCC unit is to follow the load of energy throughout the day (i.e., the intermediate, 

or midrange, part of the load duration curve). While some NGCC units are capable of operating at a high capacity factor, the 

vast majority of this type of generation is used for load following. Due to lower gas prices, NGCC units are currently being 

dispatched as a baseload resource, displacing baseload coal-fired EGUs. Unlike baseload coal-fired generation, NGCC units 

are better suited to follow load. As mentioned earlier, cycling coal-fired EGUs reduces heat rate efficiencies, causing their CO2 

emission rates (lbs/MWh) to deteriorate, and further offsetting the Building Block 1 assumptions. 

Generally, the power industry relies upon diversification of fuel sources as a mechanism to offset unforeseen events (e.g., 

abnormal weather, regional transfers, labor strikes, unplanned outages); ensure reliability; and minimize cost impacts. Fuel 

diversification is also a component of an “all-hazards” approach to system planning, which inherently provides resilience to 

the BPS. The EPA estimates that an additional 49 GW of nameplate coal capacity will retire by 2020 due to the impacts of the 

proposed CPP.17 When including the 54 GW of nameplate coal capacity already announced to retire by 202018 (mostly due to 

MATS), the power industry will need to replace a total of 103 GW of retired coal resources by 2020, largely anticipated to be 

natural-gas-fired NGCC and CTs. Considering the current and ongoing shift in the resource mix, the EPA proposes to further 

accelerate the shift, lessening the industry’s diversification of fuel sources. 

As observed during the 2014 polar vortex,19 the relationship between gas-fired generation availability and low temperatures 

challenges the industry’s ability to manage extreme weather conditions—particularly when conditions affect a wide area and 

less support is available from the interconnection. The polar vortex served as an example of how extended periods of cold 

temperatures had direct impacts on fuel availability, especially for natural-gas-fired capacity. Higher-than-expected forced 

outages were observed during the polar vortex, particularly for natural-gas-fired generators, as a result of fuel delivery issues 

and low temperatures. Overall, extreme weather conditions have the potential to strain BPS reliability and expose risks 

related to natural-gas-fired generation availability (Figure 3). With greater reliance on natural-gas-fired generation, the 

resiliency and fuel diversification that is currently built into the system may be degraded, which NERC has highlighted in 

recent gas-electric interdependency assessments. 

 

                                                           
15 GHG Abatement Measures (EPA June 2014) (EPA-HQ-OAR-2013-0602) pg. 3-26. 
16 Clean Power Plan Proposed Rule: Goal Computation – Technical Support Document http://www2.epa.gov/carbon-pollution-standards/clean-
power-plan-proposed-rule-goal-computation. 
17Regulatory Impact Analysis for the Proposed Carbon Pollution Guidelines for Existing Power Plants and Emission Standards for Modified and 
Reconstructed Power Plants (EPA June 2014 pg. 3-32). 
18 Energy Ventures Analysis maintains a complete list of announced power plant retirements in the contiguous United States, retirements as of 
10/02/2014. 
19 NERC 2014 Polar Vortex Review: 
http://www.nerc.com/pa/rrm/January%202014%20Polar%20Vortex%20Review/Polar_Vortex_Review_29_Sept_2014_Final.pdf  

http://www2.epa.gov/carbon-pollution-standards/clean-power-plan-proposed-rule-goal-computation
http://www2.epa.gov/carbon-pollution-standards/clean-power-plan-proposed-rule-goal-computation
http://www.nerc.com/pa/rrm/January%202014%20Polar%20Vortex%20Review/Polar_Vortex_Review_29_Sept_2014_Final.pdf
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Figure 3. Causes for Generator Outages Observed during the 2014 Polar Vortex  

 

Pipeline Capacity Constraints 

During its assessment of Building Block 2, the EPA concludes that the power industry in aggregate can support higher gas 

consumption without the need for any major investments in pipeline infrastructure. However, there are a few critical areas 

that likely will need additional capital investments. As an example, current and planned pipeline infrastructures in Arizona 

and Nevada are inadequate for handling increased natural gas demand due to the CPP. Pipeline capacity in New England is 

currently constrained, and more pipeline capacity additions will be needed as more baseload coal units retire—this is 

generally occurring as projected and independent of the CPP. Timing of these investments is also critical as it take three to 

five years to plan, permit, sign contract capacity, finance, and build additional pipeline capacity, in addition to placing 

replacement capacity (e.g., NGCC/CT units) in service. The proposed CPP timelines would provide little time to add required 

pipeline or related resource capacity by 2020. 

Due to abundant availability of natural gas, the power industry is generally able to accommodate increased demand from 

NGCC plants that operate as baseload capacity. This higher dependence on natural gas can expose additional reliability risks, 

including pipeline transportation constraints that could result as more gas-fired generation is built. Overall, the increase in 

natural gas use and capacity expansion increases gas-electric interdependency issues and raises the following concerns: 

 NGCC units could displace coal-fired generating units as baseload units, forcing less-efficient coal units out of service, 

further increasing demand for natural gas.  

 Adequate timing is required to add new pipeline and generation resource capacity where it is needed to offset coal 

plant retirements and supply natural gas to new generation.  

 As gas-electric dependency significantly increases, unforeseen events like the 2014 polar vortex could disrupt natural 

gas supply and delivery for the power sector in high-congestion regions, increasing the risk for potential blackouts.  

  

Fuel Supply and Delivery

• Natural gas interruptions

• supply injection 

• compressor outages

• one pipeline explosion

• Oil delivery problems

• Inability to procure gas

• Fuel oil gelling 

Extended Low Temperatures

• Low temperature limits for wind turbines

• Icing on hydro units

• Failed auxiliary equipment

• Stress of extended run times

• Frozen instrumentation (drum level sensors,  
control valves, and flow and pressure sensors)
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Building Block 3 – Clean Energy  

Building Block 3 describes the EPA’s method to reduce CO2 emissions by investing in zero-CO2-emitting energy 

sources (i.e., nuclear and non-hydro renewable generation). 

 

Review of EPA Assumptions and Potential Reliability Impacts 
Building Block 3 includes the assumption about the preservation of nuclear generating units that are currently at risk of being 

retired within the next two decades due to (1) age, (2) an increase in fixed operation and maintenance costs, (3) relatively 

low wholesale electricity prices, and (4) additional capital investment associated with ensuring plant security and emergency 

preparedness. The EPA assumes that 5.7 percent of each state’s nuclear generating capacity is at risk of retirement. However, 

the EPA included this generation as well as the five new nuclear units currently under construction (Watts Bar Unit 2 (TN), 

Summer Units 2-3 (SC), and Vogtle Units 3-4 (GA)) in its state-by-state CO2 emission rate goal calculations.20 The nuclear 

retirement assumptions add pressure to states that will need to retire nuclear units. For these states, more CO2 reductions 

from other measures than originally estimated by the EPA may be required. 

Under its draft CPP, the EPA also proposes significant expansion of non-hydro renewable generation as part of its BSER 

determination. The EPA adopted a methodology to estimate non-hydro renewable generation by state and year and applied 

these estimates in their calculation of individual state emission rate limitations. The greater the EPA’s assumed non-hydro 

renewable generation in a given state, the lower the state’s calculated CO2 emission rate limit. 

The EPA assumes that qualifying non-hydro renewable generation will grow from 213 TWh/year in 2012, to 281 TWh/year by 

2020, reaching 523 TWh/year by 2030. These projections exceed the Energy Information Administration (EIA) non-hydro 

renewable generation forecast in their Annual Energy Outlook 2013 (AEO 2013) that grows from 202 TWh/year in 2012, to 

275 TWh/year by 2020, to reach 317 TWh/year by 2030 for all sectors.21 The EPA-assumed rapid growth in non-hydro 

renewable generation exceeds its own forecast in the EPA’s Regulatory Impacts Assessment (356 TWh/year by 2030).22  

To calculate the state target levels of renewable energy performance, the EPA examined mandatory state Renewable 

Portfolio Standard (RPS) requirements from the Database for State Incentives for Renewables and Efficiency (DSIRE).23 RPS 

requirements vary widely by state; many states include resource-specific percentage requirements (i.e., set-asides) that 

promote development of certain resources in addition to their general requirements. The database distinguishes the complex 

web of state policies by applying them to a standardized tier system which, according to DSIRE, helps “to compare RPS policies 

on equal footing.”24 To determine the state effective levels in 2020, the EPA added each state’s tiers together and excluded 

secondary and tertiary tiers that include energy efficiency or qualified fossil fuels (waste coal, carbon capture sequestration, 

etc.). The only RPS “type” considered was the primary type, referring to requirements for investor-owned utilities (IOUs). 

Significant regional differences exist in the availability of renewable resources and their power production costs across the 

United States. In order to quantify these regional differences, the EPA divided the lower 48 states into six regions, based on 

designations by NERC Regions and ISO/RTOs. After the regions were assigned, the EPA averaged the 2020 effective levels for 

states that have mandatory RPS percentage standards. By applying the average regional renewable energy (RE) percentages 

to each region’s aggregate 2012 generation, the EPA derived a new RE target generation level for 2030. The EPA notes that 

Alaska and Hawaii were assigned RE generation target percentages equal to the lowest value of the six regions, equivalent to 

the Southeast’s target. The EPA assumes that RE generation will begin increasing in 2017 and continue through 2029. 

Moreover, they assume no growth occurs in between 2012 and 2016. The EPA derived the annual growth factor by 

determining “the amount of additional renewable generation (in megawatt-hours) that would be required beyond each 

                                                           
20 GHG Abatement Measures (EPA June 2014) (EPA-HQ-OAR-2013-0602) pg. 4-33. 
21 Annual Energy Outlook 2013 (EIA April 2013) reference case data. 
22 Regulatory Impact Analysis for the Proposed Carbon Pollution Guidelines for Existing Power Plants and Emission Standards for Modified and 
Reconstructed Power Plants (EPA June 2014) Table 3-11 pg. 3-27. 
23 http://www.dsireusa.org/. 
24 DSIRE. DSIRE RPS Field Definitions. April 2011. http://www.dsireusa.org/rpsdata/RPSFieldDefinitionsApril2011.pdf p.1. 

http://www.dsireusa.org/rpsdata/RPSFieldDefinitionsApril2011.pdf
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region’s historic (2012) generation to reach that region’s RE target”25 by 2030. This constant growth rate is then applied to 

each state to obtain annual state RE target levels. 

The EPA’s reliance on state RPS standards to compute the regional performance targets poses a variety of issues.  States’ 

main-tier RPS qualifications vary significantly and, in addition to in-state non-hydro renewable generation, also often include: 

hydroelectric generation, municipal solid waste (MSW), combined heat and power (CHP), clean coal, carbon capture and 

sequestration, and energy efficiency measures. As an example, New York has an RPS percentage of 30 percent.26 According 

to the New York Renewable Portfolio Standard Cost Study Report produced by the New York State Department of Public 

Service, hydroelectricity contributes 18.25 percent of total generation and is included under baseline renewables.27 New 

York’s RPS percentages, therefore, include the state’s hydroelectric generation as qualifying renewable resources, which is 

different from what the EPA assumed in its methodology.  

In addition to hydroelectric power, energy efficiency plays an important role in various states’ RPSs. North Carolina’s RPS 

includes a provision that allows up to 25 percent of its target to be met by energy efficiency gains. This provision, if it were 

properly excluded by the EPA, would reduce North Carolina’s RPS target to 7.5 percent from 10 percent, thereby lowering 

targets for the entire Southeast region, Alaska, and Hawaii. When establishing 2012 non-hydro renewable generation 

performance levels, the EPA excluded all hydroelectric generation and energy efficiency programs used in the state CO2 

emission rate calculations. The adjusted state RPS targets, as well as 2012 non-hydro RE performance levels, are used to 

determine the regional RE targets and regional annual growth rates. 

NERC notes several other concerns with the CPP’s assumption for Building Block 3, such as: 

 Multipliers given to select resources’ options (e.g., in-state, wind, solar, etc.). Six states (CO, DE, MI, NV, OR, and 

WA) give extra credit (up to 3.5 renewable energy credits per 1 MWh of energy produced) for using these 

resources.28 Excluding the multiplier suggests a target that is ultimately higher than what may actually be attainable. 

 The use of qualifying out-of-state renewable generation resources in effective RPS target calculations. Most RPS 

programs allow out-of-state qualifying renewable resources toward RPS compliance. For example, several Indiana 

wind projects account for nearly 50 percent of the Ohio RPS requirement. This issue is important since states realize 

that much of the lower-cost renewable resources may come from outside the state in locations more suitable for 

VERs. The underlying assumption—that the state RPS reflects in-state renewable capability that can be matched by 

the other states in their census region—appears incorrect and could only be dealt with via a regional state approach 

similar to a regional greenhouse gas initiative. In order to properly account for regional renewable resource 

potential, the EPA should consider including only in-state renewable resource portions of the state RPSs.  

 The EPA method of assigning renewable regions is questionable. Of the six renewable regions created in the lower 

48 states, targets for two regions (South Central and Southeast) were set based upon a single-state RPS. For example, 

the South Central state region (AR, KS, LA, NE, OK and TX) was set based upon only the Kansas RPS. Kansas accounts 

for only 6 percent of this region’s retail power sales and has the third-best wind resources in the country. Given the 

combination of a low population, large land area, and very high wind resource availability, Kansas has relatively low 

costs to meet its RPS. However, Louisiana (ranked #48 in wind resources and double the retail sales) is assigned the 

same non-hydro renewable target. To put these two states in the same region sets unattainable targets for Louisiana.  

 The EPA’s determination of state goals for renewable generation does not fully reflect the economic aspects of 

renewable resources. Resource limitations exist due to permitting, market saturation, transmission access, and 

project financing issues. Many prime wind locations have difficulty obtaining the necessary permits and are often 

objected to at the local level. Many high-grade wind sites are also located in remote areas. Energy generated from 

                                                           
25 GHG Abatement Measures (EPA June 2014) (EPA-HQ-OAR-2013-0602) pg. 4-18. 
26 http://www.dsireusa.org/incentives/incentive.cfm?Incentive_Code=NY03R&re=0&ee=0. 
27 http://www.dps.ny.gov/rps/Appendix-B-2-19-04.pdf. 
28 DSIRE http://www.dsireusa.org/. 

http://www.dsireusa.org/
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these locations requires large capital investments to build transmission infrastructure to interconnect to the BPS. 

Location matters, and sites with high capacity factors are limited. 

 The expiration of the production tax credits (PTCs) and potential reduction of the investment tax credits (ITCs) for 

RE resources in the coming years will impact investment decisions and the economics of new resources. As a result, 

the marginal cost of new RE generation increases, which could impact the long-term development of RE resources. 

There is also the implicit need to increase ancillary services as a result of the increased variable resource output. 

Moreover, there are higher production costs associated with more non-hydro renewable generation due to a 

combination of increased capital costs and low-capacity operating factors. Overall, significant cost uncertainties will 

directly impact the electric industry’s plan to quickly adapt to the CPP requirements.  

Finally, grid reliability issues associated with increased variable resources are not directly addressed in the EPA’s proposed 

Building Blocks. Conventional generation (e.g., steam and hydro), with large rotating mass, has inherent operating 

characteristics, or ERSs,29 needed to reliably operate the BPS. These services include providing frequency and voltage support, 

operating reserves, ramping capability, and disturbance performance. Conventional generators are able to respond 

automatically to frequency changes and historically have provided most of the power system’s essential support services. As 

variable resources increase, system planners must ensure the future generation and transmission system can maintain 

essential services that are needed for reliability. 

A large penetration of VERs will also require maintaining a sufficient amount of reactive support and ramping capability. More 

frequent ramping needed to provide this capability could increase cycling on conventional generation. This could contribute 

to increased maintenance hours or higher forced outage rates, potentially increasing operating reserve requirements. While 

storage technologies may help support ramping needs, successful large-scale storage solutions have not yet been 

commercialized. Nevertheless, storage technologies support the reliability challenges that may be experienced when there 

is a large penetration of VERs, and their development should be expedited.  

Based on industry studies and prior NERC assessments,30 as the penetration of variable generation increases, maintaining 

system reliability can become more challenging. Additional assessments, including interconnection-wide studies, will be 

needed as the resource plans unfold to better understand the impacts. 

If the states fall short of meeting the renewable energy targets established by the EPA, more CO2 reductions from other 

measures may be required than were estimated by the EPA. These measures include more coal unit retirements, expanded 

natural gas-fired generation plants, or energy efficiency deployment. 

The CPP proposes reductions in CO2 emissions by investing in zero-CO2-emitting energy sources (i.e., nuclear and non-hydro 

renewable generation). However, increased reliance on VERs creates reliability challenges that take considerable time to 

implement and require substantial changes in BPS planning and operations. Most notably, the challenges with this Building 

Block are: 

 The CPP analysis relies on resource projections that may overestimate reasonably achievable expansion levels and 

exceed NERC and industry plans and do not fully reflect the reliability consequences of renewable resources. 

 Increased reliance on VERs can significantly impact reliability operations and requires more transmission and 

adequate ERSs to maintain reliability. 

 With a greater reliance on VERs, transmission and related infrastructure expansion lead times may not align with 

the CPP implementation timeline.  

                                                           
29 See NERC’s Essential Reliability Services Task Force website for more information:  
  http://www.nerc.com/comm/Other/Pages/Essential-Reliability-Services-Task-Force-(ERSTF).aspx.  
30 NERC-CAISO Joint Report: Maintaining Bulk Power System Reliability While Integrating Variable Energy Resources – CAISO Approach; other 
industry reports include those developed by the Integration of Variable Generation Task Force (IVGTF); Integrating Variable Renewable Energy in 
Electric Power Markets: Best Practices from International Experience (Appendix D). 

http://www.nerc.com/comm/Other/Pages/Essential-Reliability-Services-Task-Force-(ERSTF).aspx
http://www.nerc.com/pa/RAPA/ra/Reliability%20Assessments%20DL/NERC-CAISO_VG_Assessment_Final.pdf
http://www.nerc.com/pa/RAPA/ra/Pages/default.aspx
http://www.nrel.gov/docs/fy12osti/53732.pdf
http://www.nrel.gov/docs/fy12osti/53732.pdf
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Building Block 4 – Energy Efficiency 
Electricity savings from enhanced energy efficiency measures are assumed as a major reduction in U.S. power 

generation requirements and thereby lower U.S. power industry CO2 emissions. In calculating individual state 

CO2 emission rate limits, the EPA assumes that existing state energy efficiency programs can be significantly 

expanded to achieve 108 TWh in cumulative savings in 2020, continue to grow to 283 TWh by 2025, and reach 380 TWh by 

2030.31 The EPA’s estimated future energy efficiency program performance will have significant effects on state compliance 

measures and costs.  

Review of EPA Assumptions and Potential Reliability Impacts 
In its Regulatory Impact Assessment, the EPA assumes that energy efficiency will grow faster than electricity demand, with 

total electricity demand shrinking beyond 2020. The implications of this assumption are complex. If such energy efficiency 

growth cannot be attained, more carbon reduction measures would be required, primarily from reduced coal generation in 

most states. More low-emitting or new NGCC/CT generating capacity (not regulated under the CPP) would need to be built. 

Construction of new replacement capacity, as well as related infrastructure, would take time to plan, permit, finance, and 

build. If these needs are not identified at an early enough stage, either grid reliability or state CO2 emission goals could be 

compromised. 

The EPA relied on 12 state studies to set its expanded annual program target savings improvement rate at 1.5 percent per 

year. However, the EPA appears to overestimate most states’ energy efficiency savings potential versus prior energy efficiency 

projections, resulting in setting performance targets too high for individual states.32 Savings potentials are highly state specific 

in their consumer mix, credit for measures already taken, and levels of subsidies provided. The EPA applies one national 

energy efficiency growth factor to all state situations and does not consider energy efficiency program performance or cost. 

The discrepancies are subsequently compounded by extrapolating these annual energy efficiency performance targets as 

incremental improvements that can be sustained through 2030—beyond the 12 studies evaluated.  

Out of 12 studies, 11 contain multiple scenarios with different sets of assumptions to demonstrate wide ranges of what is 

achievable under alternative financial, technological, and behavioral environments. There is no documentation on how each 

study’s respective average annual improvement rate was calculated, which was used as the foundation to calculate the 

incremental performance improvement target of 1.5 percent per year.  

The assumed base year is of critical importance when comparing multiple studies’ achievable potential for energy efficiency. 

When drawing comparisons between percentages, the baseline level of electricity demand must be the same; otherwise, the 

total amount of energy avoided due to energy efficiency measures would be different. Under the CPP, all energy efficiency 

savings are applied to Business As Usual (BAU) sales forecasts generated from EIA-861 data.33 Base years used in the 12 

studies range from as early as 2007 to as recently as 2013 and are not consistent throughout the sample.34 Comparing 

achievable energy efficiency potential percentages is therefore difficult, since BAU electricity demand levels are inconsistent 

between the studies. 

Study length is another important assumption regarding the sustainability of achievable savings. It is uncertain whether the 

level of annual energy efficiency savings could be sustained after the expiration of the program, as the most cost-effective 

and impactful measures would have been utilized already—leaving only increasingly expensive incremental energy efficiency 

measures. The cited studies vary significantly in length: from as few as four years, to as many as 21 years.  

The CPP assumes that dividing cumulative potential by the study length provides an adequate estimation for an average 

annual achievable potential that is sustainable over a much longer (13-year) period (2017–2030). However, there is a 

discrepancy in the longitudinal application of cross-sectional studies. 

                                                           
31 EE savings estimates calculated using EPA’s methodology, EE savings %, BAU sales estimates. Source: GHG Abatement Measures (EPA June 
2014) (EPA-HQ-OAR-2013-0602) Chapter 5. 
32 Electric Power Research Institute (EPRI) and EIA. 
33 Annual Electric Power Industry Report (EIA 2012) (EIA 861 Data). 
34 GHG Abatement Measures (EPA June 2014) (EPA-HQ-OAR-2013-0602) pg. 5-65. 
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The CPP assumes an average life of 10 years for energy efficiency measures. This average does not fully capture the unique 

distribution of the length of measures when analyzing regionally available energy efficiency measures. Key assumptions when 

determining energy efficiency potential are “breadth of sectors and end uses considered, study period, discount rate, pattern 

of technology penetration, whether economically justified early replacement of technologies is allowed for, whether 

continued improvement in efficiency technology is provided for,”35 yet the EPA applies a broad average rather than 

determining individual measure life curves. Most of the source studies perform bottom-up approaches and evaluate 

thousands of permutations of measures, building types, climate zones, market penetration factors, and measure lives to 

determine which energy efficiency technologies to include and exclude. By approximating thousands of measure lives using 

one average, the CPP does not capture measure life disparities and possibly underestimates the amount of energy efficiency 

savings that expire throughout the compliance period.  

While the studies on energy efficiency consider different potentials for the three main sectors (residential, commercial, and 

industrial), the CPP uses one number across all sectors in its emission rate calculation. Industrial processes are designed to 

use as little energy as possible in order to maximize profits of daily operations and may have already invested in energy 

efficiency programs, leaving minimal and costly opportunities remaining for incremental improvement. Applying the same 

energy efficiency potential percentage for all three sectors indirectly provides incentives for industrial utility customers to 

reduce their energy load proportional to residential customers, but by a much greater magnitude per capita.  

The underlying state and regional studies used as the base for calculating the 1.5 percent potential include the full range of 

financial incentives from 25 to 100 percent, when considering base, low, and high cases. Since the EPA uses an averaging 

method in translating from the observed studies’ sector and scenario findings to the final average annual projected potential, 

it is difficult to evaluate the financial incentives that are assumed in both the Building Block calculations and study results. 

The EPA used the EIA’s AEO 2013 baseline forecast to estimate its BAU electricity sales forecast. Growth rates calculated by 

the National Energy Modeling System (NEMS) region were applied to state-level 2012 retail sales from the EIA-861 survey to 

arrive at an annual BAU sales forecast. These growth figures include the net effect of implicit forms of energy efficiency, as 

that information is not explicitly presented in AEO 2013 reference case. Because the EIA does not explicitly model energy 

efficiency as a forecast line item, the retail sales growth is skewed for the purposes of calculating the energy efficiency Building 

Block.  

The EIA presents some metrics to gauge energy efficiency in the AEO 2013 model results. Energy intensity, defined as energy 

use per dollar of GDP, represents the aggregate effects of energy consumption trends and a rising national output. Electricity 

energy intensity, in particular, has been on a steady decline in both consumption per dollar of GDP and consumption per 

capita. This is due in large part to energy efficiency, but its contribution is difficult to isolate. The EIA’s AEO 2013 energy load 

growth projections include implicit forms of energy efficiency measures, and the proposed CPP does not appear to account 

for these savings. This effectively double counts the savings of some energy efficiency measures and results in state-specific 

energy efficiency targets that are too high to be considered reasonably achievable.  

With potentially overstated expectations for energy efficiency savings, the EPA’s demand forecast results in a decline in 

electricity use between 2020 and 2030. While other major power market forecasters’ electricity sales compounded annual 

growth rates (CAGRs) for the period between 2020 and 2030 are strictly positive (AEO 2013: 0.7 percent, EPRI: (achievable 

potential) 0.4 percent, NERC average of assessment studies: 1.5 percent), the EPA assumes a CAGR of -0.2 percent for the 

same time period. Between 2020 and 2030, the EPA assumes incremental year-over-year reductions from energy efficiency 

to be almost 41 TWh nationally on average, outpacing year-over-year national electricity sales growth of 31.6 TWh, on 

average. 

The main reason for this result is the EPA’s assumption of states being able to sustain an annual incremental growth rate in 

energy efficiency savings of 1.5 percent once achieved. As mentioned above, this sustainability is not supported by any peer-

reviewed or technical studies of energy efficiency potential. 

                                                           
35 GHG Abatement Measures (EPA June 2014) (EPA-HQ-OAR-2013-0602) pg. 5-22. 
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By overestimating efficiency savings resulting in declining electricity retail sales, the results of the EPA’s entire Regulatory 

Impact Assessment are concerning from a reliability perspective and have implications to electric transmission and generation 

infrastructure. Underlying electricity demand forecasts directly influence the required level of generation—and hence, CO2 

emissions—from existing and affected generating units under the CPP. They also affect the required new construction of 

generating units that are needed to meet expected electricity demand, which is projected to increase during the next 10 

years.36  

The EPA projection for energy efficiency growth at a 1.5 percent annual increase is substantially greater compared to what 

NERC examined in its current and prior long-term reliability assessments (LTRAs). NERC collects energy efficiency program 

data that is embedded in the load forecast for each LTRA assessment area. Projected annual energy efficiency growth as a 

portion of Total Internal Demand since 2011 has ranged from only 0.12 to 0.15 percent, as shown in the table below. 

Table 1. 2011–2014 LTRA Energy Efficiency Growth 

LTRA 10-Year Growth of EE (%) 

Portion of Total Internal Demand (%) Annual Growth in Relation 
to Total Internal Demand (%) Year 1 Year 10 

2011 10.7 0.59 1.63 0.12 

2012 12.2 0.72 1.88 0.13 

2013 11.6 0.92 2.02 0.12 

2014 13.4 0.87 2.25 0.15 

In summary, the CPP assumes energy efficiency gains outpace electricity demand growth through the compliance period. 

However, this assumption does not reasonably reflect energy efficiency achievability and is a departure from normalized 

forecasts. If states are unable to achieve the EPA target savings, additional CO2 reduction measures beyond BSER measures 

would be needed to meet the proposed rate limits—primarily through further reductions in existing generation or expansion 

of natural gas and VERs. The energy efficiency assumptions underpin the CPP proposal and present the following reliability 

issues: 

 The EPA appears to overestimate the amount of energy efficiency expected to reduce electricity demand over the 

compliance time frame. The results of overestimation have implications to electric transmission and generation 

infrastructure needs.  

 Substantial increases in energy efficiency programs exceed recent trends and projections. Several sources, 

including but not limited to NERC, EIA, EPRI, and various utilities, have published reports, analysis, and forecasts 

for energy efficiency that do not align with the CPP’s assumed declining demand trend.  

 The CPP assumption appears to underestimate costs and may underestimate the capital investments that would 

be required by utilities to sustain energy efficiency performance through 2030. 

 The offsetting requirements in more coal retirements, along with expansions in natural gas and VERs, in a 

constrained time period could potentially result in reliability or ERS constraints.  

 

                                                           
36 NERC 2014 Long-Term Reliability Assessment. 
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Reliability Impacts Potentially Resulting from the CPP  

To meet the proposed CPP emission reduction levels, the states are expected to select the mass-based limitation approach 

over the emission rate approach due to its greater flexibility, as well as ease to enforce and implement. The power industry 

has been successful in complying with prior mass-based emission cap and trade programs (e.g., Acid Rain program, Clean Air 

Interstate Rule, and RGGI) without creating reliability impacts. The CPP introduces potential reliability concerns that are more 

impactful than prior environmental compliance programs due to the extensive impact to fossil-fired generation. Additionally, 

there is potential for an accelerated decision-making period for the implementation of the CPP’s Building Blocks. It is also 

important to consider the ongoing transformation to the resource mix and corresponding impacts on ERSs required to 

maintain a reliable BPS. State-specific carbon intensity targets create potential reliability concerns in two major areas: (1) 

direct impacts to resource adequacy and electric infrastructure, and (2) impacts resulting from the changing resource mix 

that occur as a result of replacing retiring generation, accommodating operating characteristics of new generation, 

integrating new technologies, and imposing greater uncertainty in demand forecasts.  

Figure 4. Summarized Reliability Challenges 

Most importantly, generation (along with other system resources) and transmission must provide specific capabilities to 

ensure the BPS can operate securely under a myriad of potential operating conditions and contingencies, in compliance with 

a wide range of NERC planning and operating Reliability Standards. The above challenges warrant further consideration by 

policy makers. The following sections discuss these key reliability challenges in detail. 

 
Direct Impacts to Resource Adequacy and Electric Infrastructure 
Fossil-Fired Retirements Result in Accelerated Declines of Reserve Margins 
In recent long-term assessments, NERC has highlighted resource adequacy concerns, particularly in ERCOT, NPCC-New York, 

and MISO, as projections continue to reflect declining reserve margins that fall below each area’s Reference Margin Level 

over the next five years, despite low demand growth rate (Figure 5). As most LTRA assessment areas attribute stagnant 

demand growth to the ongoing projected economic indicators (typically based on either employment levels or GDP) in the 

Impacts Resulting from the Changing Resource Mix

As a result of generation retirement, replacement resources must replenish reliability needs including capacity, energy, and ERSs. 
Accomodating resources with different operating characteristics requires enhancements to BPS planning and operations. Fuel 
availability and energy limitations must be considered in reliability planning. 

Increased reliance on natural-
gas-fired generation

Operating reserves and 
ramping capability

Voltage and frequency support
Emerging resources – DR and 

DERs

Direct Impacts to Resource Adequacy and Electric Infrastructure 

Planning Reserve Margins quantify what is needed to deliver and meet expected demand with a target reserve margin that considers
both planned and unplanned availability of resources and deviations from a normal demand forecast. Due to long lead times for
resources and infrastructure, long-term planning is required—transmission is also considered. 
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residential, commercial, and industrial sectors, total capacity additions have paralleled the ongoing declines in load growth. 

The trend of declining margins in a number of NERC assessment areas is rooted primarily from a general reduction in 10-year 

capacity additions observed over the past several years. Total capacity additions continue to fall behind the ongoing declines 

in load growth rates (Figure 6).37 

 
*Due to changes to the WECC subregional boundaries, resulting in four subregions instead of nine, the 2014 Anticipated Reserve Margins are not 
shown for WECC-BASN and WECC-ROCK for this comparison. 

Figure 5. Short-Term (Year 2 Forecast) Anticipated Reserve Margins Show Declining Trends for Some Assessment Areas 

 

 

Figure 6. NERC-Wide 10-Year Projected Capacity Additions Declining Since 2011 

The EPA’s supporting documents estimate that up to 19 percent of the nation’s coal plants will become “uneconomical” as a 

result of the proposed CPP. Although the CPP may not become enforceable until 2020, its effect may overshadow and change 

large retrofit capital decisions needed to comply with earlier EPA regulations—primarily MATS.  

According to the EPA, the state implementation would result in a reduction in coal to 193 GW by 2025. The EPA finalized 

MATS, which is factored into 2014 LTRA and identifies capacity retirements through 2016. In its Technical Support Document 

– Resource Adequacy and Reliability Analysis, the EPA used the Integrated Planning Model (IPM) to project likely future 

electricity market conditions with and without the proposed CPP. The IPM assumed that adequate transmission capacity 

exists to deliver any resources located in, or transferred to, the individual regions. Additionally, since most regions currently 

have capacity above their target reserve margins, the EPA assumed most of the retirements are absorbed by a reduction in 

excess reserves over time. However, uncertainty remains for a large amount of existing conventional generation that may be 

vulnerable to retirement resulting from additional pending EPA regulations. These retirements reduce reserve margins over 

the course of the CPP implementation.38  

                                                           
37 2011, 2012, and 2013LTRA data includes Future-Planned capacity additions http://www.nerc.com/pa/RAPA/ra/Pages/default.aspx. 
38 EPA Technical Support Document –Resource Adequacy and Reliability Analysis http://www2.epa.gov/sites/production/files/2014-
06/documents/20140602tsd-resource-adequacy-reliability.pdf. 
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The EPA’s analysis assumes the electric system will maintain resource adequacy, even with the ongoing retirements from 

existing regulations, including MATS. In addition, because the proposed CPP will require the development of significant 

amounts of new generation in a short period, additional time for infrastructure development will be needed to support these 

new resources. The EPA’s modeling of a potential implementation scenario predicts an additional 40–48 GW of fossil-fired 

EGU retirements, and the addition of 21 GW of new NGCC resources.  

With existing environmental regulations, the EPA’s base case projections indicate that total coal-fired capacity will decline 

rapidly from 309.6 GW in 2013 to just 245 GW by 2016, and 243 GW by 2025. The EPA’s base case—without implementation 

of the proposed CPP—assumes a significant reduction in coal-fired capacity by 2016: 27.2 GW beyond what is currently 

projected in the 2014LTRA reference case. According to the 2014LTRA reference case, an additional 44.2 GW of fossil-fired 

and nuclear capacity is projected to retire between 2014 and 2024.39 These projections are based on the assumption that 

current environmental regulations will remain and do not account for potential impacts from the proposed CPP (Figure 7). 

 

Figure 7. Cumulative Fossil-Fuel and Nuclear Retirements between 2011 and 2024 Total 83 GW 

According to the EPA, the state implementation of Option 1 would result in a reduction in coal to 193 GW by 2025. Option 1 

and the 2014LTRA reference case are shown in Figure 8 and Table 2.40 

 

Figure 8. 2014LTRA Reference Case & EPA Power Plan Assumptions: Coal-Fired Capacity 

 

                                                           
39 While the assessment period for the 2014LTRA is 2015–2024, projected retirements for 2014 are included in NERC’s 2014LTRA analysis. 
40 Regulatory Impacts Analysis for the Proposed Carbon Pollution Guidelines for Existing Power Plants and Emission Standards for Modified and 
Reconstructed Power Plants (June 2014) and supporting IPM Model documentation and data. 
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Table 2. 2014LTRA Reference Case & EPA Power Plan Assumptions 
NERC 2014LTRA Reference Case - Total On-Peak Capacity (GW) 2016 2018 2020 2025* 

 Total Coal (Existing-Certain and Tier 1 Capacity Additions)  271.8 266.4 264.9 261.3 

EPA Analysis of the Proposed Clean Power Plan - Total Coal Generating Capacity (GW) 2016 2018 2020 2025 

 Base Case  244.6 243.3 243.6 243.3 

 Option 1 (State Implementation)  219.7 210.4 195.1 193.1 

EPA Assumed Coal Reduction Beyond NERC 2014LTRA Reference Case (GW) 2016 2018 2020 2025 

 Base Case  27.2 23.1 21.3 18.0 

 Option 1 (State Implementation)  52.1 56.0 69.8 68.2 

 

Transmission Planning and Timing Constraints  
Long lead times for transmission development and construction require long-term system planning—typically a 10–15-year 

outlook. In addition to designing, engineering, and contracting transmission lines, siting, permitting, and various federal, 

state, provincial, and municipal approvals often take much longer than five years to complete. The CPP analysis assumes that 

adequate transmission capacity is available to deliver any resources located in, or transferred to, the region.41 Given the 

significant changes and locations anticipated to occur in the resource mix, it is likely that additional new transmission, or 

transmission enhancements, will be necessary in some areas. New transmission lines will be required to transport the amount 

of renewable generation coming online, particularly in 

remote areas, and that creates additional timing 

considerations. Further, as replacement generation is 

constructed, new transmission may be needed to 

interconnect new generation. Mitigating transmission 

constraints identified from the proposed EPA regulations in 

a timely way, consistent with CPP targets, presents a 

potential reliability concern. Construction of new interstate 

high-voltage lines would require transmission owners to 

confer to state and federal laws with respect to 

environment impacts, siting, and permitting. A construction 

timeline for a new high-voltage line can range from 5 to 15 

years depending on the voltage class, location, and 

availability of highly skilled construction crews. The 

construction of transmission assets is a very lengthy process 

starting from planning to the actual physical construction. It 

is recommended that any policies that could potentially 

impact the reliable operation of the transmission system 

also consider the associated timeline for implementing 

plans. 

The location of additional transmission resources will be informed by the outcome of the transmission planning studies. The 

transmission planning process will not be able to fully incorporate the impacts of potential retirements until those resource 

addition requirements are made known to the system operator. For ISO/RTOs, this will likely not happen until the final state 

plans are developed.  

To support variable generating capacity increases, the power industry would need to invest heavily to expand transmission 

capacity to access more remote areas with high-quality wind resources. Developing a resource mix that has sufficient ERSs to 

support integration and reliable BPS operation is also a consideration. Given the natural wind variability in these locations, 

incremental wind project resources would have relatively low capacity factors (20–35 percent) that would require complex 

financial decisions to support transmission capacity. 

                                                           
41 Regulatory Impacts Analysis for the Proposed Carbon Pollution Guidelines for Existing Power Plants and Emission Standards for Modified and 
Reconstructed Power Plants (June 2014) and supporting IPM Model documentation and data. 

Transmission Considerations with Additional VERs 
The projected 30.8 GW of additional wind and solar resources 
will require additional transmission to reliably integrate these 
resources. VERs are often built in parts of North America that 
are distant from the point of interconnection to the 
transmission system. In many cases, the location of these 
variable resources only meets the minimum voltage support 
requirements. According to the 2014LTRA Reference Case, 16 
percent of new transmission projects (under construction, 
planned, or conceptual) identify variable resource integration as 
a primary driver. 

New Transmission Project Drivers 
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NERC anticipates that after the CPP guidelines are finalized in 2015, and SIPs are developed and approved by the EPA in 

2016/2017, entities will work with their state utility commissions or other appropriate governing entities to assess resource 

and system options. Extensive transmission reliability screening assessments will be performed to support these decisions 

and will include comprehensive local and regional reliability analyses, which must be coordinated with states and neighboring 

entities. As resource decisions are made, reliability screening will transition into the established NERC reliability assessment 

processes. Consistent with the NERC Reliability Standards, transmission enhancements to address reliability constraints will 

be identified, incorporated into transmission expansion plans, and coordinated with other projects locally and regionally. 

Because committed transmission projects typically require three to five years to be completed, and often longer for major 

projects with significant right-of-way needs, NERC is concerned that reliability-related enhancements may not be able to be 

completed for a 2020 implementation.  

Initial Regional Reliability Assessment of the Proposed CPP  

Some regions started an initial reliability assessment of the proposed CPP focused on their respective footprints to better 

understand the plan’s potential impacts. The initial analyses are slightly different in focus and are in varying stages of 

development. The key findings from recent MISO and SPP studies are provided below. 

MISO 

MISO focused primarily on generation capacity impacts. MISO, which is based on a 14.8 percent reserve margin requirement 

determined by the 1-day-in-10-year loss-of-load event, projects that in in 2016 it will operate at the reliability level of 

approximately 2-days-in-10-year loss-of-load event, increasing the likelihood that resources will not be sufficient to serve 

peak demand. The number of expected days per year of a loss-of-load event is projected to increase throughout the 

assessment period. The proposed CPP could further exacerbate resource adequacy concerns in the MISO footprint unless 

additional replacement capacity is built in a timely fashion.42 Additionally, the analysis showed that the EPA’s carbon proposal 

could put an additional 14,000 MW of coal capacity at risk of retirement. This amount is beyond the 12,600 MW within MISO’s 

footprint that is slated to retire by the end of 2016 to comply with MATS.43 The contributing factors driving the projected 

deficit include: 

 Increased retirements and suspensions (temporary mothballing) due to EPA regulations and market forces and low 

natural gas prices 

 Exclusion of low-certainty resources that were identified in the resource adequacy survey 

 Exclusion of surplus of capacity in MISO South above the 1,000 MW transfer from the Planning Reserve Margin 

requirement (PRMR)44 

 Increased exports to PJM and the removal of non-Firm imports45 

 Inadequate Tier 1 capacity additions 46 

 

 

 

 

                                                           
42 Anticipated Reserve Margin includes operable capacity expected to be available to serve load during the peak hours with firm transmission. 
Prospective Reserve Margin operable capacity that could be available to serve load during the peak hour, but lacks Firm transmission and could 
be unavailable for a number of reasons. 
43 MISO GHG Regulation Impact Analysis – Initial Study Results. 
44 For this assessment, 1,000 MW of capacity is transferred from the MISO South to the MISO North/Central Region pending the outcome of 
regulatory issues currently under FERC review. 
45 Capacity sales (imports and exports) in MISO depend on decisions of the respective resource owners, assuming that the tariff requirements are 
met (including planning of necessary transmission of both the buying and selling areas). Regarding the removal of non-Firm imports, the MISO 
market monitor double-counted non-Firm imports in the 2013LTRA reference case. These imports are accounted for in the Reference Margin Level 
(PRMR). 
46 In the MISO footprint, 91 percent of the load is served by utilities with an obligation to serve customers reliably and at a reasonable cost. Resource 
planning and investment in resources are part of state and locally jurisdictional integrated resource plans that only become certain upon the receipt 
of a Certificate of Public Convenience and Necessity (CPCN). 

http://www.eenews.net/assets/2014/09/18/document_ew_01.pdf
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SPP 

SPP looked at both generation capacity and transmission reliability impacts of the proposed CPP.47 The initial study indicated 

that compliance with the carbon regulations, if implemented as modeled by the EPA, will not be possible without significant 

investment in new generation and associated major improvements to both the electric transmission and natural gas 

infrastructure to accommodate new generation. The results indicate that by 2020, SPP’s anticipated reserve margin would 

be 5 percent, representing a capacity margin deficit of approximately 4,500 MW. By 2024, 10,000 MW beyond current plans 

would be needed to maintain their reserve margin. Given the 8- to 10-year timeline needed to plan for and construct these 

additional resources, SPP has concluded that there is not sufficient time to achieve compliance with the EPA’s interim goals, 

and that widespread reliability impacts are likely. 

The reliability issues identified in the initial studies will require significant upgrades to the transmission infrastructure to 

maintain system reliability, accommodate new generation or, when new generation is not warranted, to support the dispatch 

of the system in a manner significantly different from historical operations. Other ISO/RTOs, states, and Regions should 

prepare for the potential impacts to grid reliability, especially related to the time required to plan and build transmission 

infrastructure. 

Reliability Assurance 

NERC Reliability Standards and Regional Entity criteria must be met at all times to ensure reliable operation and planning of 

the BPS. Therefore, NERC supports policies developed by the EPA, FERC, the DOE, and state utility regulators that include a 

“reliability assurance mechanism,” such as a reliability back-stop, to preserve BPS reliability and manage emerging and 

impending risks to the BPS. 

Many utilities and ISO/RTOs have discussed a possible reliability safety valve similar to the one-year compliance extension 

that has been used to avoid retirement-related reliability impacts from the MATS compliance deadline. A reliability safety 

valve will be of limited utility if the EPA’s proposal is implemented as currently designed, and it appears the EPA has far more 

flexibility under Section 111(d) than was available under the Section 112 program. Accordingly, a set of reliability assurance 

provisions that may include a reliability backstop, as well as other measures, would be recommended to maintain BPS 

reliability. 

Stakeholders expressed to NERC staff their concerns regarding the need for additional time to mitigate the impacts of the 

carbon regulation. The proposed timeline does not provide enough time to develop sufficient resources to ensure continued 

reliable operation of the electric grid by 2020. To attempt to do so would increase the use of controlled load shedding and 

potential for wide-scale, uncontrolled outages. Additionally, policy changes may be required to ensure the Planning 

Coordinators and Transmission Planners perform the necessary studies and exercise the authority to implement transmission 

and related infrastructure solutions and assure that ERSs are provided in a timely manner. 

                                                           
47 SPP Reliability Assessment of EPA 111(d) Clean Power Plan Rule http://www.spp.org/publications/SPC%20Materials%20081914.pdf. 

http://www.spp.org/publications/SPC%20Materials%20081914.pdf
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Direct Impacts to Resource Adequacy and Electric Infrastructure   
Summary and Recommendations 

Fossil-Fired Retirements and Accelerated Declines in Reserve Margins: Despite low demand growth, NERC has 
highlighted resource adequacy concerns as projections continue to reflect declining reserve margins that fall below the 
Reference Margin Level in three assessment areas within the next five years.  

 The Regions, ISO/RTOs, and states should perform further analysis to examine the potential resource adequacy 
concerns. 

Transmission Planning and Timing Constraints: The proposed CPP implementation is currently scheduled to begin in 
mid-2016. Some reliability impacts could be mitigated by the construction of new (or enhancement of existing) 
transmission facilities; however, long lead times (e.g., 10 years) are required for transmission planning and construction.  

 The EPA and states, along with industry, should consider the time required to integrate potential transmission 
enhancements and additions necessary to address impacts of the proposed CPP. 

Regional Reliability Assessment of the Proposed CPP: To better understand its potential impacts, some Regions have 
started an initial reliability assessment of the proposed CPP focused on their respective footprints. The initial analyses 
are slightly different in focus and are in varying stages of development. 

 Other ISO/RTOs, states, and Regions should prepare for the potential impacts to grid reliability, especially 
related to the time required to plan and build transmission infrastructure. 

Reliability Assurance: NERC Reliability Standards and Regional Entity criteria must be met at all times to ensure reliable 
operation and planning of the BPS. 

 The EPA, FERC, the DOE, and state utility regulators should employ the array of tools at their disposal and their 
regulatory authority to develop reliability assurance mechanisms such as a reliability back-stop. These 
mechanisms include timing adjustments and granting extensions where there is a demonstrated reliability need.  
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Impacts Resulting from the Changing Resource Mix  
Coal Retirements Increase Reliance on Natural Gas for Electric Power 
The electricity sector’s growing reliance on natural gas raises concerns regarding the electricity infrastructure’s ability to 

maintain system reliability when facing a constrained natural gas capacity for delivering natural gas to electric power 

generators. These concerns are already being articulated in light of gas-electric dependency studies and analyses, and include 

ISO/RTOs, electricity market participants, industrial consumers, national and regional regulatory bodies, and other 

government officials.48 The extent of these concerns varies from region to region; however, concerns are most acute in areas 

where power generators rely on interruptible pipeline transportation as the natural gas use for generation rapidly grows.  

Under the CPP, an accelerated shift in the power generation mix from coal to natural gas is expected to ensue. The EPA’s 

state limitation calculations assume a 440 TWh/year shift to existing NGCC generation from coal (376 TWh/year) and older 

oil-gas steam (64 TWh/year) generators due to redispatched NGCC units up to a 70 percent capacity factor. In its Regulatory 

Impact Assessment, the EPA projects that the natural gas market portion of total U.S. power generation will grow from 29 

percent energy in 2013 to 33–34 percent from 2020 to 2030. In an analysis of the CPP prepared by Energy Ventures Analysis 

(EVA), natural gas generation is found to increase by an additional 400–450 TWh/year and increase the gas generation energy 

market share to reach 35 percent in 2020, 39 percent in 2030, and 49 percent in 2040.49 

As reliance increases more on natural gas for both baseload and on-peak capacity, it is important to also examine potential 

risks associated with reduced diversity and increased dependence on a single fuel type. Currently, natural-gas-fired resources 

account for large portions of both the total and on-peak resource mix in several assessment areas when considering both 

existing capacity and planned additions (Table 3). 

Table 3. Assessment Areas with Natural-Gas-Fired Capacity Accounting for Over One-Third of Existing Nameplate Capacity50 
  Nameplate Capacity (GW) On-Peak Capacity (GW) 10-Year Nameplate Capacity Additions (GW) 

Assessment Area Gas-Fired Portion of Total Gas-Fired Portion of Total Tier 1 Tier 2 Tier 3 

FRCC 40.2  64% 33.9  63% 10.1  0.0  0.0  
MISO 69.0  39% 58.7  41% 2.8  0.0  10.0  
NPCC-New England 18.6  54% 13.3  43% 1.1  3.3  0.0  
NPCC-New York 21.0  55% 14.2  40% 0.0  3.5  0.0  
PJM 80.0  43% 56.5  32% 10.0  47.5  0.0  
SERC-SE 31.2  47% 28.4  46% 0.0  0.0  2.6  
SPP 32.3  40% 30.2  47% 1.1  0.7  5.7  
TRE-ERCOT 48.4  54% 45.2  63% 4.9  21.5  0.0  
WECC-CA/MX 47.7  61% 43.9  70% 5.5  6.2  0.9  
WECC-RMRG 7.2  36% 6.2  41% 1.2  0.0  0.0  
WECC-SRSG 19.5  47% 16.3  50% 0.6  1.0  3.0  

With this shift toward more natural gas consumption in the power sector, the power industry will become increasingly 

vulnerable to natural gas supply and transportation risks. Extreme conditions, although rare, must be studied and integrated 

in planning to ensure a suitable generating fleet is available to support BPS reliability. While there are several plants with 

dual-fuel capability, the capability to switch to a secondary fuel can be limited during certain operating conditions. 

Overdependence on a single fuel type increases the risk of common-mode or area-wide conditions and disruptions, especially 

during extreme weather events. Disruptions in natural gas transportation to power generators have prompted the gas and 

electric industries to seek an understanding of the reliability implications associated with increasing gas-fired generation. For 

example, adverse winter weather, such as that experienced during January 2014, provided signs of natural gas supply and 

deliverability risks.51 This can be a local issue in areas where there is already a heavy concentration of natural gas generation.  

                                                           
48 See NERC’s Special Reliability Assessments on electric and gas interdependencies for more information and recommendations: Phase I and 
Phase II. 
49 Energy Ventures Analysis: FUELCAST – The Long-Term Outlook 2014, October 2014.  
50 Tier 1, 2, and 3 Capacity Category Definitions are provided in the 2014 Long-Term Reliability Assessment. 
51 NERC Polar Vortex Review Report 
http://www.nerc.com/pa/rrm/January%202014%20Polar%20Vortex%20Review/Polar_Vortex_Review_29_Sept_2014_Final.pdf 

http://www.nerc.com/pa/RAPA/ra/Reliability%20Assessments%20DL/Gas_Electric_Interdependencies_Phase_I.pdf
http://www.nerc.com/pa/RAPA/ra/Reliability%20Assessments%20DL/NERC_PhaseII_FINAL.pdf
http://www.nerc.com/pa/rrm/January%202014%20Polar%20Vortex%20Review/Polar_Vortex_Review_29_Sept_2014_Final.pdf
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While several gas pipeline construction projects are underway to increase gas deliverability, the CPP proposal accelerates the 

shift toward more natural gas generation and could create additional pipeline needs. The increased demand can be addressed 

with sufficient lead time (i.e., more than three years), which is needed to plan, collect contracts, permit, procure, and build 

new pipeline. To the extent that the CPP assumptions regarding natural-gas-fired capacity expansion and existing coal-fired 

generation retirements are achieved, the gas and electric sectors will lean more heavily on each other.  

The Availability of Essential Reliability Services Is Strained by a Changing Resource Mix 

The proposed CPP provides states and developers additional incentives to rapidly expand their non-hydro renewable capacity 

to displace existing coal generation. The state calculations assume that non-hydro renewable capacity could grow rapidly by 

5 percent per year, from 218 TWh/year in 2012 to reach 523 TWh/year by 2030. This incremental renewable generation 

represents well over twice the energy currently supplied by VERs and would be dominated mostly by new wind, and to a 

lesser extent, new solar capacity.  

In addition, wind projects will significantly increase the demand for reactive power and ramping flexibility. Ramping flexibility 

will increase cycling on conventional generation and often results in either increased maintenance hours or higher forced 

outage rates—in both cases, increased reserve requirements may result. While storage technologies may help support 

ramping needs, successful large-scale storage solutions have not yet been commercialized.52 Storage technologies support 

the reliability challenges that may be experienced when there is a large penetration of VERs, and their development should 

be expedited. 

Based on industry studies and prior NERC assessments,53 as the penetration of variable generation increases, maintaining 

voltage stability can be more challenging. Additional studies will be needed to further understand potential challenges that 

may indirectly result from the proposed CPP. In its role of assessing reliability, NERC commissioned the Essential Reliability 

Services Task Force (ERSTF) with members from NERC’s Planning Committee and Operating Committee to study, identify, and 

analyze the planning and operational changes that may impact BPS reliability. NERC, under the ERSTF work plan and activities, 

has issued an initial assessment of ERSs that identifies ERS reliability building blocks as a foundational approach for further 

assessment and studies.54  

Increased Penetration of Distributed Energy Resources  

The EPA projects that retail electricity prices will increase by $1/MWh to $18/MWh under the CPP55 as a result of a 

combination of higher natural gas prices and the implementation of new carbon penalties on impacted fossil-fired 

generators.56 As retail power prices increase, some existing customers may install DERs, when economically advantageous. 

Depending on the price advantage, the market penetration of DERs could be substantial, creating potential reliability impacts 

for grid operators that lack visibility and control of these resources. Given that DERs displace grid retail sales, DERs could 

become a larger grid capacity planning challenge since the grid will remain responsible for being the DER site’s back-up power 

supplier. Reliability issues with large onsets of non-dispatchable resources have already created operational challenges in 

California, Hawaii, and Germany. Such experienced reliability challenges are: 

 The loss of inertia and the loss of generating units used to control transient instability driven by the significant non-

controllable generation and lack of sufficient attention to ERSs—Hawaii. 

                                                           
52 Pumped storage offers fast and large ramping capabilities to the BPS; however, increases in this technology is not likely due to land restrictions, 
permitting limitations, and environmental opposition. Less than 1 GW of pumped storage capacity is projected over the next 10 years. 
53 NERC-CAISO Joint Report: Maintaining Bulk Power System Reliability While Integrating Variable Energy Resources – CAISO Approach; other 
industry reports include those developed by the Integration of Variable Generation Task Force (IVGTF); Integrating Variable Renewable Energy in 
Electric Power Markets: Best Practices from International Experience (Appendix D) 
54 NERC Essential Reliability Services Task Force - A Concept Paper on Essential Reliability Services that Characterize Bulk Power System Reliability 
http://www.nerc.com/comm/Other/essntlrlbltysrvcstskfrcDL/ERSTF_Draft_Concept_Paper_Sep_2014_Final.pdf 
55 Regulatory Impacts Analysis for the Proposed Carbon Pollution Guidelines for Existing Power Plants and Emission Standards for Modified and 
Reconstructed Power Plants (June 2014) and supporting IPM Model documentation and data. 
56 According to EIA, closing coal plants will drive up natural gas prices by 150 percent over 2012 levels by 2040, this cost rise will cause electricity 
prices to jump seven percent by 2025 and 22 percent by 2040. Because natural gas prices are a key determinant of wholesale electricity prices, 
which in turn are a significant component of retail electricity prices. Accordingly, the cases with the highest delivered natural gas prices also show 
the highest retail electricity prices. 2014 Annual Energy Outlook. 

http://www.nerc.com/pa/RAPA/ra/Reliability%20Assessments%20DL/NERC-CAISO_VG_Assessment_Final.pdf
http://www.nerc.com/pa/RAPA/ra/Pages/default.aspx
http://www.nrel.gov/docs/fy12osti/53732.pdf
http://www.nrel.gov/docs/fy12osti/53732.pdf
http://www.nerc.com/comm/Other/essntlrlbltysrvcstskfrcDL/ERSTF_Draft_Concept_Paper_Sep_2014_Final.pdf
http://www.epa.gov/airmarkets/powersectormodeling/cleanpowerplan.html
http://www.eia.gov/forecasts/aeo/section_issues.cfm#power_plant
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 DERs only operate within frequency ranges that are in many cases close to nominal frequency and, therefore, 

frequency and voltage ride-through capabilities are needed—Germany. 

 Increased wind and solar levels that mandate increased ramping, load-following, and regulation capability—this 

applies to both expected and unexpected net load changes. This flexibility will need to be accounted for in system 

planning studies to ensure system reliability—California. 

Studies and Assessments Needed to Support Reliability 
The following assessments are needed to form a complete reliability evaluation. Table 4 provides a list of the types of studies 

and analysis that must be done to demonstrate reliability, recognizing that the industry does not operate the grid without a 

thorough and complete analysis. 

Table 4. Study and Assessment Types Needed for a Complete Reliability Evaluation 
Local Reliability Assessments Area/Regional Reliability Assessments 

 Specific generator retirement studies 

 Specific generator interconnection studies 

 Specific generator operating parameters 

 Power flow (thermal, voltage) 

 Stability and voltage security 

 Offsite power for nuclear facilities 

 Resource adequacy 

 Power flow (regional) 

 Stability and voltage security (regional) 

 Gas interdependencies; pipeline constraints 

 Operating reserves and ramping 

 System restoration/blackstart 

 

 

Impacts Resulting from the Changing Resource Mix  
Summary and Recommendations 

Coal Retirements and the Increased Reliance on Natural Gas for Electric Power: As the industry relies more on natural-
gas-fired capacity to meet electricity needs, close examination will be necessary to ensure risks have been fully identified 
and evaluated. Potential issues are most acute in areas where power generators rely on interruptible natural gas 
pipeline transportation. 

 Further coordinated planning processes between the electric and gas sectors will be needed to ensure a strong 
and integrated partnership. Coordinated planning processes should include considerations for pipeline 
expansion to meet the increased reliance on natural gas for electric generation—especially during the extreme 
weather events (e.g., polar vortex). 

The Changing Resource Mix and Maintaining Essential Reliability Services: The proposed CPP provides states and 
developers additional incentives to rapidly expand their non-hydro renewable capacity to displace existing coal 
generation. Resource adequacy assessments do not fully capture the ERSs needed to reliably operate the BPS and are 
generally limited to identifying supply and delivery risks. 

 ISO/RTOs, utilities, and Regions, with NERC oversight, should analyze the impacts to ERSs in order to maintain 
reliability. Additionally, system operators and ISO/RTOs need to develop appropriate processes, tools, and 
operating practices to adequately address operational changes on the system. 

 NERC should perform grid-level performance expectations developed from a technology-neutral perspective to 
ensure ERS targets are met. 

 The development of technologies (such as electricity storage) help support the reliability objectives of the BPS, 
and these technologies should be expedited to support variability and uncertainty on the BPS. 

Increased Penetration of Distributed Energy Resources: A potential risk in additional DERs is the temporary 
displacement of utility-provided service, which could create additional planning challenges, considering utilities must 
act as a secondary supplier of electricity. 

 ISO/RTOs and system planners and operators should consider the market penetration of DERs and potential 
reliability impacts due to the limited visibility and controllability of these resources. 
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Conclusions 

This report represents NERC’s initial review of reliability concerns regarding the EPA’s proposed Clean Power Plan (CPP) under 

Section 111(d) of the Clean Air Act. As the CPP is finalized and implemented, NERC will develop special reliability assessments 

in phases. This initial evaluation highlights the underlying CPP assumptions and identifies a range of potential reliability 

impacts of the CPP on the BPS. It is NERC’s intention that this document be used as a platform by industry stakeholders and 

policy makers to discuss technically sound information about the potential reliability impacts of the proposed CPP.  

The Building Block assumptions in the EPA’s proposed CPP are critical to NERC’s evaluation of the reliability impacts. NERC 

will provide independent assessments of the BPS under a wide range of conditions that reflect the implications of the 

proposed policy, varied resource mixes, and impacts to transmission and will share the results with the industry and states 

as they develop their implementation plans. 

Recommendations  

1. NERC should continue to assess the reliability implications of the proposed CPP and provide independent 

evaluations to stakeholders and policy makers.  

The NERC Board of Trustees endorsed a plan for the review and assessment of the reliability impacts of the EPA 

proposal at its August 2014 Board meeting. The NERC Planning Committee should lead NERC and industry efforts in 

conducting the reliability assessments and scenario analyses as identified in this report. NERC will work through its 

stakeholder process to solicit industry input on assessment approaches and assumptions as further special 

assessments and evaluations are developed. 

2. Coordinated regional and multi-regional industry planning and analysis groups should immediately begin detailed 

system evaluations to identify areas of concern and work in partnership with policy makers to ensure there is 

clear understanding of the complex interdependencies resulting from the rule’s implementation. 

Given the potential reliability concerns of the EPA’s 2020 proposed implementation date, NERC encourages the 

states to begin operational and planning scenario studies, including resource adequacy, transmission adequacy, and 

dynamic stability, to assess economic and reliability impacts. A number of studies and analyses must be performed 

to demonstrate reliability, and industry must closely coordinate with the states to ensure the SIPs are aligned with 

what is technically achievable within the known time constraints. Additionally, industry should review system 

flexibility and reliability needs while achieving the EPA’s emission reduction goals. As a result, states that largely rely 

on fossil-fuel resources might need to make significant changes to their power systems to meet the EPA’s target for 

carbon reductions while maintaining system reliability.  

3. If the environmental goals are to be achieved, policy makers and the EPA should consider a more timely approach 

that addresses BPS reliability concerns and infrastructure deployments. 

NERC Reliability Standards and Regional Entity criteria must be met at all times to ensure reliable operation and 

planning of the BPS. Based on NERC’s initial review, more time would be needed in certain areas to ensure resource 

adequacy, reliability requirements, and infrastructure needs are maintained. The EPA, FERC, the DOE, and state 

utility regulators should consider their regulatory authority to make timing adjustments and to grant extensions to 

preserve BPS reliability. NERC supports policies that include a reliability assurance mechanism to manage emerging 

and impending risks to the BPS, and urges policy makers and the EPA to ensure that a flexible and effective reliability 

assurance mechanism is included in the rule’s implementation.   
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Congressional Budget Office

The Estimated Costs to Households From the
Cap-and-Trade Provisions of H.R. 2454

June 19, 2009

Global climate change is one of the nation’s most significant long-term policy
challenges: Reducing emissions of greenhouse gases (GHGs) would moderate the
damage associated with climate change and, especially, the risk of significant
damage, but doing so would also impose costs on the economy. In the case of
carbon dioxide (CO2)—which accounts for 85 percent of U.S. GHG emissions—
higher costs would stem from the fact that most economic activity is based on
fossil fuels, which contain carbon and, when burned, release it in the form of that
gas.

H.R. 2454, the American Clean Energy and Security Act of 2009, as reported by
the House Committee on Energy and Commerce on May 21, 2009, would create a
cap-and-trade program for GHG emissions, an incentive-based approach for
regulating the quantity of emissions. (The bill would also make a number of other
significant changes in climate and energy policy.) The legislation would set a
limit (the cap) on total emissions over the 2012–2050 period and would require
regulated entities to hold rights, or allowances, to emit greenhouse gases. After
allowances were initially distributed, entities would be free to buy and sell them
(the trade part of the program).

This analysis examines the average cost per household that would result from
implementing the GHG cap-and-trade program under H.R. 2454, as well as how
that cost would be spread among households with different levels of income.1 The
analysis does not include the effects of other aspects of the bill, such as federal
efforts to speed the development of new technologies and to increase energy
efficiency by specifying standards or subsidizing energy-saving investments.

Reducing emissions to the level required by the cap would be accomplished
mainly by stemming demand for carbon-based energy by increasing its price.
Those higher prices, in turn, would reduce households’ purchasing power. At the
same time, the distribution of emission allowances would improve households’
financial situation. The net financial impact of the program on households in
different income brackets would depend in large part on how many allowances

                                                 
1 For information about the projected budgetary impact of the bill, see Congressional Budget

Office, cost estimate for H.R. 2454, the American Clean Energy and Security Act of 2009 (June 5,

2009).
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were sold (versus given away), how the free allowances were allocated, and how
any proceeds from selling allowances were used. That net impact would reflect
both the added costs that households experienced because of higher prices and the
share of the allowance value that they received in the form of benefit payments,
rebates, tax decreases or credits, wages, and returns on their investments.

The incidence of the gains and losses associated with the cap-and-trade program
in H.R. 2454 would vary from year to year because the distribution of the
allowance value would change over the life of the program. In the initial years of
the program, the bulk of allowances would be distributed at no cost to various
entities that would be affected by the constraint on emissions. Most of those free
allocations would be phased out over time, and by 2035, roughly 70 percent of the
allowances would be sold by the federal government, with a large share of
revenues returned to households on a per capita basis. This analysis focuses on the
effect of the legislation in the year 2020, a point at which the cap would have
been in effect for eight years (giving the economy time to adjust) and at which the
allocation of allowances would be representative of the situation prior to the
phase-down of free allowances. The incidence of gains and losses would be
considerably different once the free allocation of allowances had mostly ended.
Although the analysis examines the effects of the bill as it would apply in 2020,
those effects are described in the context of the current economy—that is, the
costs that would result if the policies set for 2020 were in effect in 2010.

On that basis, the Congressional Budget Office (CBO) estimates that the net
annual economywide cost of the cap-and-trade program in 2020 would be
$22 billion—or about $175 per household. That figure includes the cost of
restructuring the production and use of energy and of payments made to foreign
entities under the program, but it does not include the economic benefits and other
benefits of the reduction in GHG emissions and the associated slowing of climate
change. CBO could not determine the incidence of certain pieces (including both
costs and benefits) that represent, on net, about 8 percent of the total. For the
remaining portion of the net cost, households in the lowest income quintile would
see an average net benefit of about $40 in 2020, while households in the highest
income quintile would see a net cost of $245. Added costs for households in the
second lowest quintile would be about $40 that year; in the middle quintile, about
$235; and in the fourth quintile, about $340. Overall net costs would average 0.2
percent of households’ after-tax income.

How the GHG Cap-and-Trade Program Established
Under H.R. 2454 Would Work 
H.R. 2454 would establish two cap-and-trade programs, one for six GHGs
(mostly CO2) and one for a seventh GHG, hydrofluorocarbons (HFCs). The first
program, the focus of this analysis, is generally referred to as the GHG cap-and-
trade program.
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H.R. 2454 would set limits on GHG emissions for each year. Regulated entities
could comply with the policy in some combination of three ways:

■ By reducing their emissions,

■ By holding an allowance for each ton of GHGs that they emitted, or

■ By acquiring an “offset credit” for their emissions.

Offset credits would be generated by firms that were not covered by the cap but
that reduced their emissions or took actions to store emissions in trees and soil,
using methods that would be approved by the Environmental Protection Agency.
The bill would allow firms to use a significant quantity of offset credits—
generated in the United States and overseas, with a maximum quantity for each
specified in the legislation—toward compliance with the cap. Most of those offset
credits would be generated by changes in agricultural and forestry practices. To
the extent that acquiring offset credits was cheaper than undertaking more
emission reductions, allowing firms to comply with offset credits would lower
compliance costs overall.

CBO estimates that the price of an allowance, which would permit one ton of
GHG emissions measured in CO2 equivalents, in 2020 would be $28.2 H.R. 2454
would require the federal government to sell a portion of the allowances and
distribute the remainder to specified entities at no cost. The portions of
allowances that were sold and distributed for free would vary from year to year.
This analysis focuses on the year 2020, when 17 percent of the allowances would
be sold by the government and the remaining 83 percent would be given away.
Entities that received allowances could sell them or use them to meet their
compliance obligations.

Estimated Costs per Household
The GHG cap-and-trade program established under H.R. 2454 would impose
costs on U.S. households and provide some financial benefits, as well as the
benefits associated with any changes in the climate that would be avoided as a
result of the legislation. (This analysis addresses only those financial benefits.)
The costs would be incurred through higher prices for the goods and services that
households consumed, and the incidence of those costs would be determined
primarily by households’ consumption patterns. In the aggregate, most of those
costs would be offset by income or other benefits provided to households as a
result of the distribution of the value of the emission allowances. The legislation

                                                 
2 That price accounts for the effects of banking emission allowances as well as the ability of firms

to comply with the cap by purchasing domestic and international offset credits. For more detail on

how CBO estimated allowance prices, see the agency’s cost estimate for H.R. 2454.
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would influence how much of that value was conveyed to various households by
specifying how to allocate the allowances. For example, H.R. 2454 would direct
some of that value to low-income households by specifying that 15 percent of the
allowance value be used to provide energy rebates and tax credits for such
households.

Gross Compliance Costs
Gross compliance costs would consist of the cost of emission allowances, the cost
of both domestic and international offset credits, and the resource costs incurred
in order to reduce the use of fossil fuels:

■ The cost of the allowances. The cost of acquiring allowances would become a
cost of doing business. In most cases, the firms required to hold the
allowances would not bear that cost; rather, they would pass it onto their
customers in the form of higher prices.

■ The cost of both domestic and international offset credits. Like the cost for
allowances, the cost of acquiring offset credits would be passed on by firms to
their customers in the form of higher prices.

■ The resource costs associated with reducing emissions. The resource costs
would include the value of the additional resources (including nonmonetized
resources, such as time) required to reduce emissions—for example, by
generating electricity from natural gas rather than from coal, by making
improvements in energy efficiency, or by changing behavior to save energy
(by carpooling, for example).3

According to CBO’s estimates, the gross cost of complying with the GHG cap-
and-trade program delineated in H.R. 2454 would be about $110 billion in 2020
(measured in terms of 2010 levels of consumption and income), or about $890
per household (see Table 1). Of that gross cost, 96 percent would be the cost of
acquiring allowances or offset credits. The reminder would be the resource costs
associated with reducing emissions.

As noted, firms would generally pass the cost of reducing their emissions—or of
acquiring offset credits or emission allowances—on to their customers, and their
customers’ customers. (Indeed, assuming that higher costs are passed into prices
is customary in distributional analyses.) Households and governments would bear
those costs through their consumption of goods and services. Because households
account for the bulk of spending, they would bear most of the costs. The federal

                                                 
3 The resource cost does not indicate the potential decrease in gross domestic product (GDP) that

could result from the cap. The reduction in GDP would also include indirect general equilibrium

effects, such as changes in the labor supply resulting from reductions in real wages and potential

reductions in the productivity of capital and labor.
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government and state and local governments would bear the remainder (an
estimated 13 percent) through their spending on goods and services.

The distribution of the gross cost of complying with the policy would be quite
different if the price level did not increase as a result of the cap—if, for example,
the Federal Reserve adjusted monetary policy to prevent such an increase. In that
case, the compliance costs would fall on workers and investors in the form of
lower wages and profits. Under that alternative assumption, the gross cost of the
program would fall more heavily on high-income households than is indicated in
this analysis because the distribution of wages and profits is more tilted toward
higher-income households than is the distribution of expenditures.

The Disposition of Allowance Value
Although households and governments would pay for the cost of the
allowances—generally in the form of higher prices—those allowances would
have value and would be a source of income. The ultimate effects of the cap-and-
trade program on U.S. households would depend crucially on policymakers’
decisions about how to allocate that value. Under H.R. 2454, allowances would be
allocated among businesses, households, and governments, and the value of most
of those allowances would ultimately be conveyed to households in various ways.

Under H.R. 2454, about 30 percent of the allowance value—$28 billion—would
be allocated in a fairly direct manner to U.S. households to compensate them for
their increased expenditures. That relief to households would include the
15 percent of the allowance value set aside for a low-income energy rebate and a
tax credit for households receiving benefits through the Supplemental Nutrition
Assistance Program or through the Medicare Part D low-income subsidy, and for
households not participating in those programs but with income below certain
thresholds. It would also include about $14 billion in allowances given to
companies that distribute electricity and natural gas, with instructions to pass
those benefits on to residential customers.

Roughly 50 percent of the allowance value—$47 billion—would be directed to
U.S. businesses to offset their increased costs. That amount includes about $14
billion provided to what are termed emission-intensive trade-exposed industries
(which would be less able to pass their compliance costs on to their customers
than would other industries facing less international competition) and oil refiners.
It also includes $27 billion worth of allowances that would be given to local
distributers of electricity and natural gas, with instructions to pass those savings
on to commercial and industrial customers (as distinct from the amount passed on
to residential customers noted in the previous paragraph). The value of the
allowances received by businesses would ultimately accrue to households in the
form of increased returns on their investments.4

                                                 
4 The cost of obtaining allowances would be passed into prices in most cases because that cost

would raise firms’ variable production costs (that is, the costs to produce additional units of



 6

About 10 percent of the allowance value would be allocated to the federal
government and to state governments to spend within the United States (not
accounting for the amount used to fund the energy rebate and tax credit). For
example, the bill would direct a portion of the allowance value to be spent
encouraging the development of particular technologies (such as electricity
generation that includes carbon capture and storage) and improvements in energy
efficiency. The value of those allowances allocated to governments would
ultimately be passed on to households in the form of higher wages, increased
returns on their investments, or lower energy costs.

Finally, H.R. 2454 would direct the federal government to spend 7 percent of the
allowance value overseas, funding efforts to prevent deforestation in developing
countries, to encourage the adoption of more efficient technologies, and to assist
developing countries in adapting to climate change. The value the allowances
spent overseas would impose a net cost on U.S. households: They would bear the
cost of the allowances but would not receive the value (apart from the benefits of
slowing climate change). In contrast, the other allowance allocations would not
impose a net cost on U.S. households taken as a whole: Households would bear
costs but ultimately would receive equivalent benefits.

Additional Benefits and Costs
Some additional transfers of income and additional costs would result from the
GHG cap-and-trade program under H.R. 2454 but are not reflected in the gross
compliance costs and the disposition of the allowance value discussed above.
Those additional transfers would total about $14 billion, but they would also add
close to $12 billion to the government’s costs, which ultimately would be borne
by households through higher taxes or reduced government spending. They would
include the following:

■ The value of the rebates and tax credits for low-income households that
exceeded the 15 percent of the allowance value that the bill would set aside to
pay for them. The cost of the rebates and credits would exceed that allowance
value by $2.8 billion, CBO and the Joint Committee on Taxation (JCT)
estimate. That amount would add to the sums received by households but
would also increase the cost to the government.

■ Increases in government benefit payments that are pegged to the consumer
price index, such as Social Security benefits. Under the assumption that the

                                                                                                                                     
output). In contrast, the receipt of allowances that is not linked to the quantity of output would

represent a reduction in firms’ fixed production costs. Businesses generally do not change prices

in response to changes in fixed costs as they do in response to changes in variable costs.

Therefore, the value of the allowances received would generally accrue to shareholders (or

perhaps workers in some cases).



 7

costs of compliance are passed through to consumers in higher prices and that
the Federal Reserve does not take action to offset those price increases, the
rise in the consumer price index would trigger increased cost-of-living
benefits in indexed programs.5 The increase in those transfer payments would
help offset the increased expenditures for the households that received them.
At the same time, increasing those payments would impose a cost on the
federal government.

■ Reduced federal income taxes. Because the federal income tax system is
largely indexed to the consumer price index, an increase in consumer prices
with no increase in nominal incomes would also reduce federal income taxes.
That effect would increase households’ after-tax income but would also add to
the federal deficit. In combination, the effect of price changes on the
government’s indexed benefit payments and income tax receipts would
convey an estimated $8.7 billion to households.

■ The net income received by providers of domestic offset credits. Covered
entities would spend an estimated $5.5 billion purchasing domestic offset
credits to comply with the cap. Suppliers of offset credits would receive that
amount in gross income but would incur costs to generate them. The
additional net income of suppliers of domestic offset credits would be an
estimated $2.7 billion.

Net Economywide Cost
Taking into the account the gross cost associated with complying with the cap
($110 billion); the allowance value that would flow back to U.S. households
($85 billion), both in the form of direct relief and indirectly through allocations to
businesses and governments (all of which would eventually benefit households in
people’s various roles as consumers, workers, shareholders, and taxpayers); and
the additional transfers and costs discussed above (providing net benefits of
$2.7 billion), the net economywide cost of the GHG cap-and-trade program would
be about $22 billion—or about $175 per household. Four factors account for that
net cost:

■ The purchase of international offset credits (about $8 billion),

■ The cost of producing domestic offset credits (about $3 billion),

■ The resource costs associated with reducing emissions (about $5 billion), and

■ The allowance value that would be directed overseas (about $6 billion).

                                                 
5 CBO estimates that, if the relative price increases triggered by the cap-and-trade program were

passed through to customers and not offset by actions by the Federal Reserve, the price level

would be 0.7 percent higher in 2020 than it would otherwise be.
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Each of those components represents costs that would be incurred by U.S.
households as a result of the cap-and-trade program but would not be offset by
income resulting from the value of the allowances or from additional payments
(such as increases in Social Security benefits) that would be triggered by the
program.

Transitional Costs
The measure of costs described above reflects the costs that would occur once the
economy had adjusted to the change in the relative prices of goods and services. It
does not include the costs that some current investors and workers in sectors of
the economy that produce energy and energy-intensive goods and services would
incur as the economy moved away from the use of fossil fuels. To be sure,
increased production of energy from non-fossil-fuel sources (such as wind or
solar) and a shift to more energy-efficient production processes would create jobs
and profit opportunities as well. However, those jobs might be in different regions
of the country or require different skills than the jobs being lost, and the profit
opportunities might arise from different types of capital; their availability would
mute but not eliminate the costs of the transition. Thus, investors would see the
value of some stocks decline, and workers would face higher risk of
unemployment as jobs in some sectors were eliminated. Stock losses would tend
to be widely dispersed among investors because shareholders typically diversify
their portfolios. In contrast, the costs of unemployment would probably be
concentrated among relatively few households and, by extension, their
communities. The magnitude of those transitional costs would depend on the pace
of emission reductions, with more rapid reductions leading to larger costs.

The magnitude of transitional costs would also be affected by international trade,
especially for goods or services that embody large amounts of GHG emissions.
The cost of producing such goods in the United States would rise under the cap-
and-trade program, thereby disadvantaging producers of those goods relative to
foreign competitors that did not face a similarly stringent program for reducing
emissions. Although large segments of the U.S. economy either do not face
significant foreign competition (for example, the electricity and transportation
sectors) or involve trade with countries that have a cap-and-trade program (the
European Union, for example), some important manufacturing industries, such as
steel, face competition from countries that do not face the costs of such a system.

At the same time, as already noted, the prices of stocks in industries that would be
expanding under a cap-and-trade program—such as renewable energy—could
rise, as would job openings in those industries. CBO expects total employment to
be only modestly affected by a cap-and-trade program to reduce GHG emissions.
Except during cyclical downturns such as the current recession, most individuals
who seek employment are able to find jobs, and a cap-and-trade program would
not greatly diminish that ability. Some regions and industries would experience
substantially higher rates of unemployment and job turnover as the program
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became increasingly stringent. That transition could be particularly difficult for
individuals employed in those industries (such as the coal industry) or living in
those regions (such as Appalachia). However, any aggregate change in
unemployment would be small compared with the normal rate of job turnover in
the economy.

Distribution of Costs Across Households in Different
Income Brackets
Estimates of the average net cost to households under H.R. 2454 do not reveal the
wide range of effects that the cap-and-trade program would have on households in
different income brackets, different sectors of the economy, and different regions
of the country. In order to provide greater insight into some of those variations,
CBO estimated the effect of the GHG cap-and-trade program on the average
household in each fifth (quintile) of the population arrayed by income.6

Net Costs and Benefits
Taking account of households’ share of the gross compliance cost and resource
costs and the relief that would flow to households either through direct rebates
and transfers or indirectly through the allocation of allowances, CBO estimates
that households in the lowest income quintile would see an average net benefit
of about $40, while households in the highest income quintile would
see a net cost of approximately $245 (see Table 2). Households in the second
lowest quintile would see added costs of about $40 on average, those in the
middle quintile would see an increase in costs of about $235, and those in
the fourth quintile would pay about an additional $340 per year. Overall, costs for
households would average 0.2 percent of their average after-tax income.

Data and Methodology
The database for the analysis was constructed by statistically matching income
information from the Statistics of Income data from the Internal Revenue Service,
households’ characteristics from the Current Population Survey reported by the
Bureau of the Census, and data on households’ expenditures from the Consumer
Expenditure Survey by the Bureau of Labor Statistics. The data are from 2006,
the latest year for which information from all three sources was available, and
thus reflect the patterns of income and consumption in that year. The data were
adjusted to 2010 levels by the estimated overall growth in population and income.

The estimated price increases for specific goods and services come from a model
of the U.S. economy that relates final prices of goods to the costs of production

                                                 
6 CBO ranks households on the basis of household income adjusted for differences in household

size. Each quintile contains an equal number of people.
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inputs. Gross costs have been distributed to households on the basis of their
consumption of those goods and services.7

CBO allocated households to quintiles on the basis of a comprehensive measure
of household income that accounts for cash and noncash income and adjusts for
household size. After-tax household income reflects the impact of federal income,
payroll, and excise taxes.

As discussed below, for this analysis, CBO did not allocate to households in
various income categories $7.2 billion of net costs incurred by federal, state, and
local governments and $5.5 billion of the value of allowances allocated to
businesses because there is no clear basis for identifying which households would
either bear those costs or benefit from the value of those allowances. With those
items excluded, the gross cost would come to approximately $770 per household,
compared with the total gross cost of $890 per household (as reported in Table 1);
the net cost used in this distributional analysis would come to $165 per household,
compared with the overall net cost of $175 (as reported in Table 1).

The Distribution of Gross Compliance Costs
The largest part of the gross cost of the program would stem from holding
allowances and purchasing offsets. Those costs would become a cost of additional
production for firms subject to the cap on emissions, which they would generally
pass on to their customers in the form of higher prices. The prices of goods and
services throughout the economy would rise on the basis of the CO2 emissions
associated with their production and consumption. Goods and services resulting in
greater emissions would have larger price increases; for example, the price of
electricity would increase more than the price of food.

Another portion of the gross cost is the resource costs of implementing the
legislation. Those resource costs would include expenditures that firms and
households made to reduce their emissions (for example, by generating electricity
from natural gas rather than from coal or by installing insulation) as well as
inconvenience costs (from driving less, for instance). CBO reports all of those
costs in dollar values and has assumed that households would bear those costs in
proportion to their consumption of goods and services that result in CO2

emissions. Thus, households that consumed relatively large shares of fossil-fuel-
intensive goods and services prior to the policy would bear the cost of either
reducing those emissions or purchasing allowances and offset credits. The

                                                 
7 For the purposes of this analysis, CBO allocated the cost of reducing all of the gases covered in

the GHG cap-and-trade program across households and governments on the basis of their

contributions to carbon dioxide emissions, which constitute more than 85 percent of those gases.
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average resource cost accounts for only about $35 of the average gross cost
increase of $770 per household.8

The gross cost would be largest in absolute terms for the average household in the
highest income quintile. High-income households consume more goods and
services than do lower-income households; consequently, they would experience
a greater increase in expenditures as those prices rose as a result of the cap on
emissions. In total, households in the highest income quintile would bear an
estimated 36 percent of the gross cost associated with the cap, and their annual
expenditures would increase by about $1,380, on average. In contrast,
expenditures would increase by an estimated $425 for households in the bottom
quintile, without any offsetting cost decreases or income transfers taken into
account.

Although the increase in out-of-pocket expenditures because of the higher prices
would be substantially larger for high-income households than for low-income
households, they would impose a larger burden—measured as a share of
income—on low-income households. That increased cost would account for 2.5
percent of after-tax income for the average household in the lowest income
quintile, compared with 0.7 percent of after-tax income for the average household
in the highest quintile. That difference occurs for two reasons: Lower-income
households consume a larger fraction of their income, and energy-intensive goods
and services make up a larger share of lower-income households’ expenditures.

The Distribution of Direct Relief to Households
About 31 percent of the allowance value would be allocated in a fairly direct
manner to U. S. households to compensate them for their increased expenditures
(see Table 1). Some of that relief is expected to be allocated across most
households in the form of a rebate on their bills for heating and cooling their
homes. Other relief would be directed at low-income households in the form of an
energy rebate or a tax credit. By CBO’s estimates, 25 percent of the direct relief
to households would go to households in the lowest income quintile and
50 percent to households in the two lowest quintiles combined. On average, the
amount of direct relief would offset 94 percent of the additional expenses that
households in the lowest quintile incurred. In contrast, the direct relief received by
households in the highest quintile would offset only 18 percent of their added
costs.

The Distribution of Allowance Value to Households via Businesses
H.R. 2454 would direct about 51 percent of the allowance value to businesses. In
addition, net income would accrue to producers of domestic offsets. CBO

                                                 
8 That $35 figure is the household portion of the $40 average resource cost for the economy as a

whole, shown in Table 1. The remaining $5 is the government portion of the resource cost

(discussed later).
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assumes that transfers to businesses (either in the form of allowances or cash)
would lead to higher profits.9 That result would be likely to occur in cases in
which the transfers reduced the fixed costs associated with producing a good or
providing a service. In general, businesses change prices in response to changes in
their variable production costs (costs that increase in proportion to the quantity of
goods or services provided) but not in response to changes in their fixed costs.
That assumption was also used by CBO and JCT in estimating of the amount of
the energy rebate and tax credit that would be provided to low-income
households.10 Increased profits, net of taxes, were allocated to households
according to their holdings of equities, which were estimated from the Federal
Reserve’s Survey of Consumer Finances. Those holdings include equity held
through mutual funds and private pension accounts.

CBO estimates that about 63 percent of the allowance value conveyed to
businesses would ultimately flow to households in the highest income quintile.11

On average, that relief would offset $885 of the additional expenses of those
households resulting from the higher prices. In contrast, households in the lowest
income quintile would receive only an estimated 5 percent of the relief targeted to
businesses—an average of $65 per household.

The Costs and Allowance Value Not Included in CBO’s Distributional
Analysis
In total, federal, state and local governments account for roughly 14 percent of
CO2 emissions through the goods and services that they purchase. As a result,
governments would incur roughly 14 percent of the gross compliance costs (the
costs of purchasing allowances and offsets and of reducing emissions), amounting
to about $15 billion. The federal government would also incur additional costs of
about $12 billion to pay for the rebate for low-income households and the energy
tax credit in excess of the allowance value allocated for those benefits, and to
                                                 
9Trade-exposed industries might not be able to increase their prices to reflect the higher costs that

they would face as a result of the cap. As a result, the cost of the cap might fall on workers and

shareholders in those industries rather than on their customers. Correspondingly, the relief aimed

at those industries (which would be linked to their level of production) would tend to offset costs

that workers and shareholders in those industries would otherwise incur. CBO assumed for this

analysis that the cost of complying with the cap would lead to price increases for those industries.

Correspondingly, CBO reflected the value of allowances allocated to those industries as offsetting

price decreases.

10 CBO assumed that allowances that were given to local distributers of electricity and natural gas

would be passed on to commercial and industrial customers as a fixed rebate on their bill. As a

result, that rebate would be retained as profits by the businesses that received them. An alternative

assumption would alter the distributional results, in part, by altering the estimated size of the

energy rebate and tax credit that low-income households received.

11 Under an alternative assumption that transfers to businesses result in lower prices, a larger share

of the benefits would flow to households in other income quintiles.
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account for the costs of higher benefits and lower taxes because of increases in the
consumer price index. The incidence of these costs would depend on the manner
in which governments chose to cover them. For example, if governments chose to
increase taxes, the cost would fall on households on the basis of their share of
federal, state, and local taxes. In contrast, if governments chose to cover the
additional expenses by cutting back on the services that they provide, the cost
would fall on households that no longer received those services. As a result of the
uncertainty about the incidence of governments’ gross compliance costs and
certain other costs, CBO did not distribute those costs across households.

On the other side of the ledger are a nearly equivalent amount of allowances and
other benefits that were not allocated to households in this analysis. Those include
about 11 percent of the allowance value that is directed to be spent by federal and
state governments in a manner that does not have a clear incidence. For example,
$5 billion would be given to state governments to fund increases in energy
efficiency and the use of renewable energy. The federal government would also
receive additional taxes from the allowances allocated to businesses and the
income received by producers of domestic offsets. Because there is no clear basis
for estimating how that value would ultimately be distributed across households
in different income quintiles, CBO did not allocate those additional government
receipts for this analysis. CBO also did not allocate the estimated $5.5 billion of
the allowance value provided to businesses through subsidies for capturing and
storing CO2 emissions from electricity generation and developing advanced auto
technologies because of similar uncertainty about the incidence of those benefits
across households.

Altogether, CBO did not distribute across household income quintiles costs and
benefits with a net contribution of $1.7 billion of the total $22 billion net
economywide cost of the cap-and-trade program (as reported in Table 1). The
undistributed costs and benefits account for about $10 of the total per-household
net cost of $175 (as reported in Table 1).

While the net cost that CBO did not distribute was relatively small, the
distributional effects of the omitted costs and benefits could be significant. For
example, if most of the omitted costs were to fall on lower-income households
while most of the omitted benefits were to fall on higher-income households, the
distributional outcomes could be significantly different than those reported in
Table 2.
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Cost of Allowances and Offsets
  Market Value of Allowances 91.4 100.0 740
  Domestic and International Offsets 13.3 n.a. 110
  Resource Costs 4.9 n.a. 40
Total Gross Cost 109.6 n.a. 890

Allocation of Allowances to Households
  Low-income rebate and tax credit -13.7 15.0 -110
  LDC residential customers -14.5 15.8 -115
Allocation of Allowances to Businesses
  Trade-exposed industries -14.1 15.4 -115
  LDC nonresidential customers -27.1 29.7 -220
  Other -5.5 6.0 -45
Allocation of Allowances to Government
  Deficit reduction -1.0 1.1 -10
  Energy efficiency and clean energy technology -6.9 7.5 -55
  Other public purposes -2.3 2.5 -20
Total -85.0 93.0 -690

Low-Income Rebate and Tax Credit Not Covered by Allowance Allocation -2.8 n.a. -25
Automatic Indexing of Taxes and Transfers -8.7 n.a. -70
Net Income to Providers of Domestic Offsets -2.7 n.a. -20
Total -14.3 n.a. -115

Low-Income Rebate and Tax Credit Not Covered by Allowance Allocation 2.8 n.a. 25
Automatic Indexing of Taxes and Transfers 8.7 n.a. 70
Total 11.6 n.a. 95

Net Economywide Cost 21.9 175

Memorandum:  Source of Net Economywide Cost
  International offsets 7.8 n.a. 65
  Production cost of domestic offsets 2.7 n.a. 20
  Resource costs 4.9 n.a. 40
  Allowance value going overseas 6.4 7.0 50
Total 21.9 n.a. 175

Source: Congressional Budget Office.

Notes:  n.a. = not applicable; LDC = local distribution companies. 
The figures in the table show the effects of the program in 2020 applied to levels of income in 2010.

Value
(Percent)

Average
Cost per

Household
(Dollars)

Additional Government Costs

Table 1. Total Cost and Average Cost of the Greenhouse-Gas Cap-and-Trade Program in H.R. 2454

Disposition of Allowance Value to Domestic Entities

Gross Costs of Complying with the Cap

Other Transfers

Total
Cost

(Billions of dollars)

Share of
Allowance



Lowest Quintile          425 -400 -65 -40
Second Quintile          555 -420 -90 40
Middle Quintile          675 -300 -140 235
Fourth Quintile          815 -245 -230 340
Highest Quintile         1,380 -250 -885 245
    All Households 770 -320 -285 165

Lowest Quintile          2.5 -2.3 -0.4 -0.2
Second Quintile          1.5 -1.1 -0.2 0.1
Middle Quintile          1.2 -0.6 -0.3 0.4
Fourth Quintile          1.1 -0.3 -0.3 0.4
Highest Quintile         0.7 -0.1 -0.5 0.1
    All Households 1.0 -0.4 -0.4 0.2

Lowest Quintile          11 25 5 -5
Second Quintile          14 25 6 5
Middle Quintile          17 19 10 28
Fourth Quintile          21 15 16 41
Highest Quintile         36 16 63 31
    All Households 100 100 100 100

Source: Congressional Budget Office.

Households are ranked by adjusted household income. Each quintile contains an equal number of people.
Households with negative income are excluded from the bottom quintile but included in the total.

Table 2. Distribution of the Costs and Financial Benefits of the Greenhouse-Gas Cap-and-
Trade Program in H.R. 2454 Among Households, by Level of Income

Notes: The figures are 2010 levels based on 2006 distribution of income and expenditures.

a. Includes allowance allocations for nonresidential customers of local distribution companies and trade-exposed 
industries.

Percentage Shares of Costs and Value

Average Dollar Cost per Household

Cost as a Percentage of After-Tax Income

Direct Relief to 
HouseholdsGross Costs 

Allocation to 
Businesses and 
Net Income to 

Domestic Offset 
Producersa Net Cost



Energy and Consumer Impacts of 
EPA’s Clean Power Plan

November 7, 2015

Prepared for the American Coalition for Clean Coal Electricity



1November 7, 2015

Contents

 Executive Summary  

 Overview of the Clean Power Plan

 NERA Methodology
– Baseline

– Compliance Scenarios

– Compliance Assumptions 

 NERA Detailed Results
– Mass-Based Scenario with Intra-State Trading Only

– Mass-Based Scenario with Regional Trading 

 Appendices
‒ Appendix 1: NewERA Model

‒ Appendix 2: Detailed Results for Rate-Based Scenario



2

Executive Summary 



3November 7, 2015

NERA Approach to Analyzing the 
Final Clean Power Plan

Scenario Trading

1 Mass-Based Intra-State

2 Mass-Based with 
Regional Trading Regional

 NERA used a state-of-the-art energy/economy model (NewERA) to 
assess the impacts of the CPP

– Impacts are measured relative to projected baseline conditions (i.e., without CPP)

– Baseline values for this analysis, including electricity demand and supply, capital costs, 
and fuel costs, are based on the AEO 2015 reference case projections 

 NERA analyzed two alternative scenarios for mass-based CPP 
compliance, differing in the extent of trading each assumes (state versus 
regional)* 

– Both scenarios identify least cost compliance from all available options within the 
assumed trading regions, including end-use energy efficiency

– Results for both are presented for two cases on whether or not some of the value of 
allowances is used to lower electricity rate impacts 

(*)  Appendix 2 provides results for a rate-based scenario
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Scenarios Include Two Assumed 
Cases for Allocating the Value of 
Allowances

 Two mass-based modeling scenarios present a range based on two assumptions 
on allocation of allowance value to electric local distribution companies (LDCs), 
which would reduce electricity system costs and thus retail electricity rates
‒ No LDC allocation: Allowances are auctioned to generators with none of the proceeds 

distributed to LDCs, and thus electricity price impacts are not reduced

‒ 50% LDC allocation: Half of allowances are auctioned to generators, with the other half 
freely distributed to LDCs and used as credit to retail rates

 LDCs set regulated retail electricity rates on the basis of net costs, including any 
allowance allocation value that is provided 
‒ Thus LDCs “pass on” allowance value to electricity customers in the form of lower rates

‒ In cost-of-service jurisdictions, providing “free” allowances to generators would have the 
same effect on electricity rates

 Note that in both cases the full value of allowances is returned to state households
– No LDC allocation: All value provided to all households via means other than lowering 

electricity rate impacts

– 50% LDC allocation: Half the value provided to households via means other than 
lowering electricity rates, and the other half of the value is provided to LDCs and thus to 
electricity consumers in the form of lower electricity rate impacts
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Key Findings

 All compliance scenarios lead to large reductions in average CO2 emissions

– Reductions range from 19% to 21% (relative to baseline emissions)

– By 2031, annual emissions are 36% to 37% lower than they were in 2005

 Energy sector expenditure increases range from $220 to $292 billion 
(spending from 2022 through 2033, brought to a present value in 2016 ) 

– Annual average expenditures increases between $29 and $39 billion/year

– Expenditures include changes in electricity generation costs (including allowance 
costs), energy efficiency costs, and increased natural gas costs for non-electric 
consumers

– Expenditures do not include potential increased costs for electricity transmission 
and distribution and natural gas infrastructure  

 Average annual U.S. retail electricity rate increases range from 11%/year to 
14%/year (relative to baseline) over the same time period

 For the overall economy, losses to U.S. consumers range from $64 billion to 
$79 billion on a present value basis over the same time period
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Energy Sector Impacts

Key Energy Impacts of Compliance Scenarios (2022-2033, 2015$) 

Source: NewERA modeling results.
Note: Present value is from 2022 through 2033, taken in 2016 using a 5% real discount rate. Annual averages and retail electricity 
rates are averages over the same period. Dollars in constant 2015 dollars. The ranges on results for each alternative trading
scenario reflect  the proportion of allowances freely allocated to LDCs, which varies from no LDC allocation to 50% LDC 
allocation.  By 2031, annual CO2 emissions are 36% to 37% lower than they were in 2005.

Baseline

Mass-Based $2,384 to $2,436 $364 to $372 12.3 to 12.6 $5.7 to $5.8 1,610 to 1,613
Change +$241 to +$292 +$32 to +$39 +1.2 to +1.6 +$0.0 to +$0.0 (428) to (425)
% Change +11% to +14% +10% to +12% +11% to +14% +0% to +1% -21% to -21%

Mass-Based with Regional Trading $2,364 to $2,408 $362 to $368 12.3 to 12.6 $5.7 to $5.7 1,637 to 1,641
Change +$220 to +$264 +$29 to +$35 +1.2 to +1.5 ($0.1) to ($0.0) (400) to (396)
% Change +10% to +12% +9% to +11% +11% to +14% -1% to -1% -20% to -19%

$333 11.1 $5.7 2,038$2,143

Present Value of 
Expenditures

Annual Average 
Expenditures

Retail Electricity 
Rate

Henry Hub Natural 
Gas Price

Total CO2 

Emissions 

PV billion$ Annual avg billion$ ¢/kWh $/MMBtu
Annual avg MM 

metric tons
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State Electricity Price Impacts

 Retail electricity prices were modeled from 2022-2033 (four model years) 
using NewERA output and other information that contributes to estimating 
cost-of-service and competitive pricing 

 State-level average electricity price increases demonstrate that many states 
could experience significant price increases relative to the baseline   

‒ 40 states could have average retail electricity price increases of 10% or more

‒ 17 states could have average retail electricity price increases of 20% or more

‒ 10 states could have average retail electricity price increases of 30% or more 

 The highest annual increase in retail rates relative to the baseline also shows 
that many states could experience periods of significant price increases

‒ 41 states could have “peak” retail electricity price increases of 10% or more  

‒ 28 states could have “peak” retail electricity price increases of 20% or more

‒ 7 states could have “peak” retail electricity price increases of 40% or more 
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Scenario ≥ 10% ≥ 20% ≥ 30% ≥ 10% ≥ 20% ≥ 30% ≥ 40%
Mass-Based 

No Allocation 37 16 9 41 24 12 3
50% Allocation 30 6 1 36 14 3 0

Mass-Based with Regional Trading
No Allocation 37 14 4 41 25 10 7
50% Allocation 31 8 0 37 15 6 2

Across Any Scenario 40 17 10 41 28 14 7

Number of States With Average 
Rate Increases

Number of States With "Peak" Model 
Year Rate Increases

State Electricity Price Impacts 

Notes: Retail electricity prices were modeled from 2022-2033 using NewERA output and other information that contributes to estimating 
cost-of-service and competitive pricing.  The average rate increase is calculated at the state-level by comparing the price under the policy 
to the price in the baseline.  The “peak” rate increase is calculated at the state-level by comparing, across model years, the percent 
increase in the price under the policy relative to the baseline price during that model year. The highest percent increase across all model 
years is the “peak” price increase. Results across any scenario include the four scenario/case combinations above. 

The CPP could potentially generate significant average and  “peak” retail 
electricity rate increases, with most states experiencing double-digit increases 

State-Level Electricity Price Increases (Relative to Baseline Prices)
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Impacts to U.S. Consumers

Differences in Total U.S. Consumption (2015$)

Source: NewERA modeling results, relative to baseline. 
Notes: Net effects on U.S. spending power, including return to households of full value of allowances, either all through means 
other than lower electric rates (no allocation case) or half through reductions in electricity rates and half through another means 
(50% LDC allocation case).

Present value of total consumption loss—reflecting reduced economic well-
being—over  the period from 2022 to 2033 ranges from $64B to $79B

Mass-Based
(No LDC Allocation)

Mass-Based with 
Regional Trading
(50% LDC Allocation)Mass-Based with 

Regional Trading
(No LDC Allocation)

Mass-Based
(50% LDC Allocation)
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Overview of Clean Power Plan
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Overview of CPP

 The CPP aims to reduce CO2 emissions from existing fossil-fueled power 
plants 

 The CPP establishes interim (2022-2029) and final (2030) statewide goals 
in three forms:

– Mass-based state goal measured in total short tons

– Mass-based state goal with a new source complement measured in total short tons

– Rate-based state goal measured in pounds per megawatt hour (lb/MWh)

 States have responsibility to implement plans to ensure that power plants 
in their states (individually or in combination with other measures) achieve 
the interim performance rates over 2022-2029 and the final goals by 2030

 States have the option to work with other states on multi-state approaches, 
including emissions trading
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Basic Elements of the CPP

Final Rule

Program Timing Starts in 2022 with “glide path” to final standards in 2030

Bases for Setting State Limits

State-specific emissions rates based on EPA’s estimates of three 
“building block” options (increases in plant efficiency, natural gas  
& renewables). Emission rate limits converted to equivalent mass 
caps if states choose that compliance scenario.  

Bases for State Compliance
Although not a “building block” for calculating state emissions 
limits, end-use energy efficiency can be used in state compliance 
plans

Trading Mechanisms Intra-state trading and well as inter-state trading

Deadline for State 
Implementation Plan September 2018, after initial submittal by September 2016

Federal Plan EPA authorized to promulgate federal implementation plan if a 
state fails to submit a plan or submits a plan that does not comply.

Source: EPA (2015). Overview of the Clean Power Plan. 
http://www2.epa.gov/sites/production/files/2015-08/documents/fs-cpp-overview.pdf.  
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NERA Methodology
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Analysis Uses NERA’s NewERA 
Model

 NewERA combines a bottom-up electricity sector 
model with a top-down model of the full U.S. 
(macro)economy

– Electricity sector model optimizes 
compliance with CPP and estimates 
electricity rate impacts and other system 
operational changes such as natural gas 
and coal usage

– Macroeconomic model incorporates 
demand response to electricity price 
changes, and natural gas and coal price 
responses to changes in fuel usage

 Economic impact analysis thus offers a 
comprehensive understanding of not just 
electricity sector compliance but also overall 
impacts on consumer spending power

 Appendix 1 provides more details on the 
NewERA model
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NERA Baseline

 NewERA model and its baseline projections are calibrated to 
the Department of Energy’s AEO 2015 reference case
– Power plant retirements were updated based on public 

announcements of firm closures as of August 2015 

 Baseline includes effects of existing environmental 
regulations, including RGGI and California AB 32
– Baseline does not reflect the possibilities of proposed or future 

regulations (similar to AEO methodology) 

 Baseline does not include the additional end-use energy 
efficiency that EPA assumes is available for CPP compliance 
– Exception is that NERA assumes California adopts end-use energy 

efficiency as part of its compliance with the AB 32 program, and thus 
these costs and demand effects are assumed to be in the baseline
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NERA CPP Compliance Scenarios

1. Mass-Based 
– State compliance with emissions targets (includes new sources)

– Intra-state trading (least-cost compliance)

– Range based on two assumed allowance allocations to LDCs

2. Mass-Based with Regional Trading
– Same as Mass-Based except six trading regions

– Regional boundaries same as EPA used in its draft Regulatory Impact 
Analysis (See Slide 32)

– Range based on two assumed allowance allocations to LDCs
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NERA Assumptions Related to CPP  
Compliance Options

1. Coal Efficiency Retrofits

– EPA assumptions on the cost and effectiveness of coal heat rate improvements 
(4.3% for the Eastern Interconnection, 2.1% for the Western Interconnection, and 
2.3% for the Texas Interconnection)

– Units undertaking unit efficiency improvements are subject to New Source Review 

2. Natural Gas Generation 

– Natural gas generation based upon least-cost generation mix using AEO 2015 
information on fuel prices and costs for alternative generation

3. Renewable Generation 

– Renewable generation based on least-cost generation mix using AEO 2015 
information on fuel prices and costs for alternative generation

4. Energy Efficiency

– Use EPA assumption on initial cost ($1,100/MWh), which NERA applies to all 
energy efficiency programs (split 50/50 between utilities and consumers)

– Use EPA assumptions on total potential for energy efficiency in each state



Detailed Results: Mass-Based 
Scenario with Intra-State Trading Only
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Impacts on U.S. Energy Markets: 
Mass-Based Scenario

Mass-based  CPP scenario leads to substantial changes in the U.S. 
energy system, including reductions in electricity generation and 

increases in electricity rates

Note: Coal retirements are cumulative from 2016-2033, with percentage change relative to baseline 2033 capacity. Other 
columns show annual average from 2022-2033.  Natural gas-fired generation includes only existing and new combined 
cycle generation.

Total Coal 
Retirements 

Through 2033
Coal-Fired 

Generation

Natural Gas-
Fired 

Generation
Total 

Generation

Delivered 
Electricity 

Price
GW TWh TWh TWh 2015 ¢/kWh

Baseline 38 1,687 1,118 4,354 11.1

No LDC Allocation 85 1,254 1,121 3,919 12.6
Change +47 (434) +3 (435) +1.6
% Change +19% -26% +0% -10% +14%

50% LDC Allocation 82 1,249 1,141 3,945 12.3
Change +45 (438) +23 (408) +1.2
% Change +18% -26% +2% -9% +11%

Annual Averages, 2022-2033
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U.S. Energy Sector Expenditure 
Impacts:  Mass-Based Scenario

Note: Present value is from 2022 through 2033, taken in 2016 using a 5% real discount rate.  Note that energy efficiency 
costs reflect the combined costs to utilities and consumers.  Costs do not include any additional transmission and 
distribution expenditures or any increased natural gas infrastructure costs  All costs are presented relative to the baseline. 

Mass-based CPP scenario leads to large increases in energy sector 
expenditures, reflecting substantial increases in costs for energy 

efficiency and allowances (particularly with no LDC allocation) that 
exceed savings from a smaller electricity system

No LDC Allocation 50% LDC Allocation

Present Value (Billion 2015$)
Cost of Electricity, Excluding EE ($128) ($111)
Cost of Energy Efficiency $268 $268
Cost of Non-Electricity Natural Gas $1 $3
Cost of Allowances $152 $80

Total Expenditures $292 $241

Changes in Energy Sector Expenditures (2015$)
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Other Energy and Consumer 
Impacts:  Mass-Based Scenario

Differences in Total U.S. Consumption 
(Billion 2015$)*

Source: NewERA modeling results. Reported each model year (every three years). 
* Consumption impacts are provided relative to Baseline scenario.

Cumulative Coal Retirements (GW)

Electricity Sector Emissions Rate (lbs/MWh)

Coal Consumption (MM Tons)



Detailed Results: Mass-Based 
Scenario with Regional Trading 
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Impacts on U.S. Energy Markets: 
Mass-Based with Regional Trading 
Scenario

Mass-based with regional trading CPP scenario leads to substantial 
changes in the U.S. energy system, including reductions in electricity 

generation and increases in electricity rates

Note: Coal retirements are cumulative from 2016-2033, with percentage change relative to baseline 2033 capacity.  
Other columns show annual average from 2022-2033.  Natural gas-fired generation includes only existing and new 
combined cycle generation.

Total Coal 
Retirements 

Through 2033
Coal-Fired 
Generation

Natural Gas-
Fired 

Generation
Total 

Generation

Delivered 
Electricity 

Price
GW TWh TWh TWh 2015 ¢/kWh

Baseline 38 1,687 1,118 4,354 11.1

No LDC Allocation 82 1,298 1,065 3,911 12.6
Change +45 (389) (53) (443) +1.5
% Change +18% -23% -5% -10% 14%

50% LDC Allocation 78 1,293 1,086 3,937 12.3
Change +41 (394) (32) (416) +1.2
% Change +17% -23% -3% -10% +11%

Annual Averages, 2022-2033
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U.S. Energy Sector Expenditure 
Impacts:  Mass-Based with Regional 
Trading Scenario

Note: Present value is from 2022 through 2033, taken in 2016 using a 5% real discount rate.  Note that energy efficiency 
costs reflect the combined costs to utilities and consumers. Costs do not include any additional transmission and 
distribution expenditures or any increased natural gas infrastructure costs . All costs are presented relative to the baseline. 

Mass-based with regional trading CPP scenario leads to large increases 
in energy sector expenditures, reflecting substantial increases in costs 

for energy efficiency and allowances (particularly with no LDC 
allocation) that exceed savings from a smaller electricity system

No LDC Allocation 50% LDC Allocation

Present Value (Billion 2015$)
Cost of Electricity, Excluding EE ($142) ($122)
Cost of Energy Efficiency $268 $268
Cost of Non-Electricity Natural Gas ($4) ($2)
Cost of Allowances $142 $76

Total Expenditures $264 $220

Changes in Energy Sector Expenditures (2015$)
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Impacts to U.S. Consumers:  
Mass-Based with Regional Trading 
Scenario

Differences in Total U.S. Consumption 
(Billion 2015$)*

Source: NewERA modeling results. Reported each model year (every three years). 
* Relative to baseline consumption

Cumulative Coal Retirements (GW)

Electricity Sector Emissions Rate (lbs/MWh)

Coal Consumption (MM Tons)
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Appendix 1:  Overview of NewERA Model
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NewERA Model

NewERA Model Structure

Electricity Sector
• Capacity
• Generation
• Retirements
• Wholesale and Delivered 

Electricity Prices
• Emissions

Other Energy Sectors
• Production
• Consumption
• Energy Prices

Economic Outputs
• GDP
• Consumption
• Employment



28November 7, 2015

NewERA Electricity Sector Model:
Overview

 Bottom-up dispatch and capacity planning model

– Unit-level information on generating units in 34 U.S. regions

– Detailed coal supply curves by coal type

– Regional electricity demand and capacity requirements

 Least-cost projection of market activity

– Satisfies demand and all other constraints over model time horizon

– Projects unit-level generation and investment decisions and regional 
fuel and electricity prices

 Data sources

– Model calibrated to U.S. Energy Information Administration’s AEO 
2015  

– Other electricity sector data from EIA, EPA, NERC, NREL, NETL, 
Ventyx Velocity Suite, and HellerWorx
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NewERA Electricity Sector Model:
Unit-Level Detail

 Represents electricity capacity and generation at the unit level
– 16 generating technologies, including renewables
– Unit physical attributes: capacity, utilization, heat rate, outages, 

retrofits, emission rate
– Unit costs: capital, fixed O&M, variable O&M, transmission and 

distribution, refurbishment

 Projects unit generation and investment decisions to minimize 
sector costs over projection period
– Available actions include retirements, new builds, retrofits, coal type 

choice (for coal units), and fuel switching
– Units will retire if they cannot remain profitable
– Units can also be forced to take certain actions at specified times, or 

given a choice to act or retire
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NewERA Electricity Sector Model:
Fuel Supply

 Model represents supply of five fuels: coal, natural 
gas, oil, biomass, and uranium

 Detailed supply curves for 23 coal types
– At each “step” on supply curve, provides price, annual 

production limit, and total coal reserves available at that price 

– Transportation matrix determines coals that can be delivered 
to each unit and the cost of delivery

– Coal units assigned an initial coal type, but can incur a capital 
costs to switch to other coal types when reasonable
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NewERA Electricity Sector Model:
Electricity Demand

 Demand by region for 34 
U.S. regions

 25 electricity demand 
“load blocks” 

– Ten in summer and five 
each in winter, spring, 
and fall

– Reflects peak vs. off-
peak demand in each 
season

 Regional “reserve 
margins” based on peak 
demand

– Regions required to 
have capacity in excess 
of peak demand for 
system reliability
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NewERA Electricity Sector Model:
Regional Emission Trading Regions

 Regions for the mass-
based scenario with 
regional trading are 
based on the six 
regions developed by 
EPA in its RIA for the 
proposed Clean Power 
Plan
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NewERA Electricity Sector Model:
Model Solution

 Model is required to meet many electricity market and 
regulatory constraints
– Regional demand, reserve capacity requirements, fuel 

availability, forced retrofits, RPS or emissions regulations

– Flexible to a variety of user-specified constraints, from unit-
specific actions to market-wide regulations

 Finds the least-cost way to satisfy all constraints
– Uses perfect foresight of market conditions

– Chooses investments and operation of units to minimize 
present value of costs over the entire model period
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NewERA Electricity Sector Model:
Model Outputs

 Model period 2016 – 2037 with outputs for 
every 3rd year (flexible to user specification)

 Unit-level and regional activity
– Generation, investments in retrofits or 

capacity, retirements, operational costs, and 
revenues from generating and capacity 
services

 Regional prices
– Minemouth and delivered coal, non-coal fuels, 

wholesale electricity, capacity, renewable 
energy credits, and emissions credit where 
applicable

– Separate cost-of-service calculation reflects 
delivered prices in regulated jurisdictions

INPUTS
• Unit-level characteristics
• Detailed coal supply
• Regional demand
• Regulatory environment

NewERA Model

OUTPUTS
• Load and dispatch
• Other unit actions
• Prices (fuel, electricity, 

capacity, tradable permits)
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The Comprehensiveness and 
Flexibility of the NewERA Model is 
Well Suited to Modeling the CPP 
 NewERA models CO2 emission rates or mass-based caps at national, 

regional, state, or other aggregation level, accounting for changes in 
standards over time

 Includes an option for coal efficiency “upgrades”

– The cost and availability can be varied by unit

 Models end-use energy efficiency as an economic decision within the 
model

– Cost and availability of end-use energy efficiency are among  the most 
significant modeling uncertainties

 Includes full suite of state options for new renewables

 Captures expected changes in natural gas prices based on changes in 
demand from the electricity sector

 Although this study has made simplifying alternative assumptions 
regarding state implementation of the CPP, NewERA can be used to 
develop estimates for specific implementation plans for individual states
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Appendix 2:  Detailed Results for 
Rate-Based Scenario
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Energy Sector Impacts: 
Rate-Based Scenario

Source: NewERA modeling results. 
Note: Present value is from 2022 through 2033, taken in 2016 using a 5% real discount rate. Annual averages and retail electricity 
rates are averages over the same period. Dollars in constant 2015 dollars. By 2031, annual CO2 emissions are 41% lower than 
they were in 2005.

Key Energy Impacts of Compliance (2022-2033, 2015$) 

Baseline

Rate-Based
Change
% Change

1,503
(535)
-26%

$333 11.1 $5.7 2,038

12.1
+1.1
+10%

$6.0
+$0.2

+4%

$2,143

$2,336
+$192

+9%

$358
+$25
+7%

Present Value of 
Expenditures

Annual Average 
Expenditures

Retail Electricity 
Rate

Henry Hub Natural 
Gas Price

Total CO2 

Emissions 

PV billion$ Annual avg billion$ ¢/kWh $/MMBtu
Annual avg MM 

metric tons



38November 7, 2015

Impacts on U.S. Energy Markets: 
Rate-Based  Scenario

CPP leads to major changes in the U.S. energy system under rate-based 
compliance scenario

Note: Coal retirements are cumulative from 2016-2033, with percentage change relative to baseline 2033 capacity.  
Other columns show annual average from 2022-2033.  Natural gas-fired generation includes only existing and new 
combined cycle generation.

Total Coal 
Retirements 

Through 2033
Coal-Fired 
Generation

Natural Gas-
Fired 

Generation
Total 

Generation

Delivered 
Electricity 

Price
GW TWh TWh TWh 2015 ¢/kWh

Baseline 38 1,687 1,118 4,354 11.1

Rate-Based 79 1,071 1,302 3,966 12.1
Change +41 (616) +184 (387) +1.1
% Change +17% -37% +16% -9% +10%

Annual Averages, 2022-2033



39November 7, 2015

U.S. Energy Sector Expenditure 
Impacts:  Rate-Based Scenario

CPP leads to large expenditures for energy efficiency that overwhelm 
savings from a smaller electricity system

Note: Present value is from 2022 through 2033, taken in 2016 using a 5% real discount rate.  
Note that energy efficiency costs reflect the combined costs to utilities and consumers.  All costs 
are presented relative to the baseline. 

Rate-Based

Present Value (Billion 2015$)
Cost of Electricity, Excluding EE ($95)
Cost of Energy Efficiency $268
Cost of Non-Electricity Natural Gas $19
Cost of Allowances $0

Total Expenditures $192

Changes in Energy Sector Expenditures (2015$)
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Impacts to U.S. Consumers: 
Rate-Based Scenario

Differences in Total U.S. Consumption 
(Billion 2015$)*

Cumulative Coal Retirements (GW)

Electricity Sector Emissions Rate (lbs/MWh)

Coal Consumption (MM Tons)

Source: NewERA modeling results. Reported each model year (every three years) relative to baseline consumption. 
* Consumption impacts are provided relative to Baseline scenario.
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ANALYSIS PERFORMED BY ENERGY VENTURES ANALYSIS 

EPA’S CLEAN POWER PLAN 
AN ECONOMIC IMPACT ANALYSIS



ON AUGUST 3, 2015
President Obama and the Environmental Protection Agency 
(EPA) signed the Clean Power Plan (CPP) – a controversial 

regulation intended to reduce carbon emissions from U.S. power 
plants.  As this report documents, the CPP carries significant cost 

implications for consumers, states and the nation.

• $214 billion increase in wholesale electricity prices

• Double digit wholesale electricity price increases in 46 states 

• $64 billion to replace lost power capacity serving 24 million homes

SUMMARY 

CLEAN POWER PLAN IMPACTS (BY 2030)

EPA’S CLEAN POWER PLAN | AN ECONOMIC IMPACT ANALYSIS2



THE CLEAN POWER PLAN (CPP) 

EPA claims the CPP will accelerate the momentum of carbon dioxide reductions in the U.S. by mandating 
a 32 percent reduction in emissions from the power sector below 2005 levels when the CPP is fully 
implemented in 2030.  Because these reductions will not meaningfully lower global emissions, EPA does not 
even bother to measure how the rules will improve the climate.

 
 
 
 
 
 

 

Following the release of the final rule, the National Mining Association commissioned Energy Ventures 
Analysis (EVA) to quantify the costs of the CPP to energy consumers – specifically, the costs residential, 
commercial and industrial users would incur as well as the capital investment required to meet future 
electricity demand under the CPP. 
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WHOLESALE ELECTRICITY PRICE INCREASES BY 2030

 EPA’S PROPOSAL ACHIEVES MEANINGLESS EMISSION REDUCTIONS



This analysis found that the impacts of the rule on electricity costs will be significant, with consumers paying 
an additional $214 billion for electricity between 2022 and 2030 compared to the same period without the 
CPP.  The CPP cost premium begins in 2022 at $15 billion. Forty-six states will face double digit increases in 
wholesale electricity cost when the CPP is fully implemented in 2030, with 16 states projected to experience 
a 25+ percent increase.  The analysis also examines the often-concealed, but still necessary, costs of replacing 
lower-cost power generation prematurely retired due to the CPP.  A summary of the methodology can be 
found in the Appendix. 

The CPP represents EPA’s attempt to transform the nation’s electricity system under the Clean Air Act.  In 
developing the CPP, EPA abandoned the longstanding interpretation of section 111(d) of the Clean Air Act. 
Rather than set an emission standard based upon what available technology could achieve at individual power 
plants, EPA constructed a hypothetical electric grid that would yield the level of carbon dioxide emission 
reductions the administration wants.  As a result, the standard set by EPA cannot be met by any existing plant 
in the coal power generation fleet—an outcome carrying significant implications considering coal generation 
has historically been the largest source of the nation’s base load (24/7) electricity generation and remains so 
today. 

The CPP mandates specific emission reduction targets for each state that many state officials have testified 
they will not be able to reach.  As this analysis shows, efforts to reach the targets will be extremely costly for 
families and businesses. 

CUMULATIVE WHOLESALE ELECTICITY PRICES ATTRIBUTIBLE TO CPP
(IN 2015 DOLLARS)
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COST OF CPP: $214B
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TRENDS IN WHOLESALE ELECTRICITY PRICES UNDER THE CPP - 2022 AND 2030
WHEN COMPARED TO BASE CASE

AL 11 24
AR 11 23
AZ 5 12
CA 3 9
CO 12 19
CT 7 16
DE 12 23
FL 6 20
GA 10 23
IA 13 25

NV 8 13
NY 8 18
OH 15 31
OK 13 25
OR 7 13
PA 13 26
RI 6 16
SC 11 24
SD 12 24
TN 13 27

STATE   ‘22 (%)  ‘30 (%)  

SIXTEEN STATES 
FACE 25+% 
WHOLESALE 
ELECTRICITY 
PRICE INCREASES

ID 10 17
IL 13 27
IN 13 27
KS 13 25
KY 13 27
LA 11 23
MA 6 16
MD 13 29
ME 5 11
MI 13 27

MN 13 25
MO 13 26
MS 10 23
MT 9 15
NC 11 24
ND 12 24
NE 12 24
NH 5 15
NJ 12 24
NM 7 10

TX 9 19
UT 11 12
VA 14 28
VT 5 15
WA 7 13
WI 13 27
WV 15 30
WY 14 19

STATE   ‘22 (%)  ‘30 (%)  STATE   ‘22 (%)  ‘30 (%)  STATE   ‘22 (%)  ‘30 (%)  STATE   ‘22 (%)  ‘30 (%)  

0-24% WHOLESALE 
ELECTRICITY PRICE 
INCREASES

25+% WHOLESALE 
ELECTRICITY PRICE 
INCREASES
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“The proposal could significantly raise electicity prices harming the 
competitiveness of Utah’s industry and economy. Consumers will face higher 

utility costs, disproportionately affecting lower-income and rural families.”

- Gary Herbert, Governor of Utah



A $214 BILLION PRICE TAG
 
Environmental Protection Agency (EPA) Fails to Capture Full CPP Costs

EVA examined the consumer economic impact of the CPP by modeling several key metrics for the lower 
48 states. In addition to wholesale price profiles, EVA calculated the cumulative capital investment required 
to meet future electricity demand against a base case without the CPP.  EVA calculated a carbon price 
or penalty that would reach the carbon emissions reductions that EPA set for each state based on mass 
emissions targets.  The shift from low-cost coal generation to higher-cost natural gas generation will 
increase the power sector natural gas demand significantly.  In combination with non-power sector natural 
gas demand (e.g. industrial feedstock, proposed LNG exports), which will be higher than EPA estimated, 
EVA expects a higher increase in natural gas prices than those assumed by the EPA. 

The findings of this analysis suggest EPA has substantially understated the CPP’s costs to consumers in at 
least three ways:  

• First, EPA fails to acknowledge the higher cost of natural gas required to substitute for the coal-
generation displaced in base load power.   

• Second, EPA fails to recognize the cost impact on natural gas customers outside the power sector. 

• Third, EPA does not fully account for the cost consumers will pay for power generation and 
transmission infrastructure necessary for replacing the coal generation that will be prematurely retired 
by the rule.

In sum, EPA underestimates the penalty consumers will pay to replace lower cost coal electricity 
generation with higher cost and more variable sources of power.  There are substantial cost implications 
for replacing lost generating capacity that are unaccounted for in EPA’s rule. 

Impact on Nationwide Wholesale Electricity Prices 
 
EVA estimates that, based on average annual wholesale power price projections, electricity customers will 
see a 21 percent increase in their power bill compared to what they would have paid without the CPP in 
2030.  This represents a nationwide increase of approximately $214 billion over the non-CPP base case. 
Added to this total will be the projected $64 billion cost to replace an estimated 41 gigawatts (GW) of 
power plant capacity forced to close prematurely by the CPP.  This wholesale cost too will eventually be 
passed on to ratepayers.

For example, wholesale electricity prices are expected to climb 23 percent in Arkansas, 27 percent in 
Illinois, 25 percent in Iowa, 24 percent in Nebraska and 31 percent in Ohio. 

The wholesale price increases result from adding a carbon penalty (i.e. price) to the cost of dispatching 
electricity that is sufficient to displace lower cost coal electricity generation in the amount necessary to 
achieve EPA’s emissions reduction targets. Most natural gas capacity will also pay a carbon penalty to cover 
their lower CO2 emissions. 
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THE COST OF NEW REPLACEMENT POWER CAPACITY THROUGH 2030 
(IN MILLIONS)

CAPITAL INVESTMENT 
REQUIRED 

STATES THAT WILL 
NOT REQUIRE 
CAPITAL INVESTMENT

TOTAL COST OF COMPLIANCE: $64.4 BILLION 
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“[W]e can clearly see higher costs to Kansans in the premature retirement of 
generating units, increased use of higher variable cost natural gas generation 

and increased costs for transmission investment. KETA finds it difficult to 
accept EPA’s hard-to- measure, largely intangible benefits as justification for 

tangible and substantial cost increases.” 

- Kansas Electric Transmission Authority Members 



Impact on Electricity Generation 

EVA’s analysis projects the CPP will cause the closure of 41 GW of coal-based generating capacity, with 
some plants closing after 2022 as the rule becomes stricter.  The 41 GW lost is enough capacity to serve 
about 24 million homes, or nearly three times the needs of Texas.  The CPP is expected to displace 40 
percent of total coal generation.

Impact by Sector

The consequences for costs are evident in the looming price increases for electricity. EVA’s analysis 
projects that by 2030, when the CPP is fully implemented, the wholesale price for electricity will spike 
electricity prices nationwide by 21.2 percent above the non-CPP base case. 

Commercial and industrial consumers of electricity will naturally experience the same price increases, 
which are likely to be passed on to consumers in increased prices for goods and services. Furthermore, the 
greater natural gas demand by the power sector will increase natural gas prices that will be felt beyond the 
power sector. Residential, commercial and industrial natural gas consumers’ bills would increase by $6-8 
billion/year under the EPA Clean Power Plan to recover higher gas commodity purchase prices.  In addition, 
if the industry requires additional investment in pipeline capacity to meet the power sector’s growing gas 
demand, these costs would also be passed onto consumers.     

Impact on Capital Investment  

The CPP will impose an additional cost on consumers that is often overlooked: the price of major capital 
investments necessary to meet the emission targets set by EPA. These investments – for transmission 
and energy infrastructure – will ultimately figure into the economics of every state and every consumer’s 
utility bill. In short, when an electric utility makes the investment to build new generating capacity and 
the required infrastructure to replace operating plants, those costs in most every scenario are eventually 
passed along to the consumer. 

EVA estimates that cumulative costs for new generation capacity associated with compliance nationally will 
reach just over $64 billion by 2030.  This major capital investment will be required as operational power 
plants are forced to retire prematurely in order to meet the strict emissions targets – and timeline – set by 
the CPP.  The substantial replacement cost will, of course, be passed through to consumers. 

 “The proposed emissions reductions will be impossible for Arizona’s rural 
Electric Cooperative members to attain. The impact to the citizens of this 

state and the economy cannot be overstated.” 

- David Gowan, Arizona House of Representatives Speaker-Elect
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Significant Costs Justify Concerns 

Concerns about increased consumer prices in the wake of the CPP’s implementation have prompted more 
than half of the states to take legal action to stop the implementation of the CPP in court. Many states have 
explicitly cited as their chief objection the fact that “citizens will be forced to pay higher energy bills as power 
plants shut down.” The Federal Energy Regulatory Commission (FERC), Energy Information Administration 
(EIA) and several regional transmission organizations have also acknowledged that the CPP will lead to higher 
rates and associated costs. The findings in this analysis demonstrate that these and related concerns expressed 
by a wide range of elected and appointed officials are well founded. 

CLEAN POWER PLAN IMPACTS (IN 2015 DOLLARS)

US Wholesale Electricity Price Increase above the baseline (No CPP)
2022 – 10%
2030 – 21% 

US Wholesale Electricity Price Increase ($2015 billion/yr.)
2022 – $15b
2030 – $32b   

Incremental Cumulative Power Capital Investments 
2022 – $7.5b
2030 – $64b 

Natural Gas Prices ($/mBtu)
Today – $2.85
2022 – $4.40

 2030 – $5.95*   
*A 208% increase above today’s NG price
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CONCLUSION 

With the CPP,  the Obama Administration and EPA have set state targets for reducing carbon dioxide 
emissions from the nation’s existing fleet of power plants.  The cuts are ambitious and carry economic 
consequences for consumers and industry that have not been fully acknowledged by EPA.  These costs will 
be borne by states and their citizens well before the initial deadline for meeting the rule’s emission targets. 

The EVA analysis confirms and quantifies these costs and consequences, shedding needed light on EPA’s 
costly power plan that forces Americans to forfeit their low cost electricity to serve EPA’s purpose of 
transforming the nation’s electric grid.  The analysis shows that, whatever benefits EPA claims, the financial 
impact of the CPP for all consumers of electricity will be significant and should be carefully weighed as 
states consider how to proceed. 
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“South Dakota ratepayers are penalized for merely living in the 
same state as affected EGUs [electric generating units] while their 

actions are not connected with, and thus have no effect on, affected 
EGU emissions in the state.”

- Brian P. Rounds, South Dakota Public Utility Commission 



APPENDIX

EPA’S CLEAN POWER PLAN | AN ECONOMIC IMPACT ANALYSIS



METHODOLOGY

For this study, EVA evaluated the state mass-based limitations, including new unit complement, in EPA’s Final 
Clean Power Plan assuming no interstate trading (similar to EPA’s modeling assumption) - using one of the 
six approved state alternatives (see below).  The EPIS AURORA economic dispatching model was used to 
determine the lowest system cost compliance mix, calculate the state annual carbon penalties, aggregate 
unit fossil fuel demand to project final annual fuel prices using EVA’s natural gas/regional coal supply curves 
and provide hourly wholesale power prices by energy trading hub and state. Not only does this economic 
dispatching approach depict more accurately how the US electric power system works than the ICF Integrated 
Planning Linear Programming Model used by EPA, but it also can provide more detailed disaggregated 
information for assessing the program impacts on individual states and companies.  

Figure 1 EPA State Implementation Plan Options under the Final Clean Power Plan (Source: EPA)
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The EVA study has made several assumptions that are important to understanding and using its final results.  
These assumptions and modeling limitations include: 

• All affected sources will be able to plan, permit, finance and implement their compliance plans by 2022.  This 
final rule is being litigated in the US Court of Appeals and it is uncertain if the challengers will be successful 
in winning a stay while awaiting a final decision. Many believe that their decision will be appealed to the 
US Supreme Court and it may not be until 2018-2019 before the litigation is finally decided. After passing 
through litigation, states will need time to develop their implementation plans, pass them through public 
comment and submit to EPA for their final review and approval.  After which, affected utility sources will 
need time to plan, permit, finance and implement their compliance plans. Given it takes 5-8 years to build 
new replacement generation capacity, and often more than 10 years to build transmission capacity, this 
study’s assumption that all the replacement capacity and new renewable capacity builds will be online by 
2022 would be optimistic if litigation takes a long time to resolve.      

• This study focused on a state mass-based limitation including new unit complement with no inter-state 
trading. Should states elect to pursue a rate-based limitation and/or participate in inter-state trading 
programs, the lowest cost resource compliance plan would likely be different.  

• This study, like prior published studies, calculated the lowest cost state compliance strategy assuming 
perfect unlimited intra-state trading and no carryover banking.  In prior emission allowance trading 
programs (e.g. Title IV Acid Rain, Annual NOx, Seasonal NOx) many sources have elected not to participate 
in trading programs which in turn would change the projected state outcome.  Allowance banking can and 
will have significant effects on utility compliance plans that are not captured in this study. Finally, several 
affected utilities may elect to more aggressively pursue lower cost options to protect their market share. 
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